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FOREWORD

ASME Performance Test Code 6 on Steam Turbines (PTC 6-1996) states that numerical
examples of corrections to test performance for the effect of deviations of operating condi-
tions from those specified are given in a separate publication of the PTC 6 Committee.
This Appendix, PTC 6A, Sample Calculations, fulfills the Committee’s obligation as stated
in the Code.

The 1996 version of the Steam Turbines (PTC 6) incorporates the Interim Test Code for
an Alternative Procedure for Testing Steam Turbines (PTC 6.1-1984) with the 1976 version
of the Test Code. This Appendix provides sample calculations using both methods for a
reheat regenerative cycle turbine. In addition, sample calculations have been added for
a non-reheat regenerative cycle turbine, an automatic extraction condensing cycle turbine,
a refurbished low pressure turbine, and determination of the coefficient of discharge of a
throat-tap nozzle. Instrumentation listed has been updated to reflect those currently used.

This newly revised Appendix to the Test Code, now named Appendix A to Test Code
for Steam Turbines, PTC 6A-2000, was approved by the Board on Performance Test Codes
on July 14, 2000.

It was approved as an American National Standard by the Board of Standards Review
on November 17, 2000.

All ASME codes are copyrighted, with all rights reserved to the Society. Reproduction
of this or any other ASME code is a violation of Federal Law. Legalities aside, the user
should appreciate that the publishing of the high-quality codes that have typified ASME
documents requires a substantial commitment by the Society. Thousands of volunteers
work diligently to develop these codes, participating on their own or with a sponsor’s
assistance to produce documents that meet the requirements of an ASME consensus
standard. The codes are very valuable pieces of literature to industry and commerce, and
the effort to improve these ‘living documents’ and develop additional needed codes must
be continued. The monies spent for research and further code development, administrative
staff support, and publication are essential and constitute a substantial drain on ASME.
The purchase price of these documents helps offset these costs. User reproduction under-
mines this system and represents an added financial drain on ASME. When extra copies
are needed, you are requested to call or write the ASME Order Department, 22 Law Drive,
Box 2300, Fairfield, New Jersey 07007-2300, and ASME will expedite delivery of such
copies to you by return mail. Please instruct your people to buy required test codes rather
than copy them. Your cooperation in this matter is greatly appreciated.
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NOTICE

All Performance Test Codes MUST adhere to the requirements of PTC 1, GENERAL INSTRUCTIONS. The
following information is based on that document and is included here for emphasis and for the convenience of
the user of this Code. It is expected that the Code user is fully cognizant of Parts | and Il of PTC 1 and has read
them prior to applying this Code.

ASME Performance Test Codes provide test procedures which yield results of the highest level of accuracy
consistent with the best engineering knowledge and practice currently available. They were developed by
balanced committees representing all concerned interests. They specify procedures, instrumentation, equipment
operating requirements, calculation methods, and uncertainty analysis.

When tests are run in accordance with this Code, the test results themselves, without adjustment for uncertainty,
yield the best available indication of the actual performance of the tested equipment. ASME Performance Test
Codes do not specify means to compare those results to contractual guarantees. Therefore, it is recommended
that the parties to a commercial test agree before starting the test and preferably before signing the contract
on the method to be used for comparing the test results to the contractual guarantees. It is beyond the scope of
any code to determine or interpret how such comparisons shall be made.
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APPENDIX A TO PTC 6, THE TEST CODE FOR STEAM TURBINES

ASME PTC 6A-2000

SECTION 1 — INTRODUCTION

(a) This Appendix has been prepared to facilitate
the calculation and correction of turbine test results
by furnishing numerical examples of the procedures
outlined in The Performance Test Code on Steam Tur-
bines (PTC 6-1996). The feedwater heating cycles and
gland leakoff systems have been simplified by
avoiding unnecessarily long or repetitive calculations
while still demonstrating the basic principles in-
volved. Section 3 of this Appendix gives general guid-
ance for making these calculations and comparisons
to specified performance.

(b) Throughout this publication, the assumptions
regarding turbine performance and the numerical val-
ues of corrections are hypothetical and should not be
considered applicable to any particular unit.

(c) Except with written agreements to the contrary,
the latest edition of the ASME Steam Tables, Thermo-
dynamic and Transport Properties of Steam and its
enthalpy-entropy diagram (Mollier chart), shall be
used in the calculation of test results. When computers
are used, they may link to compiled versions of the
source code as supplied with the steam tables. As of
January 1999 a new set of steam properties formula-
tions, referred to as IAPWS IF-1997, became the inter-
national standard for calculations in the power indus-
try. The IF-1997 formulations now supersede the IFC-
1967 formulations that were used for the preceding
three decades.

Steam turbine performance tests based on heat
balances utilizing the IFC-1967 formulations, no

matter when conducted, must still use the IFC-1967
formulations.

The numerical examples in this document are
based on the use of the IFC-1967 formulations, as
they merely demonstrate a computational procedure.
In actual tests, the users must decide on the formula-
tions appropriate for their circumstances.

(d) It is ASME policy that “all works, papers, and
periodicals published by the Society shall require units
to be in the International System (SI).” In response to
that policy, all results are shown in both units, and a
calculation example of a complete expansion con-
densing turbine is provided in U.S. Customary units
(Section 6) and S| units (Section 6a).

(e) Performance Test Code 6 on Steam Turbines
(PTC 6-1996) is the basic reference for this Appendix
and will be termed “the Code” in further references
herein. Reference should also be made to the ASME
Performance Test Code Supplements on Instruments
and Apparatus (PTC 19 Series) for guidance in the
selection, installation, and use of instrumentation.

(f) The numerical calculations shown in Sections
6 through 13 in this Appendix have been computed
in sufficient detail to illustrate the technique involved.
In many instances, intermediate steps that lead to the
final answer have been included using assumed
guidelines for roundoff and number of significant fig-
ures. The reader is cautioned that the use of different
guidelines or computational procedures may result in
slightly different values but should have negligible
effect on the results of a test.
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APPENDIX A TO PTC 6, THE TEST CODE FOR STEAM TURBINES

ASME PTC 6A -2000

SECTION 2 — DEFINITIONS AND DESCRIPTION
OF TERMS

The following symbols are to be used unless otherwise defined in the text. For additional definitions and

terms see PTC 2.

2.1 SYMBOLS

Units
Symbol Definition U.S. Customary Sl
A Area in.2 m?
d Primary element throat diameter in. m
D Pipe internal diameter in. m
F Force Ibf N
g Local value of acceleration due to gravity ft/sec? m/s?
8o Dimensional conversion constant = Ibmft/Ibfsec? mkg/Ns?
32.174 05 Ibmft/lbfsec? (9.80665 mkg/Ns?).
This is an internationally agreed upon value
that is close to the mean acceleration due to
gravity at 45 deg N latitude at sea level.
h Enthalpy Btu/lbm ki’kg
J Mechanical equivalent of heat (1 Btu Btu )
77817 ft Ibf = 1/3,412.142 kWhr)
M Moisture fraction, 1-(x/100) ratio ratio
m Mass Ibm kg
N Rotational speed rpm rad/s
P Power kW or hp kw
P Pressure psia kPa
s Specific entropy Btu/lbm°R kl/kgK)
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Units
Symbol Definition U.S. Customary Si
t Temperature °F K
°C [Note (1)]
T Absolute temperature °R K
Vv Velocity ft/sec m/s
v Specific volume ft3/lbm mikg
w Rate of flow lbm/hr kg/s
X Quality of steam percent percent
B Beta ratio, d/D ratio ratio
7 Efficiency percent percent
p Density Ibrm/ft? kg/m?
¥ weight Ibf/ft? N/m?
NOTE:
(1) These are tolerated non-S! units.
2.2 ABBREVIATIONS
Units
Abbreviation Term U.S. Customary p”
HR Heat rate Btu/kWhr )i
Btu/hp-hr kI/kWh [Note (1)]
SR Steam rate lbm/kWhr kg/kl
lbm/hp-hr kg/kWh [Note (1]
NOTE:

(1) These are tolerated non-SI units.
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2.3 SUBSCRIPTS

Abbreviation Term

g Generator

r Rated condition

c Corrected

5 Specified operating condition, if other than rated

t Test operating condition

1 Condition measured at a point directly preceding the turbine stop valves and steam strainers, if furnished under the
turbine contract

2 For turbines using superheated steam: condition at turbine outlet connection leading to the first reheater. For turbines
using predominantly wet steam: condition at turbine outlet connection leading to external moisture separator,

3 For turbines using superheated steam: condition downstream of the first reheater, measured at a point directly preceding
the reheat stop valves, intercept valves, or steam dump valves, whichever are first, if furnished under the turbine contract
[Note (1)]. For turbines using predominantly wet steam: condition at external moisture separator outlet.

4 For turbines using superheated steam: condition at turbine outlet connection leading to the second reheater. For reheat
turbines using predominantly wet steam: condition downstream of the reheater, measured at a point directly preceding
the reheat stop valves, intercept valves, or steam dump valves, whichever are first, if furnished under the turbine contract
[Note (1)].

5 For turbines using superheated steam and two stages of reheat: condition downstream of the second reheater, measured
at a point directly preceding the reheat stop valves, intercept valves or steam dump valves, whichever are first, if
furnished under the turbine contract [Note (1)].

6 Condition at turbine exhaust connection

7 Condition at condenser-condensate discharge

8 Condition at condensate pump discharge

9 Condition at feedwater pump or feedwater booster pump inlet

10 Condition at feedwater pump discharge

) Condition at the discharge of the final feedwater heater

al Superheater desuperheating water

a2 First reheater desuperheating water

a3 Second reheater desuperheating water

cl Condenser circulating water leakage

E Extraction steam

e Make-up water admitted to the condensate system

p1 Packing leak-off (shaft or valve stemns)

Sequence

GENERAL NOTE: The subscripts in this section apply only to Fig. 2.1.

NOTE:

(1) It may be necessary to correct for pressure drop in piping between reheat or low pressure stop valves, intercept valves, steam dump
valves, and turbine shell if such piping is not furnished under the turbine contract.
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2.4 DEFINITIONS
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Term

Definition

Units

us.
Customary

Sl

Steam rate

Heat rate

Valve-loop curve

Mean of the valve loops

Valves wide open (VWO)

Valve points

Locus curve

Power

Steam consumption per hour per unit output in which
the turbine is charged with the steam quantity supplied.

Heat consumption per hour per unit output. The turbine
is charged with the aggregate enthalpy [Note (2)] of the
steam supplied plus any chargeable aggregate enthalpy
added by the reheaters. It is credited with the aggregate
enthalpy of feedwater returned from the cycle to the
steam generator. Turbine-generator performance may be
defined on the basis of the gross power output at the
generator terminals less the power used by the minimum
electrically driven turbine auxiliaries and excitation
equipment, supplied as part of the turbine-generator unit,
required for reliable and continuous operation.

The continuous curve of actual heat rate for all values
of output over the operating range of the unit.

For partial admission turbines, a smooth curve which
gives the same load-weighted average performance as

the valve-loop curve.

Maximum control valve opening obtainable under nor-
mal turbine control system operation.

Valve positions that correspond to the low points of the
valve-loop curve.

The continuous curve connecting the valve points.

The useful energy, per unit of time, delivered by the
turbine or turbine-generator unit.

Ibm/kWhr
Ibm/hp-hr

Btu/kWhr

Btu/hp-hr

hp-hr/hr or
kWhr/hr

kg/kl
kg/kwWh [Note (1)]
kg/k)
kg/kWh [Note (1)]

7]
k)/kWh [Note (1)]
1]
kl/kwh [Note (1)]

kWh/hr

NOTES:

(1) These are tolerated non-Sl units.

(2) Aggregate enthalpy: Product of enthalpy, Btu/lbmikl/kg) and flow rate, Ibm/hrikg/h); Btu/hr(k)/h).
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Quantity SI Units Conversion Factor
Heat rate 1 2.9307 x 10~ x (Btu/kWhr)
klI/kwh [Note (1)] 1.05506 x (Btu/kWhr)
Steam rate kg/k) 1.260 x 1074 x (Ibm/kWhr)
kg/kwh [Note (1)] 0.4536 x (Ibm/kWhr)
Mass flow rate kg/s 1.260 x 107* x (Ibm/hr)
Pressure kPa 6.8948 x (psi)
bar [Note (1)] 0.068948 x (psi)
Temperature K (°F + 459.67)/1.8
°C [Note (1)] (°F - 32)/1.8
Differential
temperature K °F/1.8
Density kg/m?3 16.018 x (lbm/ft?)
Enthalpy ki/kg 2.3260 x (Btu/lbm)
Entropy k)/(kgK) 4.1868 x (Btu/Ibm°R)
Specific heat kl/(kgK) 4.1868 x (Btu/lbm°R)
Length m 0.3048 x (ft)
Area m? 0.092903 x (ft?)
Volume m? 0.028317 x (ft?)
Velocity m/s 0.3048 x (ft/sec)

GENERAL NOTE: For temperature differentials “K” must be used.

NOTE:

(1) This value is a tolerated non-SI unit.
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SECTION 3 — GUIDANCE FOR A COMPARISON OF
TEST RESULTS

3.1 INTRODUCTION

Section 5 of the Code contains a general descrip-
tion of the computation of test performance for the
various types of turbines. It recognizes the necessity
to correct test performance for the effect of deviations
from specified operating conditions so the as-tested
turbine performance can be compared to the design
or specified turbine performance on the basis of
equivalent cycle and steam conditions. Reference
to this Appendix for numerical examples of the
corrections involved is made in para. 5.1 of the
Code.

The purpose of this Section is to provide a better
understanding of the numerical examples by describ-
ing how the corrections to test results are made.

3.2 CORRECTION OF THE TEST RESULTS TO
SPECIFIED CONDITIONS

This procedure corrects the test performance for
the influence of off-design steam and cycle condi-
tions so that the test turbine performance can be
compared to the specified turbine performance on
the basis of an equivalent cycle. The calculated test
performance is recalculated, substituting specified
steam and cycle conditions for test steam and cycle
conditions while maintaining test turbine efficiency.
The corrected test cycle is now comparable with the
specified cycle. The specified performance remains
unchanged, which is particularly appropriate when
the specified performance is associated with a turbine
performance guarantee.

Some of the steam and cycle conditions that are
apt to differ from specified values during a test of
a fossil-fueled unit, despite efforts to influence the
controllable ones, are as follows:

(a) Controllable items

(1) Pressure of steam supplied to the turbine

(2) Temperature of steam supplied to the turbine

(3) Temperature of reheated steam returned to
the turbine

(4) Low pressure turbine exhaust pressure (un-
controllable if higher than the specified value)

(5) Make-up feedwater flow rate
(b) Uncontrollable Items
(1) Pressure drop of steam through the reheater
system(s)
(2) Reheater desuperheating water flow rates
(3) Superheater desuperheating water flow rate,
of no concern if taken downstream from the top heater
(4) Steam flow rate for some auxiliary uses
(5) Extraction line pressure drops and heat losses
(6) Feedwater heater terminal temperature differ-
ences
(7) Feedwater heater drain-cooler-approach dif-
ferences
(8) Feedwater enthalpy rise through condensate
and feedwater pumps
(9) Cycle losses (usually assumed to be zero in
design)
(10) Additional uncontrollable items for units
operating predominantly in the moisture region are
(a) Moisture content (percent) of the steam
supplied to the turbine
(b) Temperature of the reheated steam re-
turned to the turbine
Each of these items has some degree of influence
on measured turbine performance, making the use
of appropriate corrections necessary.
It should be noted that the reheat temperature of
a light-water-moderated reactor unit influences the
position of the low pressure turbine expansion line
and, therefore, the amount of moisture existing in
the blade path. A correction for deviation from
specified reheat temperature is appropriate only to
the extent that the test reheat temperature has been
affected by differences from specified values of pres-
sure drop in the heating steam supply line to the
final stage reheater, assuming that the reheater has
been supplied as a part of the turbine-generator
contract. An appropriate correction for the effect of
pressure drop differences can be made when drawing
the expansion line for the heat balance used to
determine the Group | corrections. This correction
is applied by changing the test efficiency of each
separate expansion (between extraction points) by
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1% for each 1% change in average moisture in that
expansion. The change referred to results from the
difference between the specified and test values of
pressure drop. To make use of this correction, it is
necessary to calculate and draw the individual group
expansion lines using test data and then calculate
and draw the new expansion lines for the specified
heat balances, starting at the revised low pressure
inlet state point corresponding to the specified value
of pressure drop in the heating steam supply line.
The assumption is made that the shift in the position
of the expansion lines is small enough to cause
an imperceptible change in water removal at the
extraction points.

After application of these corrections, the test
performance is free from all influence of steam
and cycle conditions and therefore differs from the
specified performance only in the level of turbine
efficiency. If the main purpose in conducting the
tests were to determine the difference between test
and specified turbine efficiency (perhaps expressed
as heat rate or steam rate), a procedure that properly
takes into account the factors just described would
provide a means of achieving the purpose.

The calculation method used in Section 8 (reheat-
regenerative unit) illustrates the conventional method
of making the cycle correction heat balance, based
on the test heat balance for a fossil-fired unit. In
succession, heat rate C, B, and D are obtained as
illustrated in Fig. 3.1. Heat rate C is the test heat
rate at test steam and cycle conditions. Heat rate B
is heat rate C corrected to specified cycle conditions
(Group 1 corrections). Heat rate D is heat rate B
further corrected to specified steam conditions
(Group 2 corrections). Heat rate D for a series of

10

CYCLE CORRECTIONS

test runs conducted at valve points over the load
range forms a locus line that can be compared
directly to the locus of expected points as described
in the next paragraph.

it is not essential that heat rate D be obtained in
the C, B, D sequence shown. It is also possible that
one would like to apply the Group 2 correction to
heat rate C, omitting the calculation of the Group
1 correction. When doing this for a series of points,
it is important to remember that differences in cycle
conditions will make them less than completely
comparable with each other and, of course, will
make them unsuitable for comparing with a guar-
antee.

As stated in para. 3.13.2 of the Code, when the
specified performance is based on valve points,
two locus lines should be drawn, one through the
corrected test points and the other through the
specified points. The test results may then be com-
pared by reading the differences between the two
locus curves at the specified kilowatt load, as illus-
trated by points E and F in Fig. 3.1.

The following guidance relates to the test of a
light-water-moderated reactor unit when the turbine
has a single valve or multiple valves operating in
unison and the electrical output guarantee is made
at a given reactor heat output. It is highly unlikely
that a good faith effort would result in the test being
run at exactly the specified reactor output. If the
reactor output during the test is somewhat smaller
(by less than 1%), it is permissible to ratio the
electrical load up in proportion to the shortage in
reactor power if it is verified that the turbine inlet
valves are capable of sufficient further opening to
pass the required amount of additional steam.
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SECTION 4 — FLOW MEASUREMENT BY THE
ENTHALPY-DROP METHOD

4.1 OVERVIEW

This method of determining throttle steam flow is
applicable only to non-condensing or back-pressure
turbines having a flow at rated output of not less than
50,000 Ibm/hr and with other operating conditions
as stated in para. 4.15.1 of the Code. The enthalpy
drop method determines the throttle steam flow from
a heat balance around the turbine-generator unit
by equating the heat entering the system in the
throttle steam to the heat leaving the system in
extractions, exhaust, and leak-off steam flows, gener-
ator output, and electrical, thermal, and mechanical
losses.

The unit tested was a 6,500-kW, single-cylinder,
non-condensing, non-extracting turbine. Fig. 4.1 in-
dicates the high pressure leakoff from the No. 1
gland discharged into the turbine exhaust line. The
low pressure leakoff from the No. 1 gland and the
single leakoff from the No. 2 gland were disposed
of external to the turbine.

4.2 DESCRIPTION OF TEST
INSTRUMENTATION

(a) Steam temperatures were measured with cali-
brated chromel-constantan thermocouples with con-
tinuous thermocouple wires and integral cold junc-
tions. Thermocouple outputs were read with a
precision 0.03% accuracy class digital voltmeter.

(b) Gage pressures were measured with 0.10%
uncertainty instruments, and absolute pressure trans-
ducers were calibrated in-place before and after the
test.

(c) Gland leakoff flows were measured with orifice
flow sections, and 0.10% uncertainty differential pres-
sure transducers were calibrated in-place before and
after the test.

(d) Generator output was measured with one three-
element polyphase watthour meter with high-accu-
racy digital readout and separate test instrument trans-
formers.

(e) Barometric pressure was measured with a preci-
sion aneroid barometer.

4.3 SUMMARY OF TEST DATA

Data recorded during the test were averaged and
corrected for instrument calibrations, water legs,
zero corrections, barometric pressures, and ambient
temperatures. Pressure and temperature measure-
ments, corrected for instrument calibrations, and
steam enthalpies derived from these data using the
1967 ASME Steam Tables, are shown in Fig. 4.1.
Gland leakoff flows, calculated from differential pres-
sure measurements, are also shown.

4.4 TURBINE LOSSES

The following calculated mechanical losses of the
turbine were agreed on:

Bearing friction 39 kW
Windage of external rotating parts 12 kw
Power to operate shaft-driven lubri-

cating oil pumps, speed regulating

mechanisms, etc. 32,5 kw
Heat loss by radiation, conduction,

and convection 6.5kW
Total mechanical losses of turbine 90 kW

The bearing, windage, and electrical losses of the
generator were obtained from the generator loss
curve supplied as part of the Turbine Performance
Data and were determined to be 195 kw.

4.5 CALCULATION OF THROTTLE FLOW

Throttle steam flow was calculated from a heat
balance around the turbine-generator unit.

w = throttle steam flow, Ibm/hr

where

Exhaust flow at point of temperature measurement
= throttle flow — No. 1 gland leakoff flow (Ip) -
No. 2 gland leakoff flow

= w - 671 - 627
= w - 1,298 |Ibm/hr

Heat In = Heat Out
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FIG. 4.1 HIGH PRESSURE LEAKOFF FROM THE NO. 1 GLAND

DISCHARGED INTO THE TURBINE EXHAUST LINE

TABLE 4.1
CALCULATION OF THROTTLE FLOW

Flow, Enthalpy, Heat Flow,

Ibm/hr Btu/lbm Btu/hr
Heat In
Throttle steam w X 1,470.3 = 1,470.3 (w)
Heat Out
No. 1 gland (Ip) leakoff 671 X 1,420.0 = 952,820
No. 2 gland leakoff 627 x 1,256.6 = 787,888
Exhaust steam (w—1,298) x 1,258.8 = 1,258.8 (w - 1,298)
Heat equivalent of:

Generator output 6,500 kW x 3,412.14 Btu/kWhr 22,178,910 Btu/hr

Mechanical losses 90 kW x
Generator losses 195 kW x
Total heat leaving = 1,258.8 (w - 1,298) + 24,89

Heat Balance
Equating heat in and heat out

1,470.3 (w) = 1,258.8 (w — 1,298) + 24
211.5 (w) = 23,258.156

3,412.14 Btu/kWhr
3,412.14 Btu/kWhr
2,078 Btu/hr

307,093 Btu/hr
665,367 Btu/hr

nun

,892,078

The throttle flow w = 109,968 Ibm/hr {13.8560 kg/s)

12
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SECTION 5 — SAMPLE CALCULATION FOR THE
REYNOLDS NUMBER EXTRAPOLATION OF A
CALIBRATED ASME TEST FLOW SECTION

5.1 GENERAL

An ASME test flow section containing a low
Bratio nozzle, conforming to the requirements of
PTC 6-1996, was calibrated to a maximum operating
Reynolds number of 6.7E+6. The measuring device
is used to determine condensate flow in a nuclear
power plant. The expected operating Reynolds num-
ber at rated load is 18.2E+6.

The following example shows the test data for a
20-point calibration. It gives the procedure used to
determine whether the flow-measuring device satis-
fies the criteria specified in paras. 4.8.15.1 through
4.8.15.3 of PTC 6-1996. It presents also the computa-
tions necessary to obtain the coefficient of discharge
for a specified Reynolds number requiring extrapola-
tion from the calibration data.

5.2 NOMENCLATURE

a= ordinate intercept of the regression line
b= slope of the unconstrained regression line
of C,
bin= minimum value of slope b at 95% confi-
dence
bax= maximum value of slope b at 95% confi-
dence
C= measured discharge coefficient during cali-
bration
C.= extrapolated discharge coefficient at a speci-
fied Reynolds number, Rd
C, = coefficient calculated from equation in PTC
6 para. 4.8.15
Cyavg= average of all C, values
C,,= coefficient calculated from linear regression
of the C, values
n= number of calibration points
Rd= Reynolds number
Rd,,,= average of all calibration Reynolds numbers
Rd;= specified Reynolds number for extrapolation
Scxrg= standard error of the linear regression of
the C, values

13

s(b)= standard deviation of the slope b
t= Student’s t factor
;= counter, which assumes values from 1 to n

5.3 CALIBRATION EXAMPLE DATA

The example calibration data is shown in Table
5.1 and graphically represented in Fig. 5.1.

5.4 EVALUATION OF CALIBRATION DATA

5.4.1 Check for Conformance With C,,,, Criterion
(Para. 4.8.15.1 of the Code). To obtain the individual
values C,; the equation in para. 4.8.15 of the Code
is used:

1 - 361,239)0'3

C, = C;+ 0.185 Rd -0-2(
Rd

For the example,

Cyy = 0.9978 + 0.185 * (4.868E+6)0-2

. (1 - 361,239)0'3
4.868E+6

= 1.0058

As shown in Table 5.1, C,,,,, the average of all the
C,; values is 1.0060.

1.0029 <£1.0060 < 1.0079

Therefore, the C,,,, criterion is satisfied.

5.4.2 Check for Conformance With Reynolds
Number Independence Criterion (Para. 4.8.15.2 of
the Code). The unconstrained linear regression
equation,

C,=a+bRd

is determined as follows:
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TABLE 5.1
CALIBRATION EXAMPLE DATA
Calibration Calibration Calculated
Point Reynolds Number, Discharge Coefficient,

No. Rd; G Ca Cui
1 3,091,000 0.9980 1.0064 1.00620
2 3,276,000 0.9986 1.0070 1.00618
3 3,413,000 0.9984 1.0068 1.00616
4 3,630,000 0.9976 1.0059 1.00613
5 3,798,000 0.9977 1.0060 1.00610
6 3,945,000 0.9977 1.0059 1.00608
7 4,086,000 0.9975 1.0057 1.00606
8 4,259,000 0.9971 1.0052 1.00604
9 4,456,000 0.9974 1.0055 1.00601
10 4,678,000 0.9979 1.0059 1.00598
11 4,868,000 0.9978 1.0058 1.00596
12 5,071,000 0.9977 1.0057 1.00593
13 5,277,000 0.9975 1.0054 1.00590
14 5,487,000 0.9978 1.0057 1.00587
15 5,712,000 0.9988 1.0066 1.00584
16 5,922,000 0.9990 1.0068 1.00581
17 6,119,000 0.9991 1.0068 1.00578
18 6,328,000 0.9978 1.0055 1.00576
19 6,488,000 0.9979 1.0056 1.00573
20 6,681,000 0.9975 1.0051 1.00571

Average: 4,829,250 Ces 1.0060
The slope of the unconstrained regression line, b, For the example,
is defined as:

1.0060 + 1.3792E-10 * 4.829E+6
1.0066

d

= Z(Rd: - Rdavg}(cxi - Cxavg}
S(Rd; - Rd,g)?

For 20 calibration points, the standard error (some-
times referred to as the standard error of the y

For the example, estimate) with respect to the unconstrained regression

line, Scyra is
2(Rd; = Rd,, )(Cyj = Cyayg) = —3,381.7411
S _X(Cy - C)?
and Cokd = (n-2)
2(Rd; - Rd,,)* = 2.4520E+13 = *5.6210E-4

Therefore where C,; = a + b Rd,
(e.g., for Rd; = 3,798,000, C,; = 1.0066 —

b = -3,381.7411/2.4520E+13 = -1.3792E-10 1.3792E-10 * 3,798,000 = 1.0061) and

The intercept of the unconstrained regression line, Y(Cy - Co)? = 5.6872E-6
a, is defined as
(e.g., for Rd; = 3,798,000, C,; ~ C,; = 1.0060 — .
a = Gy — bRd,, 1.0061 = -0.0001) and n = 20

14
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The confidence limits of the slope of the regression
line at 95% coverage are given by

b * tsib)

where s(b) is the standard deviation of the slope
determined from the equation

SCx Rd
(Rd; - Rd,g)?
5.6210E-4
\/2.4520E+13

= *1.1352E-10

s(b) =

The Student’s t factor for 18 (20 -~ 2) degrees of
freedom = 2.1010

EXTRAPOLATION OF CALIBRATION DATA USING PTC 6-1996 PROCEDURES

The confidence interval of the slope is, therefore
+2.1010 * 1.1352E-10 = *2.3849E-10
Thus, the minimum slope of the regression line is

—1.3792E-10 — 2.3849E-10
-3.7641E-10

bmm =

and the maximum slope of the regression line is

-1.3792E-10 + 2.3849E-10
+1.0057E-10

bmax

As these two slopes straddle zero, the Reynolds
number independence criterion is satisfied.

5.4.3 Check for Conformance With Calibration
Data Scatter Criterion (Para. 4.8.15.3 of the Code).
The confidence interval of the C, data for 95%
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confidence level, with respect to the regression line,

is calculated from the expression:
confidence interval = 1 Scxrd
~n
_ =£2.1010 * 5.6210E-4
) NG
= *0.00026

and
0.00026 < 0.0003

The calibration scatter criterion is, therefore, satisfied.

5.5 CALCULATED DISCHARGE COEFFICIENT
EXTRAPOLATED TO THE SPECIFIED
REYNOLDS NUMBER

For a specified Reynolds number (Rd,) the extrapo-
lated discharge coefficient (C,) is calculated from
the equation given in para. 4.8.15 of the Code:

.

For the example, and at a specified Reynolds number
of 18.2E+6,

1-361,239

Ce = Cxuyq = 0.185 Rd, ™02 (
Rd,

Ce = 1.0060 - 0.185 * (18.2E+6)702 *

(1— 361,239)0-8
18.2E+6

= 0.9995

See Fig. 5.1.

5.6 ALTERNATIVE REYNOLDS NUMBER
INDEPENDENCE CRITERION (ALTERNATIVE
TO PARA. 4.8.15.2 OF THE CODE)

In some instances the application of the Reynolds
number independence criterion of para. 4.8.15.2
can lead to rejection of otherwise acceptable flow
sections. This is especially true for calibrations with
low data scatter. To accommodate these special
cases and to simplify the requirement set forth in
para. 4.8.15.2, the following criterion may be used:
If the slope of the unconstrained fit, b, is within
*+2.7E-10, the values of C, may be considered Rd
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independent (or have an acceptable degree of Rd
dependence). This is predicated on conformance to
the requirements of para. 4.8.13 of the Code.

For the example, the slope of the unconstrained fit,
as para. 5.4.2, is

b

-1.3792E-10
The standard error of the regression line C, is
Scxrd = £5.6210E-4

The confidence limits of the slope of the regression
line at 95% coverage are given by

b * t s(b)

where s(b) is the standard deviation of the slope
determined from the equation:

SCx,Ed
NE(Rd; - Rd,,p?
5.6210E-4

~/2.4520E+413

= *1.1352E-10

s(b) =

Since the Student’s t factor for (20 — 2) degrees of
freedom = 2.1010, the confidence interval of the
slope is

+2.1010 * 1.1352E-10 = *=2.3849E-10
and, thus, the confidence limits for b are

-1.3792E-10 + 2.3849E-10
1.0057E-10

bm ax

and

Bomin = —1.3792E-10 — 2.3849E-10
-3.7641E-10

In the example, the Reynolds number indepen-
dence criterion in para. 4.8.15.2 of the Code was
met. Otherwise, the value of b = +2.7E-10 would
have been limiting.

The limiting value of b = +2.7E-10 was calcu-
lated to minimize the uncertainty of the extrapolated
discharge coefficient. This limiting value was deter-
mined according to the following model:
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Based on the 0.1% repeatability requirement of
PTC 6 para. 4.8.13, the permissible deviation be-
tween any calibration point and the unconstrained
regression line is

0,
0.1% _ 6.05%

For 20 calibration points, the standard deviation
with respect to the unconstrained regression line,

Scxrd 1S

20 * 0.00052
20-2

SCX,Rd = = *527E-4

Note that in the equation for Sc, g4 applied for this
model, X(C,; - C,)*> = 20 * 0.00052 if all (Cy;, -
C.i) = 0.05% and n = 20.

Xri
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For 20 calibration points, evenly distributed between
Rd = 1E+6 and 4E+6,

[X(Rd; - Rd,,0?%% = +4,071,724

The Student’s t factor for 18 degrees of freedom
2.1010

Therefore, the confidence limit of the slope is

t Scxrd

NERA, = Rdyy?

+2.1010* 5.27E-4
4,071,724

+2.72E-10
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SECTION 6 — SAMPLE CALCULATIONS FOR A TEST OF
A COMPLETE EXPANSION CONDENSING TURBINE
USING U.S. CUSTOMARY UNITS!

6.1 DESCRIPTION OF UNIT

The unit tested was a 3600-rpm condensing tur-
bine with six control valves used in a gas turbine/
steam turbine combined cycle power plant utilizing
a single-pressure HRSG. There are no provisions for
steam extraction out of the turbine stages, and throttle
steam is provided by four unfired heat recovery
steam generators supplied with the exhaust gas heat
from four gas turbines. The turbine rated capability
is 112,000 kW with throttle steam conditions of
800 psig, 850°F, 3.5 in. Hg absolute exhaust pres-
sure, and 0% cycle make-up. The generator is rated
at 133,000 kVA, 0.85 power factor, and 30 psig
hydrogen pressure. The shaft and valve stem seals
are supplied with steam controlled by an automatic
steam seal regulator. An evacuator prevents steam
from blowing out of the shaft end seals to atmo-
sphere, and a gland seal condenser recovers the
heat from this steam in the main condensate. The
condensed gland seal steam is directed to the con-
denser and is included in the condensate flow nozzle
flow. Leakoff steam from the inner high-pressure
turbine seal chamber, lower valve stem leakoffs,
and the steam seal regulator excess steam dump
return to lower stages in the turbine. The specified
steam rate of 8.16 Ibm/kWhr at the rated operating
conditions and at 112,000 kW output is on a locus-
of-valve-points steam rate basis as shown in Fig. 6.1.

6.2 DESCRIPTION OF TEST
INSTRUMENTATION

Location of instrumentation is shown on the instru-
mentation and flow diagram, Fig. 6.2. Throttle steam
pressure and temperature were measured with dead-
weight gages and calibrated thermocouples. The

! This sample calculation is for a test of a complete expansion
condensing turbine using U.S. Customary Units. For a sample
calculation of the same turbine using SI Units, see Section 6A.
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exhaust pressure was measured with absolute pres-
sure gages sensing the turbine exhaust pressure at
eight basket tip sensors located at the two turbine
side-exhaust flanges. Generator output was deter-
mined by three-wattmeter method. Steam flow to
the turbine was established by measuring the con-
densate out of the condenser using a throat-tap flow
nozzle and adjusting this flow for the amount of
gland leakage from the hotwell pump and storage
change in the condenser hotwell. The condenser
was checked for leakage and found to be tight.

6.3 SUMMARY OF THE TEST DATA ON
NUMBER 5 VALVE POINT

All readings have been corrected for instrument
calibration.

Throttle steam pressure 813.7 psia
Throttle steam temperature 851.6 °F
Exhaust pressure 3.38 in. Hga
Condensate flow 892,766 |bm/hr
Generator output 110,131 kW
Generator hydrogen pressure 28.8 psig
Generator power factor 0.892
Decrease in condenser hotwell stor-

age (level drop) 126 |lbm/hr
Hotwell pump gland leakage 50 Ibm/hr

6.4 DETERMINATION OF TURBINE THROTTLE
FLOW

The throttle steam flow to the turbine was estab-
lished from the condensate nozzle flow with correc-
tion to account for the effect of losses or gains
between the point of measurement and the turbine
throttle. Though not conforming to the provisions
of para. 4.8 in PTC 6, it may be preferable to use
an orifice metering section to measure condensate
flow for this application, where the device is used
for testing at a Reynolds number within the calibra-
tion range; i.e., no extrapolation of the coefficient
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of discharge is required. Based on the values given
in PTC 6R, in all likelihood the use of this device
increases the uncertainty of the test result.

For an uncertainty equivalent to that of a throat-
tap nozzle flow section, the orifice flow section
requires great care in planning during the plant
design phase, manufacturing of the orifice and sec-
tion, laboratory calibration and installation of the
section, similar to such care required for a throat-
tap nozzle section. In this plant, as in many, the
plant orifice flow sections did not meet the stringent
requirements of Code flow sections (see PTC 19.5),
nor was the spool piece long enough to accommo-
date a temporary orifice metering section. A throat-
tap nozzle assembly was needed.

Flow measured by the flow nozzle 892,766 Ibm/hr
Decrease in hotwell storage -126 lbm/hr
Hotwell pump gland leakage +50 Ibm/hr
Throttle steam flow during test 892,690 Ibm/hr

6.5 CALCULATION OF GENERATOR OUTPUT
CORRECTED TO SPECIFIED CONDITIONS

The test generator output was corrected for devia-
tions from the specified values of power factor and

hydrogen pressure, using the generator loss curve
(Fig. 6.3) supplied with the turbine performance data.

Measured generator output 110,131 kW

Losses for 0.892 power factor
and 30 psig absolute hydrogen
pressure

Correction for the test hydrogen
pressure being 28.8 psig abso-
lute rather than the specified
30 psig

Total generator losses, test condi-
tions 1,088 kW

Losses with specified conditions
of 0.85 power factor and 30
psig absolute hydrogen

" pressure 1,147 kW

Generator output corrected to specified operating conditions
110,131 + (1,088 - 1,147) = 110,072 kW

1,093 kW

=5 kW

6.6 TEST STEAM RATE

The test steam rate with specified generator hydro-
gen pressure and power factor was calculated by
dividing the test value of turbine throttle flow by
the corrected output.

892,690

= 8.110 Ibm/kWhr
110,072

Test steam rate =
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TABLE 6.1
STEAM RATE CORRECTIONS
Percent Change Correction
Test in Steam Rate Divisor
Throttle pressure 799.0 psig (Fig. 6.5) +0.00 1.0000
Throttle temperature 851.6°F (Fig. 6.4) -0.14 0.9986
Exhaust pressure 3.38 in. Hga (Fig. 6.6} -0.30 0.9970
Combined correction divisor (product of correction divisors) 0.9956

6.7 THROTTLE FLOW CORRECTED TO
SPECIFIED CONDITIONS

The test steam rate was next corrected for devia-
tions from the specified throttle steam and exhaust
conditions. The first step was to determine what the
throttle steam flow would have been, if the specified
conditions existed. The corrected throttle steam
flow is

ps Vi
Pr Vs

W, = w;

where
w= steam flow rate, Ibm/hr
p= pressure, psia
v= specific volume, ft>/lbm
s= specified condition
= test conditions

Flow correction factor =

814.7 0.9056 _
813.7  0.9031

1.0020

Corrected throttle flow =
894,475 |bm/hr

1.0020 x 892,690

6.8 STEAM RATE AND GENERATOR OUTPUT
CORRECTED TO SPECIFIED CONDITIONS

Steam rate correction divisors were determined
from the correction curves supplied with the tur-
bine performance data (Figs. 6.4, 6.5, and 6.6).
The corrected value of the throttle steam flow
was used in determining corrections that vary as
a function of the steam flow. No correction for
the effect of speed was required because the
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turbine was operated at rated speed on a 60-Hz
power system. Steam rate corrections are pre-
sented in Table 6.1.

Steam rate corrected to specified
operating conditions =

Test steam rate

Correction divisor

8.110

0.9956
8.146 lbm/kWhr

Generator output corrected to
specified operating conditions =

Corrected throttle steam flow

Corrected steam rate

894,475
8.145

= 109,807 kw

6.9 CONCLUSION

Figure 6.1 shows the steam rate plotted versus
output. The guarantee curve is provided by the
manufacturer. The test curve is drawn from a series
of valve point tests with the steam rate and generator
output, corrected to specified operating conditions,
calculated in accordance with paras. 6.3 through
6.8. At the guaranteed output of 112,000 kW, the
corresponding test steam rate is determined from
the test curve to be 8.146 |bm/kWhr. Therefore, the
test steam rate is 0.014 lbm/kWhr, or 0.2%, better
than guarantee.
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SECTION 6A — SAMPLE CALCULATIONS FOR A TEST
OF A COMPLETE EXPANSION CONDENSING TURBINE
USING SI UNITS'

6A.1 DESCRIPTION OF UNIT

The unit tested was a 3600-rpm condensing tur-
bine with six control valves used in a gas turbine/
steam turbine combined cycle power plant utilizing
a single-pressure HRSG. There are no provisions for
steam extraction out of the turbine stages, and throttle
steam is provided by four unfired heat recovery
steam generators supplied with the exhaust gas heat
from four gas turbines.? The turbine rated capability
is 112,000 kW with throttle steam conditions of
5,620 kPa absolute, 455°C, 90 mm Hg absolute
exhaust pressure, and 0% cycle make-up. The gener-
ator is rated at 133,000 kVA, 0.85 power factor,
and 308 kPa abs hydrogen pressure. The shaft and
valve stem seals are supplied with steam controlled
by an automatic steam seal regulator. An evacuator
prevents steam from blowing out of the shaft-end
seals to atmosphere, and a gland seal condenser
recovers the heat from this steam in the main conden-
sate. The condensed gland seal steam is directed
to the condenser and is included in the condensate
flow nozzle flow. Leakoff steam from the inner high
pressure turbine seal chamber, lower valve stem
leakoffs, and the steam seal regulator excess steam
dump return to lower stages in the turbine. The
specified steam rate of 3.702 kg/kWh at the rated
operating conditions and at 112,000 kW output is
on a locus-of-valve-points steam rate basis as shown
in Fig. 6A.1.

' This sample calculation is for a test of a complete expansion
condensing turbine using SI Units. For a sample calculation of
the same turbine using U.S. Customary Units, see Section 6.

2 For this example, the nameplate rating in U.S. Customary units
example has been changed slightly for the rating in SI units to
conform to what would logically be provided for the same unit
rated in Sl units. Since the test point is at a valve point, this
causes the corrected flow and corrected kilowatt output to be
slightly different in the SI units from what is indicated in the
U.S. Customary units. The slight change in nameplate rating also
causes the correction factors to be slightly different; however,
since the available energy in both cases is almost identical, the
final results remain the same for both sets of units.

6A.2 DESCRIPTION OF TEST
INSTRUMENTATION

Location of instrumentation is shown on the instru-
mentation and flow diagram (Fig. 6.2). Throttle steam
pressure and temperature were measured with dead-
weight gages and calibrated thermocouples. The
exhaust pressure was measured with absolute pres-
sure gages sensing the turbine exhaust pressure at
eight basket tip sensors located at the two turbine
side-exhaust flanges. Generator output was deter-
mined by three-wattmeter method. Steam flow to
the turbine was established by measuring the con-
densate out of the condenser using a throat-tap flow
nozzle and adjusting this flow for the amount of
gland leakage from the hotwell pump and storage
change in the condenser hotwell. The condenser
was checked for leakage and found to be tight.

6A.3 SUMMARY OF THE TEST DATA ON
NUMBER 5 VALVE POINT

All readings have been corrected for instrument
calibration.

Throttle steam pressure 5,610 kPa abs

Throttle steam temperature 455.3°C
Exhaust pressure 85.8 mm Hga
Condensate flow 112.4886 kg/s
Generator output 110,131 kW
Generator hydrogen pressure 300 kPa abs

Generator power factor 0.892

Decrease in condenser hotwell 0.0158 kg/s
storage (level drop)
Hotwell pump gland leakage 0.0064 kg/s

6A.4 DETERMINATION OF TURBINE
THROTTLE FLOW

The throttle steam flow to the turbine was estab-
lished from the condensate nozzle flow with correc-
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tion to account for the effect of losses or gains
between the point of measurement and the turbine
throttle. Though not conforming to the provisions
of para. 4.8 in PTC 6, it may be preferable to use
an orifice metering section to measure condensate
flow for this application, where the device is used
for testing at a Reynolds number within the calibra-
tion range, i.e., no extrapolation of the coefficient
of discharge is required. Based on the values given
in PTC 6R, in all likelihood the use of this device
increases the uncertainty of the test result.

For an uncertainty equivalent to that of a throat-
tap nozzle flow section, the orifice flow section
requires great care in planning during the plant
design phase, manufacturing of the orifice and sec-
tion, laboratory calibration and installation of the
section, similar to such care required for a throat-
tap nozzle section. In this plant, as in many, the
plant orifice flow sections did not meet the stringent
requirements of Code flow sections (see PTC 19.5),
nor was the spool piece long enough to accommo-
date a temporary orifice metering section. A throat-
tap nozzle assembly was needed.

Flow measured by the flow nozzle 112.4886 kg/s
Decrease in hotwell storage ~0.0158 kg/s
Hotwell pump gland leakage +0.0064 kg/s

Throttle steam flow during test 112.4792 kg/s
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6A.5 CALCULATION OF GENERATOR OUTPUT
CORRECTED TO SPECIFIED CONDITIONS

The test generator output was corrected for devia-
tions from the specified values of power factor and
hydrogen pressure, using the generator loss curve
(Fig. 6A.2) supplied with the turbine performance
data.

Measured generator output 110,131 kW
Losses for 0.892 power factor and 308

kPa absolute hydrogen pressure 1,093 kw
Correction for the test hydrogen

pressure being 300 kPa absolute

rather than the specified 308 kPa

absolute _ -5kw
Total generator losses, test conditions 1,088 kw
Losses with specified conditions of

0.85 power factor and 308 kPa

absolute hydrogen pressure 1,147 kW

Generator output corrected to specified operating conditions
110,131 + (1,088 - 1,147) 110,072 kW

6A.6 TEST STEAM RATE

The test steam rate with specified generator hydro-
gen pressure and power factor was calculated by
dividing the test value of turbine throttle flow by
the corrected output.
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112.4792 x 3600
110,072

3.679 kg/kWh

Test steam rate =

6A.7 THROTTLE FLOW CORRECTED TO
SPECIFIED CONDITIONS

The test steam rate was next corrected for devia-
tions from the specified throttle steam and exhaust
conditions. The first step was to determine what the
throttle steam flow would have been, if the specified
conditions existed. The corrected throttle steam
flow is

Ps
Pt

V,
% =L
VS

W, = w,;

where
w= steam flow rate, kg/s
p= pressure, kPa abs
v= specific volume, m3/kg
s= specified condition
= test conditions

Flow correction factor

= 1.0021

5,620 9 0.05654
5,610 0.05640

1.0021 x 112.4792
112.7153 kg/s

Corrected throttle flow

6A.8 STEAM RATE AND GENERATOR OUTPUT
CORRECTED TO SPECIFIED CONDITIONS

Steam rate correction divisors were determined
from the correction curves supplied with the turbine
performance data (Figs. 6A.3, 6A.4, and 6A.5). The
corrected value of the throttle steam flow was used
in determining those corrections that vary as a func-
tion of the steam flow. No correction for the effect
of speed was required because the turbine was
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operated at rated speed on a 60-Hz power system.
Steam rate corrections are as follows:

Percent Change Correction

Test in Steam Rate  Divisor

Throttle pressure 5,610 kPa abs +0.00 1.0000
(Fig. 6A.4)

Throttle temperature 455.3°C -0.08 0.9992
(Fig. 6A.3)

Exhaust pressure 85.8 mm Hga -0.36 0.9964
(Fig. 6A.5)

Combined correction 0.9956

divisor (product
of correction
divisors)

Steam rate corrected to specified operating conditions

Test steam rate

Correction divisor

= 3.695 kg/kWh

Generator output corrected to specified operating condi-
tions

_ Corrected throttle steam flow
Corrected steam rate

_ 112.7153 x 3600
3.695

= 109,817 kW

6A.9 CONCLUSION

Fig. 6A.1 shows the steam rate plotted versus
output. The guarantee curve is provided by the
manufacturer. The test curve is drawn from a series
of valve point tests with the steam rate and generator
output, corrected to specified operating conditions,
calculated in accordance with paras. 6A.3 through
6A.8. At the guaranteed output of 112,000 kW the
corresponding test steam rate is determined from
the test curve to be 3.702 kg/kWh. Therefore, the
test steam rate is 0.007 kg/kwWh, or 0.2%, better
than guarantee.
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SECTION 7 — SAMPLE CALCULATION FOR A TEST OF
A NON-REHEAT REGENERATIVE CYCLE TURBINE

7.1 DESCRIPTION OF THE UNIT TO BE

TESTED

The unit tested was a 26,704 kW non-reheat
regenerative cycle turbine. Rated steam conditions
are 850 psia, 900°F, with 1.5 in. Hg absolute exhaust
pressure. The generator rating is 31,280 KVA at 0.90
power factor and 30 psig hydrogen pressure.

The cycle is shown on Fig. 7.1. There are four
stages of feedwater heating. The feedwater pump is
motor driven. All main turbine glands are steam-
sealed. A shaft-driven exciter is used.

7.2 DESCRIPTION OF THE PERFORMANCE
GUARANTEE TO BE VERIFIED BY TESTING

Performance was specified on the basis of gross
turbine heat rate (GTHR) at the cycle conditions as
specified in the contract. The test was conducted
in accordance with ASME PTC 6-1996. Gross turbine
heat rate is defined by

Heat Supplied to Cycle
Generator Output

GTHR =

It was mutually agreed that the specified heat rate
would be compared to the corresponding corrected
test heat rate at the specified kilowatt load on a
locus curve drawn through the heat rate points in
accordance with Code para. 3.13.2.

Figure 7.1 is a heat balance showing the specified
performance of the turbine, with contract cycle
conditions. The contract cycle conditions are as
follows:

Inlet Steam
Throttle pressure 865 psia
Throttle temperature 900°F
Desuperheating spray flow 0 Ibm/hr
High Pressure Heater (Heater 4)
Performance
Terminal temperature difference (TTD) 5°F
Drain cooler approach (DCA)} 10°F
Extraction line pressure drop 5% -
Turbine exhaust pressure 1.5 in. Hga
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Miscellaneous
Air ejector flow (from main steam line) 500 Ibm/hr
Other cycle losses 0
Power factor 0.90
Hydrogen pressure 30 psig

Guaranteed Performance Corrected to
Group 1 and 2 Corrections

Heat rate

Output

9,669 Btu/kWhr
26,704 kw

The parties to the test mutually agreed that the
feedwater pump enthalpy rise and condensate pump
performance parameters would be neglected.

7.3 DESCRIPTION OF TESTING AND
INSTRUMENTATION

A series of valve-point tests were conducted to
establish the test curve in Fig. 7.2. Because heat
rate changes with load, the curve will be used to
determine the test heat rate corresponding to the
guaranteed output. The test described in this sample
calculation was run with the governing valves wide
open.

7.3.1 Flows. Condensate flow was measured by
means of a calibrated ASME throat-tap nozzle located
at the deaerator inlet.

Feedwater pump seal injection flow and desuper-
heating spray flow were measured with orifices. The
air ejector steam flow was determined from the
measured pressure and temperature of its steam
supply, and the cross-sectional area of the jets, as
discussed in para. 4.16.5 of the Code. The extraction
steam supply to the combustion air heating coils
and boiler blowdown were isolated. Flows were
well isolated in accordance with para. 3.5.5 of the
Code.

7.3.2 Pressures and Temperatures. Steam pressures
were read with high-accuracy calibrated transmitters
calibrated prior to the test.

Turbine exhaust pressure was measured with abso-
lute pressure transmitters.
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All temperatures were measured by means of
calibrated thermocouples with 32°F reference junc-
tions, or calibrated four-wire RTDs.

Extraction steam pressures were measured at the
turbine flange and at the heaters.

7.3.3 Power. Generator output was measured with
three single-phase, integrating watthour meters.

7.4 SUMMARY OF TEST DATA

The data recorded during the test was averaged
and corrected for instrument calibrations, water legs,
barometric pressures, and ambient temperatures. The
data is shown in Table 7.1.

7.5 DESCRIPTION OF THE CALCULATIONS

This sample calculation demonstrates the determi-
nation from test data of heat rate, and correction
of heat rate to the specified conditions (called Group
1 and Group 2 corrections in the Code).

Paragraph 5.8.2 of the Code states that corrections
for Group 1 cycle conditions can be made either
by heat balance calculation or by application of
correction curves or tables. The Code states that
Group 2 corrections must be by the correction curve
or table method.

In this sample calculation, the correction curve
method is used for both Group 1 and Group 2
corrections. Sample Calculation 8 demonstrates the
use of the heat balance method, although for a
reheat turbine. The heat balance calculation for a
non-reheat turbine would be similar. If the heat
balance method is selected for a non-reheat turbine,
Sample Calculation 8 should be used for guidance.

The calculations are divided into two parts:

(a) Determination of test heat rate

(b) Calculation of test heat rate corrected to con-
tract conditions

7.6 DETERMINATION OF TEST HEAT RATE

7.6.1 Water Balance. The degree of cycle isolation
of the system was checked by water balance. Any
unaccounted for losses from the system were as-
sumed to have occurred in the steam generator.

Hotwell storage change (level fall) ~200 Ibm/hr
Deaerator storage change (level unchanged) 0 Ibm/hr
Boiler drum level change (level unchanged) 0 Ibm/hr
Unaccounted-for change in storage =200 Ibm/hr
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Paragraph 3.5.3 of the Code limits the unaccount-
able loss to 0.1% of full load test throttle flow.
Unaccounted change in storage, as a percentage
of throttle flow, at full load (200/232,100) x
100 = 0.086%. This is an acceptable quantity.

7.6.2 Calculation of Test Feedwater Flow. Conden-
sate flow measurement at the deaerator inlet conden-
sate flow nozzle (w.) was 214,044 Ibm/hr. The
corresponding feedwater flow to the boiler was
determined using an iterative procedure as follows:

Step 1: The feedwater flow (w;) was assumed to
be equal to the value (232,100 Ibm/hr),
shown on the design heat balance, Fig.
7.1. The assumed value will not affect
the final result but may affect the number
of iterations needed to arrive at the final
result.

The extraction flow to the No. 4 heater
(W) was determined by heat balance.

Step 2:

Weqg = Wiy (h4fwour - "t]‘h‘w:'n]"II
{h4srmm - h4dm]

(346.9 - 276.3)
(1,317.8 — 282.7)
= 15,831 Ibm/hr

Wes = 232,100 *

Step 3: The feedpump suction flow (wj,) was
found by mass balance, using the feed-
water flow wyg,, spray flow wwy,, and

feed pump seal injection flow w;p,;.

Wips = Wi + Weps — Wip,
232,100 + 3,500 - 1,997
233,603 lbm/hr

W!ps

The extraction flow to the deaerator
(we3) and the condensate flow to the

deaerator (w.) were calculated by a heat
and mass balance on the deaerator.

Step 4:

Deaerator Mass Balance
Wips = Wey + We3 + W

233,603

15,831 + wey + w,
Heat Balance

273.5 % wpy, = 282.7 * W +
1,307.2 * wey + 212.8 * w,

273.5 * 233,603 282.7 * 15,831
+ 1,307.2 * w3 + 212.8 * w,
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TABLE 7.1

TEST DATA
Unit load gross 28,150 kW
Throttle temperature 904.0°F
Throttle pressure 872.0 psia
Exhaust pressure 1.98 in. Hga

Condenser subcooling
Desuperheating spray flow
Seal injection flow (net)
Condensate nozzle flow
Air ejector flow

Hydrogen pressure

Power factor

Heater 4 (High Pressure)

Steam inlet temperature
Steam pressure

Saturation temperature
Feedwater outlet temperature
Feedwater outlet pressure
Test TTD

Drain temperature
Feedwater inlet temperature
Test DCA

Steam pressure at turbine
Steam pressure at heater
Test pressure drop

Heater 3 (Deaerator)

Steam pressure
Saturation temperature
Feedpump discharge pressure

Feedpump discharge temperature

Feedwater outlet temperature
Test TTD

Steam pressure at turbine
Steam pressure at heater

Heater 2 (Low Pressure}

Steam pressure

Saturation temperature
Feedwater outlet temperature
Test TTD

Drain temperature
Feedwater inlet temperature
Test DCA

Steam pressure at turbine
Steam pressure at heater

Heater 1 (Low Pressure)

Steam pressure

Saturation temperature
Feedwater outlet temperature
Test TTD

Drain temperature

Feedwater inlet temperature
Test DCA

Steam pressure at turbine
Steam pressure at heater

0°F (no correction required)
3,500 Ibm/hr

1,997 Ibm/hr

214,044 lbm/hr

500 Ibm/hr

30 psig

0.90 (no correction required)

588.5°F

183.3 psia

374.5°F (from steam tables)
372.5°F

1,125 psia

2.0°F

312.5°F

304.5°F

7.9°F

189.0 psia

183.3 psia

3.0% of turbine pressure

72.9 psia

305.7°F {from steam tables)
1,135 psia

304.5°F

303.7°F

2.0°F

76.0 psia

72.9 psia

29.92 psia

250.1°F (from steam tables)
244.1°F

6.0°F

191.6°F

179.6°F

12.0°F

31.50 psia

29.92 psia

8.87 psia

187.6°F (from steam tables)
179.6°F

8.0°F

114.2°F

104.2°F

10.0°F

9.44 psia

8.87 psia
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Solving these equations
simultaneously gives:

Wes = 11,945 and w, = 205,827
Ibm/hr

The calculated value of w,. (205,827)
was 3.8% below the measured value of
214,044. The feedwater flow is increased
by 3.8% to 240,920 Ibm/hr for the next
iteration.

Steps 1 through 5 were repeated twice
until the calculation process converged
the following:

Step 5:

Step 6:

214,044 Ibm/hr
242,933 Ibm/hr
241,430 |bm/hr

Condensate flow
Feedpump suction flow
Feedwater flow

7.6.3 Calculation of Throttle Steam Flow. Throttle
steam flow (w,) is calculated from the feedwater
flow, by accounting for the attemporation flow (wg,),
air ejector flow (w,), and the total unaccounted
cycle flows (w,) assumed to have leaked from the
cycle in the steam generator.

Wi
Wi

Wi+ Weps + W, — Wy,
241,430 + 3,500 - 200 - 500
244,230 Ibm/hr

7.6.4 Calculation of Test Heat Rate

Heat Supplied to Cycle
Generator Output

Test Heat Rate =

Heat supplied to cycle is found from flows and
their enthalpies entering and leaving the boiler. It
was agreed in the contract to include the flow to
the steam jet air ejector in the heat supplied to the
cycle.

Heat supplied = (w, — w) (h, — hg,) + wy,
[hf -h fpo} + Wa;‘ (hr - ha‘w}
= (244,230 - 3,500)
(1,455.4 - 346.9) + 3,500
(1,455.4 - 276.3)
+ 500 (1455.4 - 346.9)
= 271,531,305 Btu/hr

Therefore, the test heat rate is:

271,531,305 Btu/hr
28,150 kw

= 9,646 Btu/kWhr
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7.7 CORRECTION OF TEST PERFORMANCE TO
SPECIFIED OPERATING CONDITIONS

Tests should be conducted with the least possible
deviation from specified conditions, to minimize
correction errors (see PTC 6-1996, Table 3.1 for
limits of deviations). Corrections to specified op-
erating conditions are separated into Group 1 and
Group 2 corrections.

7.7.1 Group 1 Corrections. The Group 1 correc-
tions are for variables primarily affecting the feed-
water heating system. The turbine manufacturer pro-
vided the correction curves for the Group 1
corrections following Table 8.1 in PTC 6-1996. The
Group 1 curves are shown in Figs. 7.3 and 7.4. The
corrections are calculated below and summarized
following the calculations.

The following Group 1 corrections were made:

(a) Superheat desuperheating spray flow

(b) Final feedwater heater terminal temperature dif-
ference (TTD)

(c) Final feedwater heater extraction line pressure
drop

Based on test measurements, other Group 1 correc-
tions were deemed negligible.

7.7.2 Superheat Desuperheating Spray Correction.
The superheat desuperheating spray operated at
3,500 Ib/hr during the test. The spray flow is taken
off the discharge of the feedwater pump upstream
of Heater 4. The contract specified 0.0 Ibm/hr spray
flow. The correction will be made using Fig. 7.3
and the desuperheating flow correction equation
from Table 8.1 of the PTC 6-1996 code.

Corr.
% Desup. Flow

1 + [% Corr./(100 x % Desup. Flow)]
[weps x 100]/w,
[3,500 x 100]/244,730

% Desup. Flow = 1.43%

% HR Corr. = 0.017% from Fig. 7.3
Corr. = 1 + [% Corr./100 x % Desup. Flow]
HR Corr. 1+ [(0.017/100) x 1.43]

1.0002

0.032% from Fig. 7.3

1 + [(% Corr./100) x % Desup. Flow]
1+ [(0.032/100) x 1.43]

1.0005

% Load Corr.
Corr.
Load Corr.

L T I

7.7.3 TTD Correction of Final Feedwater Heater.
The final feedwater heater operated at a TTD of
2°F during the test. The contract specified 5°F TTD.
The correction will be made using Fig. 7.4 and the
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TABLE 7.2
GROUP 1 CORRECTIONS

Variable

Heat Rate Factor Load Factor

SH desuperheating spray flow

Final feedwater heater TTD

Final feedwater heater ELPD
Combined correction factor (product)

1.0002 1.0005
0.9990 0.9980
0.9995 0.9989
0.9987 0.9974

terminal difference correction equation from Table
8.1 of the PTC 6-1996 code.

Corr. = 1 4 [% Corr./100 {(TDyeq = TDyesign)/5°FH]
% HR Corr. = 0.16% per 5°F change from Fig. 7.4
HR Corr. = 1 + [0.16/100 {(2 - 5)/5°F]]

= 0.9990

0.33%/5°F change from Fig. 7.4
1+ [0.33/100 {(2 = 5)/5°F}]

= 0.9980

% Load Corr.
Load Corr.

7.7.4 Extraction Line Pressure Drop Correction of
Top Heater. The final feedwater heater extraction
line pressure drop (ELPD) was 3% during the test
as compared to 5% specified in the contract. The
correction will be made using the same Fig. 7.4 as
above in para. 7.7.3. The correction values will also
be the same since the corrections change only with
load. Refer to the extraction line pressure drop
correction equation from Table 8.1 of the PTC 6-
1996 code.

1 + [% Corr./100

H“sa: at (Prb test — Pdrop design} -
(t5ar @t (Pt test = Pdrop res)}/5°F)]

Corr. =

From Fig. 7.1: Pyrop design = 186.5 - 177.3
= 9.2 psi
Pib test = Pdrop design = 189.0 - 9.2
= 179.8 psia
b, at 179.8 psia = 373.0°F
From test data: py.op et = 189.0 - 183.3
= 5.7 psi
Ptb test = Pdrop test = 189.0 - 5.7
= 183.3 psia
t at 183.3 psia = 374.6°F
% HR Corr. = 0.16% per 5°F change
from Fig. 7.4
HR Corr. = 1 + [0.16/100
[{(373.0 - 374.6)/5°F}]
= 0.9995
% Load Corr. = 0.33%/5°F change
from Fig. 7.4
Load Corr. = 1+ [0.33/100
{(373.0 - 374.6)/5°F}}
= 0.9989
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7.7.5 Summary of Group 1 Corrections. Table 7.2
summarizes the heat rate and load correction factors
that were required in the contract for this turbine.

7.7.6 Group 2 Corrections. The Group 2 correc-
tions are for deviations primarily affecting the turbine
performance discussed in paras. 5.8.3 and 5.8.4 of
PTC 6-1996. The turbine manufacturer provided the
correction curves for the Group 2 corrections. If the
curves were unavailable they could be created using
a heat balance program and varying each parameter
to determine the effect on heat rate and output. The
Group 2 curves are shown in Figs. 7.5 through 7.9.
The corrections are calculated below and summa-
rized following the calculations.

The contract requires Group 2 corrections for the
following:

(a) Throttle temperature

(b) Throttle pressure

(c) Back pressure

The throttle flow should be corrected to design
inlet conditions per para. 5.4.2 of the PTC 6-
1996 code.

Py x v,
Wie =W [ ——
P x v
at the specified pressure P, = 850 psia, t;

= 900°F, v, = 0.8869 ft3/Ib

at the tested conditions P, = 872 psia, t,
= 904°F, v, = 0.8825 ft*/Ib

244,230 865 x 0.8825
872 x 0.8869

242,644 Ib/hr

Wic

Wie

7.7.7 Comparison Between Test and Specified Cy-
cle, Group 2 Variables. Table 7.3 shows the devia-
tions of Group 2 variables as tested as compared
to those specified.
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FIG. 7.5 THROTTLE PRESSURE CORRECTION FACTORS: HEAT RATE
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FIG. 7.6 THROTTLE PRESSURE CORRECTION FACTORS: OUTPUT
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231,607 Ibm/hr - VWO

/)
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/243,178 Ibm/hr - 105%

=
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™~

Percent Change in Heat Rate

0.5 /

72

0.0
ojo 0.5 1.0 15 2.0 2.5 3.0 3.5 4{0
-0.5
. Exhaust Pressure, in. Hga
GENERAL NOTES:

{a) These correction factors assume constant control valve opening. Apply to heat rates and kilowatt loads at
1.5 in. Hg. absolute, and 0% make-up.

{b) The percent change in kilowatt load for various exhaust pressures is equal to (minus the percent increase
in heat rate x 100) / (100 + percent increase in heat rate).

FIG. 7.9 EXHAUST PRESSURE CORRECTION FACTOR
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TABLE 7.3
DEVIATIONS OF GROUP 2 VARIABLES
Test Specified
Variable Value Value Change
Throttle pressure, psig 857 850 +7 psi
Throttle temperature, °F 904 900 +4°F
Back pressure, in. Hga 1.98 1.50 +0.48 in. Hg
TABLE 7.4
GROUP 2 CORRECTIONS
Variable Heat Rate Factor Load Factor
Throttle pressure (Figs. 7.5 and 7.6) 0.9996 1.0080
Throttle temperature (Figs. 7.7 and 7.8) 0.9990 1.0015
Exhaust pressure (Fig. 7.9) 1.0039 0.9961
Combined correction factor (product) 1.0025 1.0056
7.7.8 Summary of Group 2 Corrections. The Group HR, = HRACFgq x CFgpy )

2 correction curves in Figs. 7.5 through 7.9 with
the corrected flow from para. 7.7.6 are used to
determine the correction factors in Table 7.4. The
correction factors are calculated using the factors
from each graph and the following equations:

Heat rate at desired condition is found by multiplying
the rated heat rate by

L change in gross heat rate
100

1

Kilowatt load is found in the same manner:

. % change in kW load
100

1

The combined correction factor is the product of
the individual correction factors.

7.8 CORRECTION OF LOAD, HEAT RATE AND
COMPARISON TO GUARANTEE

7.8.1 Calculation of Corrected Heat Rate. The
corrected heat rate is calculated by dividing the test
heat rate by the combined correction factors for
Group 1 (para. 7.7.5) and Group 2 (para. 7.7.6).
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9,646/(0.9987 x 1.0025)
HR. = 9,634 Btu/kWhr

7.8.2 Calculation of Corrected Load. Measured
generator power is first corrected for any deviation
in power factor or hydrogen pressure. No correction
is needed because the test was conducted at the
specified 0.90 power factor and 30 psig hydrogen
pressure.

The corrected load is calculated by dividing the
test load by the combined correction factors for
Group 1 (para. 7.7.5) and Group 2 (para. 7.7.6).

kW, = kWACFgn x CFapy)

28,150/(0.9974 x 1.0056)
kW, = 28,067 kW

7.9 COMPARISON OF TEST TO GUARANTEE
HEAT RATE AND OUTPUT

Figure 7.2 shows the heat rate plotted versus
output. The manufacturer provided the guarantee
curve with the guarantee point shown on Fig. 7.2,
as noted. The test curve was drawn from a series
of valve point tests with the corrected test heat rate
from para. 7.8.1 and output from para. 7.8.2, as
noted. The corresponding test heat rate is determined
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from the test curve at the guaranteed output of
26,704 as noted in Fig. 7.2.

Guarantee heat rate 9,669 Btu/kWhr

Corresponding test heat rate [Note (1] 9,587 Btu/kWhr

Difference (better) 82 Btu/kWhr

Guaranteed output 26,704 kW

Corrected test output 28,067 kW

Difference (better) 1,363 kW
NOTE:

(1) This value was derived from Fig. 7.2 at the specified test
output of 26,704 kW.

7.10 TEST RESULT

The corrected test turbine heat rate was 82 Btu/
kWhr better than guarantee. The corrected test output
is 1,363 kW better than guarantee.
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SECTION 8 — SAMPLE CALCULATION FOR A TEST OF
A REHEAT-REGENERATIVE CYCLE TURBINE!

8.1 DESCRIPTION OF UNIT

The unit tested was a 500,000 kW reheat-regenera-
tive cycle turbine with an auxiliary turbine for the
feedwater pump drive and an extraction for station
heating. Rated steam conditions were 2,400 psig,
1,000°F, and 1,000°F with 1.5 in. Hg absolute
exhaust pressure. The generator was rated at 560,000
KVA, with 0.95 power factor, and 60 psig hydrogen
pressure. There were seven stages of feedwater heat-
ing. All main turbine and auxiliary turbine glands
were steam sealed. Performance was guaranteed on
the basis of heat rate with feedwater heating cycle
conditions and auxiliary turbine performance as
specified in the contract. Excitation was supplied
by a shaft-driven exciter. It was mutually agreed
that the specified heat rates would be compared to
the corresponding corrected test heat rates at the
same kilowatt load on a locus curve drawn through
the heat rate points.

8.2 DESCRIPTION OF TEST
INSTRUMENTATION

8.2.1 Condensate flow was measured by means of
a calibrated throat-tap nozzle located at the deaerator
inlet. The No. 1 gland high pressure leakoff flow,
No. 2 valve stem leakoff flow, and the leakoff to
hot reheat were measured by means of an orifice.
The leakoffs from the No. 1 and No. 3 glands to
the steam seal regulator were measured with forward-
reverse type pitot tubes. A pitot tube was also used
to measure the leakoff from the steam seal regulator
to the lowest pressure heater. Subatmospheric gland
leakoff was measured with a water meter in the
drain line from the gland seal condenser (GSC) to
the main condenser. The No. 2 gland leakage flow
to the reheat bow| was determined by calculations
using the results of a special test.

' This sample calculation is for a full-scale test of a reheat-
regenerative cycle turbine. For a sample calculation of an alterna-
tive test of the same turbine, see Section 8A.
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Injection and leakoff flows from the feedwater
pump glands were measured with orifices. The out-
board gland leakages to atmosphere were measured
with a bucket and stopwatch.

8.2.2 Steam pressures were read with high-accu-
racy calibrated transducers. Extraction steam pres-
sures and temperatures were measured at the turbine
flange and at the heaters, except for the lowest
pressure heater, which was in the condenser neck.

8.2.3 All temperatures were measured by means
of calibrated thermocouples with 32°F reference
junctions.

8.2.4 Generator output was measured with three
single-phase, integrating watthour meters.

8.3 SUMMARY OF TEST DATA

The data recorded during the test were averaged
and corrected for instrument calibrations, water legs,
zero corrections, barometric pressures, and ambient
temperatures.

All test measurements, corrected for instrument
calibration, have been summarized on the flow
diagram shown in Fig. 8.1. Steam and water enthal-
pies derived from these data and the 1967 ASME
Steam Tables have also been entered.

8.4 CALCULATION OF PERFORMANCE UNDER
TEST OPERATING CONDITIONS

8.4.1 Calculation of Throttle Steam Flow. Conden-
sate flow measurement at the deaerator inlet was
2,941,405 lbm/hr. The corresponding flow to the
steam generator was determined as follows:

w; = extraction steam to No. 7 heater, [bm/hr
w, = extraction steam to No. 6 heater, lbm/hr
ws = extraction steam to No. 5 heater at tur-
bine, Ibm/hr
wrp=No. 1 gland high pressure leakoff,
Ibm/hr



APPENDIX A TO PTC 6, THE TEST CODE FOR STEAM TURBINES

ASME PTC 6A -2000

J10AD 1831 1’8 'O

'9'g "eJed 0} 133y :31ON TVHINID

550] |e2luBYOAW MY £9L'Z
1sd %4 009
4d 5670
MY GEL'9ZS
lojesauany

M 000°5€(0L) M Q00T (9) Y Tree
) M L8L'Z9
Y8l 45891 yiowz y 1osz M £96'08(6) M S60'80L y v'68¢
4 7oLl 4 002 49112 4 8082 462ZLY
/4 veve
Y £1oL y L1z Y vLvT ye de0Le y '18e
yvlL 4 ¥'z6l 492£z 48142 4 L71E 46707
4pzoL |4 vest d0GBE |491€Z| g0'GLE |48SZ| 4059 [4891E| 4 0'6SE 46v0r [ 4 O'SOL'E |4 L'Sey
Jo0%ee | oY ™~ ™~ ™~ - N~ ~
L "ON Z 'oN £ ON ¥ ON mmwm 9 'oN LON
i I 4 G'96L°lL )
4 oEncL A | 4 E7Z1E A Y v'Esz'L Y Z'OLEL ' 4 g'1GE'L 69LY'L a 4 yoLE'L T___ Mwmq
d L0l [ d 6'ET ! 4€9€ ! 4 0°65S ! M £'88L ! 4 0vZ9 3 v
MEBTUT | M ZPS'90L -+ 3 40059 519z ‘q yJ 0°960°
289 | W oiviol Wearau d S'spl e W 08e 208 |
.DI@I \ | |°___. o‘maw.—h | M L6E'SSE'E
M 006'% | _
]
. . P ]
y 8'69 'y e6set M SOV'LP6'Z = MOy} 91BSUSPUO) 1
4 £00L IM LSP'9 1
d 0'S0F 1 JojenBes e ||||||||| I
y N..vw.v._._. ||||| =TT 1005 [ Ioe “_ Il@|." Bunesy I “
N @3 000°t weass ! | @ (D o iR
) [ M LS5P0L )
vrs 4 1'69 I —1 | L ]
| ® | g
1 14 ]
- £ Lo
meep'sss  (MO00B=TVY o~ e z |
BH Ul o'z == 1 ! Yy 912e’L
lasuapuo) 40029
isiesH “ d L'6LZ
Yy SZI0'L y9zIELl M ELBLL
M VEL'ESZ'T J01e8 |
d00.5 !
S50 |B3LII3J8 MY G10'9 __ M 0009
I

W Zvavi
M PZE'L

’ d
M BLB'BLL'E M 000°L M 986°1L9Y'E

48



APPENDIX A TO PTC 6, THE TEST CODE FOR STEAM TURBINES

ASME PTC 6A -2000

W
hg
Whp Y
W, Ws [
p hp W,y
h 6 h
d
Y
No. 7 No. 6
Wy Wn
- '\J P\{ Deaerator [4————
ho7 hem hyos heig i
Heater Heater
htdo
hy4 hea Y
80,967
108,095
62,181 35,000
3,000

FIG. 8.2 EXTRACTION FLOWS TO HIGH PRESSURE HEATERS

w, = inlet steam to No. 5 heater (deaerator)
at heater, Ibm/hr
wy= final feedwater flow
w,, = measured condensate flow
wy, =0 = feedwater drawn from deaerator
storage, Ibm/hr
80,967 = feedwater pump seal injection, Ibm/hr
35,000 = feedwater pump seal leakage, Ibm/hr
3,000 = feedwater pump outboard leakage,
Ibm/hr
108,095 = throttle desuperheating flow, Ibm/hr
62,181 =reheat desuperheating flow, Ibm/hr

8.4.1.1 Extraction Flows to High Pressure Heat-
ers. Refer to Fig. 8.2 for an illustration of extraction
flows to high pressure heaters.

(a) Feedwater Flow to the Steam Generator

Wi = Wpgh+ Wr + Wg + Wy — Wy, +
2, pump injection flows -
>, pump leakage flows -

> desuperheating flows

wr = 2,941,405 + ws + wy + wy— 0 + (80,967)
- (35,000 + 3,000)
- (108,095 + 62,181)

wr = 2,814,096 + wy + Wy + wy
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The flows w5, wg, and wy are determined by heat
balance around the top three heaters. W, was
determined by measurement. Because feedwater
flow through the heaters is not known, it is conve-
nient to solve a set of simultaneous equations involv-
ing heat balances around each heater.

(b} Heat Balance Around the No. 7 Heater

Wy (hfo? - hﬁ;.-} = Wy (hy - h-,-d)

(2,814,096 + wy + wy + wy) (464.7 — 381.7)
= w5y (1,310.4 — 389.4)

838.0 (wy) — 83.0 (wg) — 83.0 (wy)
= 233,569,968 Btu/hr
(c) Heat Balance Around the No. 6 Heater
Wi (hiog = hie) = Wy (hyg = heg) + We (he = hgg)

(2,814,096 + ws + wy + wy) (381.7 — 340.3)
= w; (389.4 — 343.4) + w, (1,416.9 - 343.4)

4.6 (wy) + 1,032.1 (we) — 41.4 (wy)
= 116,503,574 Btu/hr
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(d) Heat Balance Around the No. 5 Heater
(Deaerator)

Wi (h = hg) = (wy + wg) (heg = hyo) +
wy (hg = hg,)

2,941,405(328.1 — 283.3) = (w; + w) (343.4 - 328.1) +
(1,351.8 — 328.10(wy)

15.3(wy) + 15.3(w) +
1,023.7(wy) = 131,744,944 Btu/hr

The solution of these simultaneous equations gives
the following results:

wy; = 302,386 Ibm/hr
we = 116,445 Ibm/hr
wg = 122,464 lbm/hr
Ws = Wg— Wpp

ws; = 122,464 - 17,913
104,551 Ibm/hr

Note that calculations must be carried to sufficient
significant figures to ensure accuracy.
Final feedwater flow is

2,814,096 + wy + wg + wy =
3,355,391 Ibm/hr (422.7793 kg/s)

8.4.1.1.1 Iterative Solution. The method of
solving simultaneous equations can be time-consum-
ing, especially if many high pressure heaters and
test points are to be calculated. An alternate method
is to employ an iterative solution.

A preliminary estimate of the final feedwater flow
is required. This may be based on the relationship
between deaerator inlet flow and final feedwater
flow shown on the design heat balances. A close
estimate is not necessary, because even a large error
will be reduced in the first iteration. Using this
procedure, first calculate all high pressure heater
extraction flows based on the assumed feedwater
flow. Then, using these extraction flows, calculate
the flow entering the deaerator to compare to the
measured flow. From the difference between these
two flow values, calculate a new feedwater flow,
which is then used to recalculate the extraction
flows. This procedure is continued until the measured
and calculated flows entering the deaerator reach
the desired degree of convergence.
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8.4.1.2 Unaccounted-For Change in Storage.
The tightness of the system was checked by water
mass balance. Any unaccounted-for losses from the
system were assumed to have occurred in the steam
generator.

Hotwell storage change (level fall) -8,000 Ibm/hr
Deaerator storage change 0 Ibm/hr
Feedwater pump gland leakage 3,000 Ibm/hr
Condensate pump gland leakage 3,500 Ibm/hr
Unaccounted-for change in storage -1,500 Ibm/hr

8.4.1.3 Throttle Steam Flow. Throttle flow =
feedwater flow + superheat attemperation flow +
unaccounted for change in storage - steam flow to
the air ejectors = 3,355,391 + 108,095 — 1,500 —
1,000 = 3,460,986 Ibm/hr {197.5558 kg/s)

8.4.1.4 Check of Unaccounted-For Change in
Storage. In para. 3.5.3 of the Code it is required
that the leakage be less than 0.1% of test throttle
flow at full load. Unaccounted-for change in storage,
as a percentage of throttle flow, at full load =
(1,500/3,460,986) x 100 = 0.043%. This is an
acceptable quantity.

8.4.2 Extraction Flows to Low Pressure Heaters.
Refer to Fig. 8.3 for an illustration of extraction
flows to low pressure heaters.

(a) No. 4 Heater Extraction Flow, w,

Wi (hos = hga) = wy (hy = hyy)
2,941,405 (283.3 - 241.4) = w,(1,310.2 - 250.1)
wy = 116,258 Ibm/hr

(b) No. 3 Heater Extraction Flow, w;

Wi (ho3 = hgz) = wy (h-td - hjd) +
Wy (h3 - h}d]

2,941,405 (241.4 - 201.7) = 116,258 (250.1 - 210.1) +
ws (1,253.4 - 210.1)

wy = 107,470 Ibm/hr

(c) No. 2 Heater Extraction Flow, w;,

Winlhpy = hi) = (wy +wyllhyy — hyg) +
wylhy = hyg)

2,941,405 (201.7 - 161.3) = 223,728 (210.1 - 168.5) +
w,(1,196.5 — 168.5)

wy = 106,542 Ibm/hr
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W, W, W, ARRE
ha hy hy hg hy
No. 4 No. 3 No. 2 No. 1
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Heater Heater Heater Heater
hag haq haa hig

FIG. 8.3 EXTRACTION FLOWS TO LOW PRESSURE HEATERS

The extraction flow to the No. 1 heater has less
than 27°F superheat; therefore, in accordance with
para. 3.11.2 of the Code, its enthalpy could not be
accurately determined from the steam tables by
pressure and temperature measurements.

The enthalpy of this steam was estimated from
an extrapolation of the test expansion line of the
turbine as specified in para. 5.19 of the Code. Points
representing steam conditions at the reheat bowl,
and extractions to the No. 6, 5, 4, 3, and 2 heaters
were plotted on a Mollier chart. An expansion line
was drawn as a smooth curve similar to the expan-
sion line furnished with the specified performance
data supplied by the turbine-generator manufacturer
using an estimated expansion-line end point (ELEP)
(refer to Fig. 8.4).

The enthalpy of the extraction steam to the No.
1 heater was then estimated to be 1,142.0 Btu/
Ibm using the measured extraction pressure. A high
degree of accuracy for this enthalpy is not required
because an iterative solution is used. When the
solution for the ELEP is obtained, it is compared to
the estimated value used for the drawing of the
expansion line. If the end points are within 0.1 Btu/
Ibm, the estimate is within acceptable limits. If the
estimate is outside this limit, a new ELEP is assumed,
a new expansion line is drawn, and the No. 1
heater enthalpy is re-estimated. The ELEP is recalcu-
lated until the desired convergence is obtained.

Measured flow from the steam seal regulator =
6,451 Ibm/hr at 1,359.3 Btu/lbm.

(d) No. 1 Heater Extraction Flow, w,

Wi (hr = hi) = (wy + wy + wy) (hyy = hig) +
W (hs - h‘]} + Wy (h]‘ - h]d)
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2,941,405 (161.3 - 71.4) = 330,270 (168.5 - 78.4) +
6,451 (1,359.3 - 78.4) +
wy (1,142.0 - 78.4)

w; = 212,873 Ibm/hr

8.4.3 Miscellaneous Extractions. The steam flow
to the feedwater pump drive turbine was measured
with a calibrated orifice. The flow was 155,180
Ibm/hr. The station heating steam flow from the
cold reheat line was also measured with an orifice.
The flow was 19,064 |bm/ hr, and for the test was
returned to the condenser.

8.4.4 Reheat Steam Flow

8.4.4.1 Cold reheat steam flow

= Throttle flow - No. 2 valve stem
leakoff flow — Leakoff flow to hot
reheat — No. 1 gland high pressure
leakoff flow — No. 1 gland low pres-
sure leakoff flow — Steam flow to
station heating — Extraction steam
flow to No. 7 heater — No. 2 gland
high pressure leakoff flow — Subatmo-
spheric gland leakoff flow

3,460,986 - 933 - 1,324 - 17,913 -
6,000 - 19,064 — 302,386 — 55,968 -
700

3,056,698 Ibm/hr (385.1439 kg/s)

Hot reheat steam flow
Cold reheat flow + reheat spraywater
flow

3,056,698 + 62,18
3,118,879 Ibm/hr (392.9788 kg/s)

8.4.4.2
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Inlet to reheat turbine {as tested)
5’3‘\.0 P
1515.1 992 T 5,1\_1 P After group No. 1 corrections
1,512.6 986.9 Tgé’/’/’/

1,4174}F No. 6 heater extraction (as tested)
g 1,357.0 —=+— No. 5 heater extraction (as tested}
= k
a 13103} ~—
2 o H No. 4 heater extraction (as tested)
m
B 12503 :
E aatd I T No. 3 heater extraction (as tested)
E
w
1,1975| No. 2 heater extraction (as tested)
1.142._0 No. 1 heater extraction (as tested)
(estimated) |- 2.0in. Hg absolute
1,0125 n

(calculated) ~+————— Expansion-line end point

Entropy, Btu/Ibm °F

P = pressure, psia
T = temperature, 'F

GENERAL NOTE: This diagram is not to scale. Changes in inlet steam conditions and deviations from the
test expansion line are exaggerated for clarity. A smooth curve is drawn on a Mollier Diagram with
enthalpy scale of 10 Btu/lb to the centimeter and entropy scale of 0.02 Btu/Ib’F to the centimeter. Ship's
curves such as K & E 864-31 or B64-41 or a 50-in. radius curve should be used. When extraction stage
pressures are changed as a result of Group 1 corrections, revised steam conditions are read from the
dotted lines drawn through the test points parallel to the expansion line.

FIG. 8.4 TURBINE EXPANSION LINE
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8.4.4.3
flow

Intermediate pressure turbine-inlet steam

= hot reheat steam flow + leakoff flow
to hot reheat + No. 2 packing high
pressure leakoff flow

= 3,118,879 + 1,324 + 55,968
= 3,176,171 Ibm/hr (400.1975 kg/s)

8.4.5 Calculation of Expansion-Line End Point
(ELEP). To calculate the expansion-line end point,
it is necessary to sum all of the heat into and out
of the turbine. This includes the heat equivalent of
the electrical output and generator losses and turbine
exhaust losses as heat out of the turbine (refer to
Table 8.1).

Measured generator output 526,135 kW
Electrical losses (Fig. 8.5) +6,045 kW
Fixed losses +2,167 kW
Turbine shaft output 534,347 kW
Measured generator power factor 0.95
Measured generator hydrogen pressure 60 psig

Used energy end point (UEEP) Heat to condenser

Flow to condenser

_2,320.4 x 10° Btu/hr
2,253,134 lbm/hr

1,029.9 Btu/lbm

It

The exhaust loss and expansion-line end point
(ELEP) can now be calculated. This is an iterative
procedure because moisture at the ELEP must be
known to calculate exhaust loss. The extrapolation
of the expansion line, based on the known steam
conditions at the inlet to the reheat section and the
extraction points, indicates an end point of 1,012.7
Btu/lbm.

Estimated ELEP

1,012.7 Btu/lbm

Exhaust pressure = 2.0 in. Hg abs
Moisture, M = 0.089
Specific volume, v = vs (1 -= M)

= 339.26 (1 — 0.089)
= 309.07 ft3/lbm

where
saturated dry specific volume at

the actual back pressure
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Annulus area, A = 206.4 ft?
Annulus velocity = idd
3600A

2,253,134 (309.07)
3600 (206.4)

937.21 ft/s
Exhaust loss, EL (from Fig. 8.6), 21.9 Btu/lbm

ELEP = UEEP - 0.87 (1 — M) (EL)
1,029.9 - 0.87 (1 - 0.089) (21.9)

1,012.5 Btu/lbm

The procedure is repeated, using the calculated
ELEP as the estimated ELEP, until the estimated and
calculated ELEP agree within 0.1 Btu/lbm.

ELEP = 1,012.5 Btu/Ilbm

8.4.6 Calculation of Overall Turbine Section Effi-
ciencies. Initial and final steam conditions for the
calculation of the overall turbine section efficiencies
are now known. The calculated test efficiencies can
then be compared to the values derived from the
design heat balances and can be used to determine
where the gains or deficiencies are.
(a) High Pressure Turbine Efficiency

_ hi-ho

hi - hs
1,464.2 — 1,312.6 «
1,464.2 — 1,288.1

86.1%

1

nhp

100

(b) Intermediate Pressure Turbine Efficiency

hi = ho
hi = hs

_ 1,5151-1357.0
1,515.1 - 1,344.0

92.4%

nip

100
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TABLE 8.1
CALCULATION OF EXPANSION-LINE END POINT (ELEP)
Flow, Enthalpy, Heat Flow,

Parameters Ibm/hr Btu/lbm 108 Btu/hr
Heat In
Throttle 3,460,986 1,464.2 5,067.6
Hot reheat 3,118,879 1,515 4,725.4
Total 9,793.0
Heat Out
No. 2 valve stem leakoff 933 1,449.3 1.3522
No. 1 gland high pressure leakoff 17,913 1,327.6 23.7813
No. 1 gland low pressure leakoff 6,000 1,327.6 7.9656
No. 1 gland subatmospheric leakoff 700 1,327.6 0.9293
Steam flow to station heating : 19,064 1,312.6 25.0234
Extraction flow to No. 7 heater 302,386 1,312.6 396.9117
Extraction flow to No. 6 heater 116,445 1,417.4 165.0491
Steam flow to feedwater pump drive turbine 155,180 1,357.0 210.5793
Extraction flow to No. 5 heater 104,551 1,357.0 141.8757
No. 3 gland low pressure leakoff 3,500 1,389.5 4.8633
No. 3 gland subatmospheric leakoff 700 1,389.5 0.9727
Cold reheat flow 3,056,698 1,312.6 4,012.2218
Extraction flow to No. 4 heater 116,258 1,310.3 152.3329
Extraction flow to No. 3 heater 107,470 1,254.3 134.7996
Extraction flow to No. 2 heater 106,542 1,197.5 127.5840
Extraction flow to No. 1 heater 212,873 1,142.0 2431010
Shaft output 534,347 kW x 3,412.142 Btu/kWhr = 1,823.2668
Total 7,472.6097

GENERAL NOTES:
{a) Heat to condenser = heat to turbine cycle — turbine shaft output — heat in steam leaving the cycle

9,793.0 x 10° — 7,472.6 x 10°
2,320.4 x 10° Btu/hr (2,448.4 x 10° k)/h)

6
(b) Flow to the condenser = intermediate pressure turbine inlet steam flow - >  Heater n extraction
n=1
steam flow — feedpump turbine driver steam flow - No. 3 gland high-pressure leakoff
flow — No. 3 gland low pressure leakoff flow + low pressure turbine seal flow

= 3,176,171 - (116,445 + 104,551 + 116,258 + 107,470 + 106,542 + 212,873) -
155,180 - 3,500 - 700 + 482

= 2,253,134 Ibm/hr (283.8949 kg/s)
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FIG. 8.5 GENERATOR LOSSES

(c) Low Pressure Turbine Efficiency

_ hi-ho

Ip =
TP = N hs

(1) To (UEEP)

7.0 - 1,029.
= 1,357.0 21,0299 64 _ g4.59
1,357.0 - 970.0

(2) To (ELEP)

_ 1,357.0-1,012.5
1,357.0 - 970.0

x 100 = 89.0%

Valve stem leakoff flows and gland leakages
into turbine sections further along the flow path
can have some effect on the overall section effi-
ciency. For example, the intermediate pressure
turbine actually has a mixture of steam to its first
stage with a steam enthalpy of 1,513.7 Btu/Ibm.
The actual section efficiency is

| =
£ 1,513.7 - 1,343.4

8.4.7

_ 15137213570 0 oo oo

Calculation of Test Cycle Heat Rate. The

basic definition of heat rate, which is used to formu-
late gross and net heat rates, is stated in para. 5.7.1
of the Code as

heat rate = (heat supplied - heat returned)/(output)

(a) Gross heat rate (GHR) for cycles using
(1) Motor-Driven Feed Pump

GHR = heat input/generator output

(2) Shaft-Driven Feed Pump
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GHR = heat input/(generator output

+ power to pump coupling)
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FIG. 8.6 EXHAUST LOSSES

(3) Turbine-Driven Feed Pump

GHR = heat input/(generator output
+ auxiliary turbine output)

(b) Net heat rate (NHR) for cycles using
(1) Motor-Driven Feed Pump

NHR = heat input/(generator output
— power to motor)

(2) Shaft-Driven or Turbine-Driven Feed Pump
NHR = heat input/generator output

Turbine gross or net heat rates can be used. For
comparing test results to specified results, the test
heat rate must be the one defined in the specified
heat balance. Gross heat rates at the same output do
not illustrate the differences in performance resulting
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from variations in pumping power. Because different

steam flow rates affect pumping power, turbine

performance can best be described by net heat rate.
The heat input to the cycle is defined as

W|' [hg = hfw) + Wr (hh!h - thh}

throttle flow (Ibm/hr)
w, = reheat flow (Ibm/hr)

h, = throttle enthalpy (Btu/lbm)

hs, = final feedwater enthalpy (Btu/lbm)
hyy = enthalpy leaving reheater (Btu/Ibm)
he, = enthalpy entering reheater (Btu/lbm)

The heat input may be modified to include heat
added by the feed pump, flow to the steam jet air
ejector (SJAE), or various other flows. It is important
for all heat inputs or losses which are charged to
the turbine cycle to be completely specified. The
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net heat rate as specified for the test turbine cycle
in this example is

(Wr - Wshs) (hf - hfa?) + Wips {hr - hﬁE:] +
— (Wr - ths) {hhrh - hcrh) + Wiop (hhrh - hrhs}

HR
generator output
where
W = superheat spraywater
W,s = reheat spraywater
Hi7 = enthalpy leaving No. 7 heater
Hg, = enthalpy entering No. 6 heater
Hps = enthalpy of reheat spraywater
(3,460,986 — 108,095) (1,464.2 - 464.7) +
(108,095) (1,464.2 - 340.3) +
(3,118,879 - 62,181) (1,515.1 - 1,312.6) +
HR = (62,181) (1,515.1 — 334.2)

526,135

7,916 Btu/kWhr (8,352 k)/kWh)

8.5 CORRECTION OF TEST PERFORMANCE TO
SPECIFIED OPERATING CONDITIONS

8.5.1 Group 1 Corrections. Performance is first
corrected for the effect of the Group 1 variables,
described in para. 5.8.2 of the Code and outlined
in para. 5.11. The variables primarily affect the
feedwater heating system. Corrections for generator
operating conditions are conveniently made at this
time. Test characteristics for the turbine, such as
turbine efficiencies, packing flows, and stage flow
functions, are maintained.

The first step is to calculate the extraction steam
flows that would exist with the specified heater
terminal temperature differences and extraction line
pressure drops. Other specified operating conditions
also introduced at this time are

(a) Throttle flow equals the test throttle flow

(b) Feedwater flow leaving the highest pressure
feedwater heater equal to the test turbine flow plus
the specified air ejector steam flow (1,000 Ibm/hr)

(c) No change in water storage at any point in
the cycle

(d) No spraywater

(e) No make-up

(f) No heat loss from extraction steam lines

(g) Specified feedwater enthalpy rise across the
feedwater pumps

ASME PTC 6A-2000

(h) Enthalpy of feedwater to the lowest pressure
feedwater heater corresponding to that of saturated
water at the test exhaust pressure of 2.0 in. Hg absolute

If sufficiently large, extraction steam flows may
cause corresponding changes in the extraction pres-
sures, necessitating an iterative calculation of the
corrected extraction steam flows. As a first approxi-
mation, new extraction flows were calculated, using
test extraction pressures and specified values of
extraction-line pressure drop.

All flows into and out of the turbine were pre-
viously calculated or are the same as measured.
The flows through the stages of the turbine can now
be calculated.

The ratio of steam flow to the following stage,
wy; to (p/V)23, referred to in para. 5.2(d) of the Code,
for small changes in pressure and with constant
temperature, may be reduced to w/p. This relation-
ship is calculated for the test cycle at each turbine
extraction stage.

Heat balance around the steam seal regulator is

10,433x = 933 (1,449.3) + 6,000 (1,327.6)
+ 3,500 (1,389.5)
x = 1,359.3 Btu/lbm

Measured drain flow from the gland steam con-
denser was 4,900 Ibm/hr. This flow was allocated
as to source as follows: 700 Ibm/hr from each of
six turbine glands plus 700 Ibm/hr from the feedwater
pump turbine glands. The spillover of gland steam
to the No. 1 heater was measured to be 6,451 |bm/
hr. The flow of gland steam from the steam seal
regulator to the low pressure turbine glands is
10,433 - 6,451 or 3,982 |bm/hr. By difference
(3,982 - 3,500) a flow of 482 lbm/hr from the low
pressure glands into the condenser is determined.

Assuming saturation temperature at the deaerator
and specified terminal differences and drain cooler
approach temperature, calculate high pressure heater
conditions. The heat balance diagram is shown in
Fig. 8.7.

8.5.1.1 First Approximation (Refer to Fig. 8.7)

8.5.1.1.1 Extraction Steam Flow Calculations

(a) No. 7 Heater
wy (hgy = hez) = wy (hy = hyy)
3,461,986 (4,63.4 — 381.0) = w;(1,312.6 — 388.7)

w; = 308,765 Ibm/hr
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(b) No. 6 Heater
Wy lhe = hge) = Wy (hyg — heg) + wy (hg — heg)

3,461,986 (381.0 - 340.1) = 308,765 (388.7 —
346.3) + w; (1,417.4 - 346.3)

we = 119,973 Ibm/hr

(c) No. 5 Heater (Deaerator)

W{ {hfd‘; o h;’oq) = (W? + Wﬁ) (h(,d - h;’Oq} + Whp {f’lhp =
hfo-t) + W5 ”15 - hfm}

3461,986 (327.6 — 288.9) = (308,765 + 119,973)
(346.3 — 288.9) + 17,913 (1,327.6 — 288.9) +w;s
(1,357.0 - 288.9)

ws = 84,976 Ibm/hr
Steam flow required to pump 3,461,986 Ibm/hr

feedwater flow:

(Contract Ah)(feedwater flow)

[(feedwater pump turbine efficiency) x
(available steam energy)]

Assume that the exhaust pressure is 2.5 in. Hg
absolute.

12.5(3,461,986)
0.79(1,375.0-982.2)

= 146,153 |bm/ hr

(d) No. 4 Heater

Wi, (hios = hig) = wy (hy = hyy

2,930,359 (288.9 - 241.1) = w, (1,310.3 - 250.8)

ws = 132,205 lbm/hr
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(e} No. 3 Heater

Win (higs = hga) = wy (hag = hyg) + wy (hy = hyy)

2,930,359 (241.1 - 201.4)
210.8) + w; (1,254.3 - 210.8)

132,205 (250.8 -

wy = 106,418 Ibm/hr

(f)l No. 2 Heater
Wm (hﬂﬂ - hﬁz) = (W.q + W3) ”135‘_ h}‘.d) + W (hz -
hag
2,930,359 (201.4 - 160.3) = (132,205 + 106,418)
(210.8 - 169.5) + wy (1,197.5 — 169.5)
w, = 107,571 lbm/hr

g) No. 1 Heater
Wi (hgr = h) = (wy + wy + wy) (hyy = hyg) + w,

(hy = g + wy (hy = )

2,930,359 (160.3 — 72.5) = (132,205 + 106,418 +
107,571) x {169.5 - 81.5) + 6,451 (1,359.3- 81.5)
+ wy (1,142.0 - 81.5)

w, = 206,108 lbm/hr

8.5.1.1.2 Steam flows - through the stages of
the turbine (for the first iteration) are presented in
Table 8.2. Test relationships are shown in Table 8.3.

Using the test flow/pressure relationships and the
calculated flow to the following stage at each extrac-
tion point, revised extraction pressures are calculated
as wy(w/p). Refer to Table 8.4.

The revised extraction pressures are used in the
second approximation. Steam enthalpies correspond-
ing to the revised extraction pressures are determined
from the plot of the turbine expansion line, and
new extraction flows and pressures are then calcu-
lated (refer to Fig. 8.4).

Some scattering of the points representing steam
conditions at the extraction stages is likely and the
points may not fall exactly on the test expansion
line. Enthalpies should be assumed to vary along a
line parallel to the test expansion line, but passing
through the point representing steam conditions as
actually measured. This process must be repeated
until the change for two successive iterations in
extraction pressure is less than 1.0% or 1.0 psi,
whichever is smaller, on all heaters.

In accordance with para. 5.12.1 of the Code, the
high pressure turbine exhaust pressure is maintained
at the test value. This, in effect, changes the reheater
pressure drop. This change is compensated for by
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TABLE 8.2
STEAM FLOWS THROUGH THE STAGES OF THE TURBINE IN THE FIRST
APPROXIMATION (FOR THE FIRST ITERATION)

Stage Flow, Ibm/hr
Throttle flow 3,460,986
No. 2 valve stem leakoff -933
Leakoff flow to hot reheat -1,324
No. 2 gland high pressure leakoff flow ~55,968
First-stage steam flow 3,402,761
No. 1 gland high pressure leakoff flow -17,913
No. 1 gland low pressure leakoff flow -6,000
No. 1 gland subatmospheric leakoff flow -700
Steam flow leaving high pressure turbine 3,378,148
No. 7 heater extraction steam flow -308,765
Cold reheat steam flow 3,069,383
Hot reheat steam flow 3,069,383
Leakoff flow to hot reheat +1,324
No. 2 gland high pressure leakoff flow +55,968
Steam flow at intermediate pressure turbine inlet 3,126,675
No. 6 heater extraction steam flow -119,973
Steam flow following extraction 3,006,702
No. 5 heater extraction steam flow -84,976
Feedwater pump turbine extraction steam flow -146,153
No. 3 gland low pressure leakoff flow -3,500
No. 3 gland subatmospheric leakoff flow -700
Crossover steam flow 2,771,373
No. 4 heater extraction steam flow -132,205
Steam flow following extraction 2,639,168
No. 3 heater extraction steam flow -106,418
Steam flow following extraction 2,532,750
No. 2 heater extraction steam flow -107,571
Steam flow following extraction 2,425,179
No. 1 heater extraction steam flow -206,108
Steam flow following extraction 2,219,071
Flow from steam seals +482
Steam flow to condenser 2,219,553

the reheater pressure drop correction factor corre-
sponding to the revised value of reheater pressure
drop rather than to the original test value. Therefore,
corrections to the high pressure turbine efficiency
for the effect of changes in high pressure turbine
exhaust pressure are avoided.

8.5.1.2 Second Approximation (Refer to Fig. 8.8)

8.5.1.2.1 Extraction Steam Flow Calculation
(a) No. 7 Heater
Wi (hoz = hgz) = wy (hy — hyy)

3,461,986 (463.4 - 379.4) = wy (1,312.6 - 387.0)

wy; = 314,182 Ibm/hr

(b) No. 6 Heater

(c)

wi (hie = hig) = wy (hyg = heg + we (hg — hed
3,461,986 (379.4 - 339.3) = 314,182 (387.0 -
345.6) + w, (1,414.1 — 345.6)

we = 117,752 lbm/hr

No. 5 Heater

wi (higs = hg) = (wy + wy) (hgg = hys) + wip (hpp -
hipe) + wy ths = hyo)

3,461,986 (326.8 - 281.7) = (314,182 + 117,752
(345.6 — 281.7) + 17,913 (1,327.6 - 281.7)+ w;
(1,354.7 - 281.7)

w, = 102,330 Ibm/hr
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TABLE 8.3
TEST RELATIONSHIPS
Stage w-lbm/hr p-psia w/p

Throttle flow 3,460,986

No. 2 valve stem leakoff flow -933

Leakoff flow to hot reheat -1,324

No. 2 gland high pressure leakoff flow -55,968

First-stage steam flow 3,402,761

No. 1 gland high pressure leakoff flow -17,913

No. 1 gland low pressure leakoff flow —-6,000

No. 1 gland subatmospheric leakoff flow -700

Steam flow leaving high pressure turbine 3,378,148 570.0 5,926.6
Station heating steam flow -19,064 .

No. 7 heater extraction steam flow -302,386

Cold reheat steam flow 3,056,698

Desuperheating water flow +62,181

Hot reheat steam flow 3,118,879 531.0 5.873.6
Leakoff flow to hot reheat +1,324

No. 2 gland high pressure leakoff flow +55,968

Steam flow at intermediate pressure turbine inlet 3,176,171

No. 6 heat extraction steam flow -116,445

Steam flow following extraction 3,059,726 270.0 11,332.3
No. 5 heater extraction steam flow -104,551

Feedwater pump turbine extraction steam flow -155,180

No. 3 gland low pressure leakoff flow -3,500

No. 3 gland subatmospheric leakoff flow -700

Crossover steam flow 2,795,795 152.0 18,393.4
No. 4 heater extraction steam flow -116,258

Steam flow following extraction 2,679,537 90.8 29,510.3
No. 3 heater extraction steam flow -107,470

Steam flow following extraction 2,572,067 49.0 52,491.2
No. 2 heater extraction steam flow -106,542

Steam flow following extraction 2,465,525 25.1 98,228.1
No. 1 heater extraction steam flow -212,873

Steam flow following extraction 2,252,652 11.3 199,349.7
Flow from steam seals +482

Steam flow to condenser 2,253,134
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TABLE 8.4
REVISED EXTRACTION PRESSURES: FIRST APPROXIMATION
‘yop
Stage w-lbm/hr w/p p-psia change
Hot reheat inlet steam flow 3,069,383 5,873.6 522.6 1.6
Steam flow following No. 6
heater extraction 3,006,702 11,3323 265.3 1.7
Crossover steam flow 2,771,373 18,393.4 150.7 0.9
Steam flow following No. 4
heater extraction 2,639,168 29,510.3 89.4 1.5
Steam flow following No. 3
heater extraction 2,532,750 52,491.2 48.3 1.4
Steam flow following No. 2
heater extraction 2,425,179 98,228.1 24.7 1.6
Steam flow following No. 1
heater extraction 2,219,071 199,349.7 1.1 1.8

Steam flow required to pump 3,461,986 Ibm/hr
feedwater flow:

12.5(3,461,986)
0.79 (1,354.7 - 982.2)

= 146,153 lbm/hr

(d) No. 4 Heater
Wi (hros = hra) = wy (hy = hyg
2,909,809 (281.7 — 240.1) = wy (1,308.0 - 249.8)

wy = 114,391 lbmvhr

(e) No. 3 Heater
Wi (hioy = hz) = wy (hy = hyg) + wy (hag = h3g)

2,909,809 (240.1 — 200.5) = w, (1,253.9 - 209.9)
+ 114,391 (249.8 - 209.9)

wy = 106,000 Ibm/hr

(f) No. 2 Heater

W (hl'bl - hﬁz:' = W) (hz - hzd} + (W4 + W]) (hld -

hyd

2,909,809 (200.5 - 159.4) = w, (1,197.2 - 168.6)
+ (114,391 + 106,000} (209.9 - 168.6)

w; = 107,419 Ibm/hr

(g) No. 1 Heater

Wm (hf(ﬂ - hm) = W (h] - h]d} + (W4 + w; + Wz}
(hyg = Mg + wq (hy = hyg)
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2,909,809 (159.4 — 72.5) = w, (1,140.2 — 81.5) +
(220,391 + 107,419) (168.6 — 81.5) + 6,451
{(1,359.3 - 81.5)

w, = 204,087 lbm/hr

8.5.1.2.2 Steam flows through the stages of
the turbine (for the first iteration) are presented in
Table 8.5.

Using the test flow/pressure relationships and the
calculated flow to the following stage at each extrac-
tion point, revised extraction pressures are calculated
as wi(w/p). Refer to Table 8.6.

Pressures are within 1.0% of the previous iteration,
illustrating that they are close enough to the test
pressure/flow curve.

The change in steam flow to the reheat turbine
causes a corresponding change in pressure at the
inlet to the reheat turbine. New values of steam
temperature and enthalpy must be determined from
the test expansion line at the revised pressure.

Test pressure 531.0 psia

Test steam flow to the 3,118,879 |bm/hr
reheat turbine

Revised steam flow to the 3,063,966 |bm/hr

reheat turbine

531.0 x 3,063,966

Revised pressure
3,118,879

= 521.7 psia

Revised temperature 986.9 °F

Revised enthalpy 1,512.6 Btu/lbm

Because exhaust loss varies with the exhaust flow,
a revised value of the exhaust steam enthalpy must
be determined.
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TABLE 8.5
STEAM FLOWS THROUGH THE STAGES OF THE TURBINE IN THE SECOND
APPROXIMATION (FOR THE FIRST ITERATION)

Stage Flow, Ibm/hr
Throttle flow 3,460,986
No. 2 valve stem leakoff ~933
Leakoff flow to hot reheat -1,324
No. 2 gland high pressure leakoff flow -55,968
First-stage steam flow 3,402,761
No. 1 gland high pressure leakoff flow -17,913
No. 1 gland low pressure leakoff flow —6,000
No. 1 gland subatmospheric leakoff flow -700
Steam flow leaving high pressure turbine 3,378,148
No. 7 heater extraction steam flow -314,182
Cold reheat steam flow 3,063,966
Hot reheat steam flow 3,063,966
Leakoff flow to hot reheat +1,324
No. 2 gland high pressure leakoff flow +55,968
Steam flow at intermediate pressure turbine inlet 3,121,25
No. 6 heater extraction steam flow -117,752
Steam flow following extraction 3,003,506
No. 5 heater extraction steam flow -102,330
Feedwater pump turbine extraction steam flow -147,056
No. 3 gland low pressure leakoff flow -3,500
No. 3 gland subatmospheric leakoff flow -700
Crossover steam flow 2,749,920
No. 4 heater extraction steam flow -114,391
Steam flow following extraction 2,635,529
No. 3 heater extraction steam flow -106,000
Steam flow following extraction 2,529,529
No. 2 heater extraction steam flow -107,419
Steam flow following extraction 2,422,110
No. 1 heater extraction steam flow -204,087
Steam flow following extraction 2,218,023
Flow from steam seals +482
Steam flow to condenser 2,218,505
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TABLE 8.6
REVISED EXTRACTION PRESSURES: SECOND APPROXIMATION
Okp
Stage w-lbm/hr w/p p-psia change
Hot reheat inlet steam flow 3,069,966 5,873.6 521.7 0.2
Steam flow following No. 6
heater extraction 3,003,506 11,3323 265.0 0.1
Crossover steam flow 2,749,920 18,393.4 149.5 0.8
Steam flow following No. 4
heater extraction 2,635,529 29,510.3 89.3 0.1
Steam flow following No.3
heater extraction 2,529,529 52,491.2 48.2 0.2
Steam flow following No. 2
heater extraction 2,422,110 98,228.1 24.7 0.0
Steam flow following No. 1
heater extraction 2,218,023 199,349.7 11.1 0.0
Exhaust pressure 2.0 in. Hg abs Test, After Group 1
Expansion-line end point 1,012.5 Btu/lbm Specified Corrections
(test value) Throttle pressure, psia 2,415 2,402
Moisture, M 0.089 Throttle temperature, °F 1,000 1,005
Throttle flow, lbm/hr 3,460,986
e _ — 3
Specific volume, v 339.26 (1 — 0.089) = 309.07 ft¥/lbm Reheat temperature, °F 1,000 986.9
Annulus area, A 206.4 fi? Exhaust pressure, in. Hg abs 1.5 2.0
Reheater pressure drop, % 10.0 8.44
Annulus velocity wv_2.218,505 (309.07) 922.8 ft/sec P P
36004 3600 (206.4) Throttle steam flow was corrected to specified
Exhaust loss from curve (Fig. 8.6) 212 Bruibm conditions for the effect of deviation in initial pres-

Revised used energy end point

1,012.5 + 0.87 (1 — 0.089) (21.2)
1,012.5 + 16.8
1,029.3 Btu/lbm

A turbine heat rate and generator output, corrected
to the specified values of Group 1 variables, were
calculated by means of a heat balance around the
turbine. Refer to Table 8.7.

8.5.2 Group 2 Corrections. Group 2 corrections
described in para. 5.8.3 of the Code, and outlined
in para. 5.12, cover the effect of deviations from
specified initial and reheat steam conditions, reheater
pressure drop, and exhaust pressure, and are deter-
mined from correction curves supplied by the turbine
manufacturer. The revised conditions at the reheat
turbine stop valve resulting from the Group 1 correc-
tions must be used to determine the Group 2 correc-
tions,
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sure and temperature as specified in para. 5.12.3
of the Code.

XV
w, [ Ps i
Pr X Vs

3,460,986 2,415 x 0.3229
2,402 x 0.3193

3,460,986 \/1.0167
3,460,986 x 1.0083
3,489,712 |bm/hr (439.7037 kg/s)

W, =

The factors listed in Table 8.8 permit correcting
the test heat rate and load to specified conditions.
Correction factors are defined as 1 + (% change)/
100. These factors will be used as divisors when
correcting from test to specified.

Corrected heat rate = 7,866/0.9993

7,872 Btu/kWhr (8,305 k)/kWh)

i

518,264/0.9894

Corrected load

523,816 kW
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TABLE 8.7
TURBINE HEAT RATE AND GENERATOR OUTPUT
Flow, Enthalpy, Heat Flow,
Parameters Ibm/hr Btu/Ibm 10° Btu/hr

Heat In

Throttle 3,460,986 1,464.2 5,067.68
Hot reheat 3,063,966 1,512.6 4,634.55
Total 9,702.13
Heat Out

No. 2 valve stem leakoff 933 1,449.3 1.35
No. 1 gland high pressure leakoff 17,913 1,327.6 23.78
No. 1 gland low pressure leakoff 6,000 1,327.6 7.97
No. 1 gland subatmospheric leakoff 700 1,327.6 0.93
Extraction flow to No. 7 heater 314,182 1,312.6 412.40
Extraction flow to No 6 heater 117,752 1,414.1 166.51
Steam flow to feedwater pump drive turbine 147,056 1,354.7 199.22
Extraction flow to No. 5 heater 102,330 1,354.7 138.63
No. 3 gland low pressure leakoff 3,500 1,389.5 4.86
No. 3 gland subatmospheric leakoff 700 1,389.5 0.97
Cold reheat flow 3,036,966 1,312.6 4,021.76
Extraction flow to No. 4 heater 114,391 1,308.0 149.62
Extraction flow to No. 3 heater 106,000 1,253.9 132.91
Extraction flow to No. 2 heater 107,419 1,197.2 128.60
Extraction flow to No. 1 heater 204,087 1,140.2 232.70
Flow to condenser 2,218,505 1,029.3 2,283.51
Total 7,905.72

GENERAL NOTES:
(a) Heat used = (9,702.13 - 7,905.72) x 106
1,796.41 x 106

1,796.41 x 10 Btu/hr

]

(b) Equivalent power = ——— = 526,476.1 kW
3,412.14

(c) Electrical losses (Fig. 8.5) 6,045 kW

(d) Fixed losses 2,167 kW

(e) Generator output, corrected for Group No. 1 variables = 518,264 kW
3,460,986 (1,464.2 — 463.4) + 3,063,966 (1,512.6 — 1,312.6)
518,264

7,866 Btu’/kWh (8,299 k)/kWh)

() Heat rate =

TABLE 8.8
CORRECTION FACTORS
Heat Rate Load
. Change Percent Change Correction Percent Change Correction
Throttle pressure (Fig. 8.9) =13 psi +0.02 1.0002 -0.54 0.9946
-0.5%
Throttle temperature (Fig. 8.10) +5.0°F -0.08 0.9992 -0.15 0.9985
Reheat temperature (Fig. 8.11) -13.1°F +0.10 1.0010 -0.60 0.9940
Reheater pressure drop (Fig. 8.12) -1.56% -0.28 0.9972 +0.40 1.0040
Exhaust pressure (Fig. 8.13) +0.5 in. Hg +0.17 1.0017 -0.17 0.9983
Combined correction factor (product of 0.9993 0.9894

correction factors)
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According to para. 3.13.2 of the Code, test results
may be compared with the specified performance
by reading the difference between two locus curves,
one drawn through the specified performance points
and the other through the test points. The difference
is determined at the specified load point.

The specified cycle, shown on Fig. 8.14, has a
heat rate of 7,897 Btu/kWhr (8,332 kJ/kWh) at an
output of 489,288 kW at the generator terminals.

The corrected test heat rate at this load, as deter-
mined from the locus curve shown in Fig. 8.15,
was 7,856 Btu/ kWhr (8,288 kJ/kWh), 41 Btu/kWhr
(43.3 k)/kWh) better than specified.

Percent Change from expected

(7,856 - 7,897) x
7,897

100

= -0.5%

The corrected test performance is 0.5% better than
the specified turbine performance.

8.6 KEY TO FIGS. 8.1, 8.7, 8.8, AND 8.14
w = flow, Ibm/hr
P = pressure, psia
F = temperature, °F
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enthalpy, Btu/lbm

measured water flow

No. 2 valve stem leakoff

No. 1 gland low pressure leakoff

No. 1 gland high pressure leakoff

No. 3 gland low pressure leakoff

main steam spraywater

reheat steam spraywater

gland seal steam; supplies four glands on
main turbine shaft with equal flows and
supplies each of two glands on the feed-
water pump turbine with one-half the
flow to the main turbine gland; therefore,
a total of five glands

gland seal return

feedwater pump gland seal flow
feedwater pump gland seal leakoff to con-
denser

station heating steam flow return to con-
denser _

No. 6 heater extraction

No. 5 heater extraction

No. 4 heater extraction

No. 3 heater extraction

No. 2 heater extraction

No. 1 heater extraction

steam jet air ejector steam
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FIG. 8.9 THROTTLE PRESSURE CORRECTION FACTORS
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1 T 1 [ ]
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FIG. 8.10 THROTTLE TEMPERATURE CORRECTION FACTORS
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‘ I I I | [ 1/4 load
Percent change in kilowatt load Percent increase 1/2 load

, /// Rated load
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FIG. 8.11 REHEAT TEMPERATURE CORRECTION FACTORS
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1 T 1 ]
.\Percent change in kilowatt load Percent increase
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Percent reheater pressure drop
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1 1 1
| 2 3 14 15
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__.ﬂ""-— 05
Percent decrease Percent reheat pressure drop

FIG. 8.12 REHEATER PRESSURE DROP CORRECTION FACTORS

71



ASME PTC 6A-2000 APPENDIX A TO PTC 6, THE TEST CODE FOR STEAM TURBINES
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FIG. 8.13 EXHAUST PRESSURE CORRECTION FACTOR
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SECTION 8A — SAMPLE CALCULATION FOR A TEST
OF A REHEAT-REGENERATIVE CYCLE USING THE
ALTERNATIVE PROCEDURE WITH FINAL FEEDWATER
FLOW MEASUREMENT

8A.1 DESCRIPTION OF UNIT AND BASIS OF

GUARANTEE

The unit tested is the same unit that underwent
a full-scale test in Section 8. It is a 500,000 kW,
reheat-regenerative cycle turbine with an auxiliary
turbine for the feedwater-pump drive and an extrac-
tion for station heating. The generator is rated at
560,000 kVA with 0.95 power factor and 60 psig
hydrogen pressure. Rated steam conditions are 2,400
psig, 1,000°F and 1,000°F with 1.5 in. Hg absolute
exhaust pressure. There are seven stages of feedwater
heating. All  main-turbine and auxiliary-turbine
glands are steam sealed. Performance is guaranteed
on the basis of heat rate with feedwater heating
cycle conditions and auxiliary-turbine performance
as specified in the contract. The exciter is shaft
driven. The parties agreed to use the alternative
procedure with final feedwater flow measurement
for the acceptance test. The test was run at the
valves-wide-open position.

8A.2 DESCRIPTION OF TEST
INSTRUMENTATION

8A.2.1 Feedwater flow leaving the highest pressure
feedwater heater was derived from the measured
differential pressure developed by a calibrated throat-
tap nozzle. The flow section was made in accordance
with Fig. 4.8 of the Code, fitted with an inspection
port, and permanently installed in the feedwater
piping. During a turbine shutdown prior to the tests,
the inspection port was opened, and the nozzle was
inspected for damage and cleaned with high pressure
water jets. At the first available shutdown after the
tests, the nozzle was again inspected and found to
have a slight, uniformly distributed iron oxide film
less than 0.001 in. (0.025 mm) thick. Both parties
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agreed that this would have a negligible effect on
the flow measurement.

8A.2.2 Calibrated pressure transducers in accord-
ance with Code para. 4.17.1 were used to measure
pressures with high accuracy (throttle, cold reheat,
hot reheat, No. 7 heater extraction steam and LP
turbine and auxiliary turbines exhaust pressures).
Test Bourdon tube gages were used to measure
feedwater and nozzle pressures. All other pressures
were measured with pressure transducers through
the station on-line computer.

8A.2.3 Type E Chromel-Constantan thermocouples
in accordance with Code para. 4.18.2(a) were used
with a precision potentiometer to measure tempera-
tures with high accuracy (throttle, cold reheat, hot
reheat, No. 7 heater extraction steam, feedwater to
and from the No. 7 heater, drain leaving No. 7
heater, condensate leaving the hot well, auxiliary
turbine throttle, air preheating steam, main steam
desuperheating water, and reheat desuperheating
water). All other temperatures were taken from the
station on-line computer.

8A.2.4 The differential pressure across the flow
nozzle was measured with high accuracy (0.05%)
noncontacting optical sensors using a five '/,-digit
multi-channel microprocessor readout. The flow
corresponding to each set of taps was determined
and averaged for the nozzle.

8A.2.5 Superheater and reheater desuperheating
spray water flows were measured with station flow
nozzles utilizing force-balance differential pressure
transducers and the station on-line computer.

8A.2.6 Steam flows to the turbine driving the boiler
feed pump and for station heating were measured
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with calibrated venturi nozzles using force-balance
differential pressure transducers and the station on-
line computer.

8A.2.7 The cycle was isolated before conducting
the test as described in Section 3 of the Code.
Feedwater heater leakage was checked and found
to be negligible. Steam flow to the air preheater
coils was isolated during the test. Level changes
were measured in accordance with para. 4.22 of
the Code, and water losses were measured at the
beginning and end of the test by means of a timed
quantity of water. Adequacy of the system isolation
was checked by a water balance as shown below.

8A.2.8 Steam flow to the air ejectors from main
steam, valve packing leakage flows, and steam seal
flows were assumed to be design values.

8A.2.9 Before the test, all pertinent cycle pressures
and temperatures to be taken from the station com-
puter were checked with test instrumentation and
calibrations were performed when differences in
readings greater than 1.0% were noted.

8A.3 SUMMARY OF TEST DATA

All test measurements were averaged and cor-
rected for instrument calibrations. All test data in-
cluding steam and water properties are summarized
in Fig. 8A.1.

The test data and flow results from high accuracy
instruments are shown in boxes in Fig. 8A.1 to
distinguish them from station instrumentation av-
erages.

8A.4 CALCULATION OF TEST TURBINE HEAT
RATE FOR VWO TEST

8A.4.1 Calculations for Test Turbine Heat Rate.
The test turbine heat rate for VWO test is presented
in Table 8A.1. The No. 7 heater extraction steam
flow is illustrated in Fig. 8A.2.

(a) Unaccounted-for Water Losses

Flow Rate, Ibm/hr

Steam generator drum level change o

Hotwell storage change (level drop) -8,000

Deaerator storage change 0

Feedwater pump leakage 3,000

Condensate pump leakage 3,500
-1,500

Z (leakage and storage)
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(b) Throttle Flow

Flow Rate, lbm/hr
Measured feedwater flow (wy 3,355,391
Unaccounted-for water losses -1,500
Superheater desuperheating spray flow 108,100
Steam flow to air ejectors - 1,000
Throttle flow (w} 3,460,991

(c) High Pressure Turbine Exhaust Flow

Flow Rate, lbm/hr
Throttle flow 3,460,991
High pressure valve stem leakage flow -1,324
Low pressure valve stem leakage flow -933
No. 2 gland high pressure leak-off flow -55,968
No. 1 gland leak off flow -24,613
High pressure turbine exhaust flow 3,378,153

(d) No. 7 Heater Extraction Steam Flow (See Fig.
8A.2)

wehy + wihg; = wehg; + wihyy

wilhto 7 = hyi )

W;.r =
(h; = hsg)
W = 3,355,391 (464.7 — 381.7)
7 1,310.4 - 389.4
w; = 302,386 lbm/hr
(e) Cold Reheat Steam Flow
W, = high pressure turbine exhaust flow
- No. 7 heater extraction steam flow
- steam flow to station heating
= 3,378,153 - 302,386 - 19,100
Wen = 3,056,667 |Ibm/hr
() Hot Reheat Steam Flow
Whe, = cold reheat steam flow + reheat spray flow
= 3,056,667 + 62,200
Wh, = 3,118,867 lbm/hr

(g) Output Corrected for Power Factor and Hydro-
gen Pressure. Measured output is corrected for devia-
tions in hydrogen pressure and power factor by use
of generator electrical loss curves. In this example,
the design and test hydrogen pressures were the same;
therefore,

Hydrogen pressure correction = 0 kW

Design power factor and test power factor were
0.95. If these were different, the power factor correc-
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wy
hy

hioz N heiz

ha

FIG. 8A.2 DIAGRAM FOR NO. 7 HEATER EXTRACTION STEAM FLOW

tion would be determined by subtracting the design
electrical losses from the electrical losses under test
conditions using the manufacturer’s curve.

But in this example
power factor correction = 0 kW
For this example, measured kW = 526,135 kW

hydrogen pressure correction = 0
power factor correction = 0

corrected kW = 526,135 kW

8A.4.2 Test Cycle Heat Rate. Test cycle heat rate
is calculated using the relationship given in para.
5.7.1 of the Code. In this cycle, the heat input is
modified for the effect of superheater steam desuper-
heating flow and reheat-steam desuperheating flow.
The net heat rate equation for this example becomes

(Wr - Wshs) {h.' - hfo?’) + Weps (hl - hﬁ'ﬁ}
+ Werh (hhrh - hcrh] + Wips (hhrh - hrh]

HR, = —
' Generator Output
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(3,460,991 - 108,100) (1,464.2 — 464.7)
+ 108,100 (1,464.2 - 340.3)
+ 3,056,667 (1,515.1 — 1,312.6)
+ 62,200 (1,515.1 - 334.2)
526,135

HR,

HR, = 7,916 Btu/kWhr (8,352 ki/kWh)

8A.5 CALCULATION OF GROUP 1
CORRECTIONS

8A.5.1 Paragraph 5.8.2 of the Code states that
Group 1 cycle corrections for the effect of variables
that primarily affect the feed-heating system can be
made by heat balance calculation or by application
of correction curves or tables. These curves or tables
are developed by rigorous heat balance techniques
and are used to correct the test cycle heat rate for
the effect of significant changes in the cycle from that
used in the specified cycle heat balance. Correction
curves for the cycle shown in Fig. 8A.1 are given
in Figs. 8A.3 through 8A.7. Corrections are usually
made for the following significant cycle deviations:

(a) changes in final feedwater temperature due to
changes in terminal temperature difference (TTD) and
extraction line pressure drop (ELPD) of the highest
pressure feedwater heater

(b) changes in auxiliary extraction steam flow

(c) changes in superheat and reheat desuperheat-
ing flow

(d) condensate subcooling

(e) condenser make-up flow
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FIG. 8A.3 FINAL FEEDWATER TEMPERATURE CORRECTION

(f) changes in extraction flow to the feedwater
pump turbine

8A.5.2 Comparison Between Test Cycle and Speci-
fied Cycle, Group 1 Variables. Table 8A.1 shows
the significant deviations in the cycle as tested from
that shown on the specified heat balance.

The corrections in paras. 8A.5.3 through 8A.5.9
are derived as prescribed in Table 8.1 of PTC 6-
1996.

8A.5.3 TTD Correction of Top Heater. The No.
7 feedwater heater operated with a 1°F lower TTD
during the test than was specified. From Fig. 8A.3
at 100.0% VWO throttle flow:
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AHR =
AkW =

Correction Factors

HR

Load

cief
o

0.9992

=1+

+0.12%/5°F Change
+0.403%/5°F Change

Percent Correction (TTD, - TTDd)

0.12

X
100 5

x
100

-4.0 - (—3.0))
5

Percent Correction N TTD, - TTD,

100 5 )
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0.8
3 /
2 50% VWO floV
% 07 75% VWO ﬂo:.r v~ »
£ / A 7/
- / / 100% VWO flow
% 06 A Z <
]
E / / / /
B 05 /
£ / /
3 )
b=
(]
g
a
0.4
oL
0 50 100 150 200 250
Extraction Stage Pressure, psia
GENERAL NOTES:
{a) Auxiliary extraction returns to condenser.
(b) Percent auxiliary extraction is percent of throttle flow.
{c) The correction applies to both load and heat rate.
FIG. 8A.4 AUXILIARY EXTRACTION CORRECTION
(EXTRACTION DOWNSTREAM OF RE-HEATER)
. (0403 5 _40 - (_3‘0)) t;ar at 542.6 psig = 475.5°F
- 100 5 (Prest = APes) = 570.0 — 26.6
= 543.4 psi
= (0.9998 psig
t;ar at 543.4 psig = 475.7°F

8A.5.4 Extraction Line Pressure Drop (ELPD) Cor-
rection of Top Heater. The No. 7 feedwater heater
operated at 0.33% lower extraction-line pressure
drop during the test than was specified, with an
actual pressure drop of 26.6 psi versus 27.4 psi in
the specified cycle. The lower pressure drop in the
test cycle caused the saturation temperature of the
heater to be higher than would be expected and
increased the final feedwater temperature.

(Prest = APgegign) = 570.0 — 27.4
= 542.6 psig
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This correction uses the same Fig. 8A.3 as in
para. 8A.5.3, and, because the values change only
with load setting, the percent correction values for
heat rate and load are the same as used for the
TTD correction of the top heater in para. 8A.5.3.

Correction Factors

Percent Correction
100

HR=I+(

[tsar At (Prpreq — A'Pn‘gg =t at (Pl'bresf - A’ofes:”
5

)




APPENDIX A TO PTC 6, THE TEST CODE FOR STEAM TURBINES

ASME PTC 6A - 2000

08—~
- Load
z [ —
-]
= — Heat rate
§ E 0.7 ——
g™ -""‘"-.
&
€S
=B
E g
3 8 oe
c AN
g
-]
o
0 —’L
50 75 100
Test VWO Throttle Flow, %
GENERAL NOTES:

{a} Auxiliary extraction returns to condenser.

{b) Percent auxiliary extraction is percent of throttle flow.

FIG. BA.5 CORRECTION FOR AUXILIARY EXTRACTION FROM COLD REHEAT

(0.12 (475.5 - 475.7)]
1+{—x —

0.9999

Load =

(Percent Correction
1+ x
100

“sar aﬂPrb:rsr — '&Pd(‘sign} — 55 at [Prbres! - Apfesr)])
5
(0.403 (475.5 - 475.7))
+ X
100 5
0.9998

8A.5.5 Auxiliary Extraction Steam Flow Correc-
tion. Extraction flow for station heating comes from
the cold reheat steam line. During the test this flow
was measured to be 19,100 Ibm/hr, whereas it is
zero in the specified cycle. Auxiliary flow at this
point in the cycle causes a change in the hot reheat
steam flow that affects the intermediate pressure
(IP) and low pressure (LP) turbine stage pressure
distribution and LP turbine stage flow, which affects
the IP and LP turbine exhaust losses. Figure 8A.5
is used for this correction at 100.0% VWO throt-
tle flow.

81

19,100 x 100
3,460,991

= 0.55% of W,

Percent Auxiliary Extraction =

HR

0.723% per Percent Auxiliary Extraction

kw

0.677% per Percent Auxiliary Extraction

Correction Factors

Percent Correction
100

(Percent Auxiliary Extraction,.g —

HR=1+[

Percent Auxiliary Extraction ge,)

1+ [E{O.SS - O}]
100

1.0040
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GENERAL NOTES:

{a) Percent desuperheating flow is percent of throttle flow.

{b) Desuperheating flow supply is from feedwater pump.

{c) Apply corrections at a constant main steam and reheat temperature.

FIG. 8A.6 CORRECTIONS FOR MAIN STEAM AND REHEAT STEAM DESUPERHEATING FLOW
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Load and heat rate correction

Percent Correction for 5°F
Condensate Subcooling
o
I

50 75 100
Test VWO Throttle Flow, %

FIG. 8A.7 CONDENSATE SUBCOOLING CORRECTION

TABLE 8A.1
COMPARISON BETWEEN TEST CYCLE AND SPECIFIED CYCLE,
GROUP 1 VARIABLES

Test Specified
Flow Cycle Cycle

No. 7 heater TTD -4,0°F -3.0°F
No. 7 heater ELPD 26.6 psi (4.67%) 27.4 psi (5.0%)
Auxiliary steam flow for station heating 19,100 Ibm/hr 0
Reheat desuperheating flow 62,200 Ibm/hr 0
Superheat desuperheating flow 108,100 Ibm/hr 0
Condensate subcooling 1.1°F 0
Condenser make-up flow 0] 0
BFPT throttle flow 155,200 Ibm/hr 130,549 Ibm/hr
Turbine throttle flow 3,469,991 |Ibm/hr 3,263,986 Ibm/hr
Generator output 526,135 kW 489,288 kW
GENERAL NOTE:

Percent VWO Throttle Flow = 3,460,991 x 100 = 100.0%

3,460,991
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Percent Correction
100

(Percent Auxiliary Extraction gy —

Load:1—[

Percent Auxiliary Extraction ge)
1 - [M (0.55 - oy]
100

0.9963

8A.5.6 Reheat Desuperheating Flow Correction.
Reheat desuperheating flow in the test cycle causes
higher hot reheat steam flow, increases turbine stage
pressures downstream of the intercept valves and
increases LP turbine exhaust losses due to higher
flows to the condenser. In the specified cycle, reheat
desuperheating flow was zero. Figure 8A.6 is used
for this correction at 100.0% VWO throttle flow.

Percent Desuperheating Flow = 62,200 x 100
3,460,991
= 1.8% of W,
HR = 0.198% per Percent Desuperheating Flow
kW = 0.590% per Percent Desuperheating Flow

Correction Factors

HR

14 (Percent Correction
100

Percent Desuperheating Flow)

=1+ (0198 X 180)
0

1.0036

Load

(Percent Correction
1+ X
100

Percent Desuperheating Flow)

=1+ (0'590 X 1.80)

1.0106
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8A.5.7 Throttle Desuperheating Flow Correction.
Throttle desuperheating flow causes reduced extrac-
tion steam flows to the feedwater heaters downstream
of the point where the flow leaves the cycle due
to the lower feedwater flow through the heaters.
However, because the flow re-enters the cycle ahead
of the turbine stop valves, the turbine stage pressure
distribution change is generally limited to the high
pressure turbine. In the specified cycle, throttle de-
superheating flow was zero. Figure 8A.6 is used for
this correction at 100.0% VWO throttle flow.

108,100 x 100
3,460,991

3.12% of w,

Percent Desuperheating Flow =

AHR = 0.023% per Percent Desuperheating Flow

Akw

0.073% per Percent Desuperheating Flow

Correction Factors

HR 1+ (Percem Correction

100

Percent Desuperheating Flow)

Load

14 (Percenl Correction
100

Percent Desuperheating Flow)

14+ (0'023 x 3‘12)

1.0023

8A.5.8 Correction for Condensate Subcooling. The
condenser operated during the test with 1.1°F sub-
cooling below the saturation temperature corres-
ponding to turbine exhaust pressure. This placed a
greater duty on the lowest pressure feedwater heater
causing additional extraction that affects the used
energy end point and exhaust loss calculations.
Figure 8A.7 is used for this correction at 100.0%
VWO throttle flow.
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. AHR = 0.026% per 5°F subcooling

AkW = 0.026% per 5°F subcooling

Correction Factors

HR = 1 + (Percent Correction 8 F subcoohng)
100 5
(0.026 1.1)
= + X —
100 5
. = 1.0001
load = 1 — (Percent Correction « F subcoollng)
100 5
(&026 1.1)
=1- Ll
100 5
= 0.9999

8A.5.9 Correction for Change in BFPT Throttle
Flow. The feedwater pump turbine extracts steam
from the crossover between the IP turbine exhaust
and the LP turbine inlet. During the test, this turbine
extracted more steam than in the specified cycle
that caused a reduction in LP turbine steam flow
affecting LP turbine stage pressure distribution and
end point calculations. Figure 8A.4 is used for this
correction at 100.0% VWO throttle flow and 152.0
psia extraction pressure.

155,200 x 100
3,460,991

4.484%

130,549 x 100
3,263,986

4.000%

% BFPT Extraction (test}) =

% BFPT Extraction (specified)

Correction = 0.582% per percent extraction

Correction Factors

p .
HR = 1 +( ercent Correctlon)

100
(Percent BFPT Extraction . —

Percent BFPT Extraction )
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1+ (w) (4.484 — 4.000)
100

1.0028

Load

1 (Percent Correction) «
100

(Percent BFPT Extraction., —
Percent BFPT Extraction )

1- (w) (4.484 - 4.000)
100

0.9972

NOTE: For simplicity, this example assumed that the main turbine
exhaust pressure correction factor obtained from Fig. 8.13 does
not include the exhaust pressure correction for the BFPT throttle
flow. Generally, the BFPT exhaust pressure must be measured
and used to correct the BFPT throttle flow in accordance with
pre-test agreements between the user and the manufacturer. See
also para. 8.4.2 of the Code.

8A.5.10 Summary of Group 1 Corrections. Table
8A.2 summarizes the heat rate and load correction
factors that were found by multiplying the individual
correction factors and rounding to the same number
of significant figures.

8A.6 CALCULATION OF GROUP 2
CORRECTIONS

8A.6.1 Paragraph 5.8.3 of the Code discusses cor-
rections for deviation in the variables that primarily
affect turbine performance. These corrections can
be calculated by heat balance techniques but are
generally determined from correction curves sup-
plied by the turbine manufacturer. Use of the correc-
tion curves requires correction of the test throttle
flow to design conditions, as follows:

Ps % v,
Wee = Wi P, xv
t 5

at P, = 2,415 psia
t, = 1,000°F
v, = 0.3193
and P, = 2,402 psia
t, = 1,005°F
v, = 0.3229
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TABLE 8A.2
GROUP 1 CORRECTIONS

Heat Rate Load

Variable Factor Factor

TTD - No. 7 feedwater heater 0.9998 0.9992

ELPD - No. 7 feedwater heater 0.9999 0.9998

Auxiliary stream extraction (station heating) 1.0040 0.9963

Reheat desuperheating flow 1.0036 1.0106

Throttle desuperheating flow 1.0009 1.0023

Condensate subcooling 1.0001 0.9999

BFPT throttle flow extraction 1.0028 0.9972

Combined correction factor {product) 1.0109 1.0052

TABLE 8A.3
COMPARISON BETWEEN TEST CYCLE AND SPECIFIC CYCLE,
GROUP 2 VARIABLES
Test Specified

Variable Value Value Change
Throttle pressure, psia 2,402 2,415 -13 psi
Throttle temperature, °F 1,005 1,000 +5.0°F
Reheat temperature, °F 992 1,000 -8.0°F
Reheater 4p, % 6.84 10.0 -3.16%
Exhaust pressure, in. Hg abs. 20 1.5 +0.5 in. Hg

0.3229
0.3193

Wrc =

3,460,091 ‘/wx
2,402

= 3,489,853 Ibm/hr

8A.6.2 Comparison Between Test Cycle and Spe-
cific Cycle, Group 2 Variables. Table 8A.3 shows
the deviations of Group 2 variables in the cycle as
tested from those specified.

8A.6.3 Summary of Group 2 Corrections. Figures
8.9 through 8.13 from Section 8 were used with
the information from para. 8A.6.1 to obtain the
correction factors shown in Table 8A.4. The com-
bined correction factors were found by multiplying
the individual correction factors and rounding to
the same number of significant figures.

8A.7 CALCULATION OF CORRECTED HEAT
RATE

8A.7.1 The test cycle heat rate (para. 8A.4.2) is
corrected for Group 1 and Group 2 variables by
dividing by the combined heat rate correction factor
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from para. 8A.5.10 and the combined heat rate
correction factor from para. 8A.6.3 as follows:

CFGr‘I CFG!Z

7,916
1.0109 x 0.9990

7,838 Btu/kWhr (8,270 kJ/kWh)

HR, =

8A.8 CALCULATION OF CORRECTED LOAD

Measured generator output must be corrected for
the effect of Group 1 and Group 2 variables to
permit plotting the heat rate results for drawing the
locus curve as discussed in Code para. 3.13.2.

8A.8.1 Output corrected for Group 1 and Group
2 corrections is determined by dividing the measured
output corrected for power factor and hydrogen
pressure (para. 8A.8.2) by the product of the correc-
tion factors due to Group 1 variables (para. 8A.5.10)
and Group 2 variables (para. 8A.6.3), as follows:
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TABLE 8A.4
GROUP 2 CORRECTIONS
Heat Rate Load
Variable Factor Factor
Throttle pressure (Fig. 8.9) 1.0002 0.9948
Throttle temperature (Fig. 8.10) 0.9992 0.9996
Reheat temperature (Fig. 8.11) 1.0011 0.9963
Reheater Ap (Fig. 8.12) 0.9968 1.0080
Exhaust pressure (Fig. 8.13) 1.0017 0.9983
Combined correction factor (product 0.9990 0.9970
of correction factors)
kw 1 = No. 2 valve stem leakoff
kW = ———— -
CFenCFen 2 = No. 1 gland low pressure leakoff
3 = No. 1 gland high pressure leakoff
— 526,135 4 = No. 3 gland low pressure leakoff
1.0052 x 0.9970 5 = main steam desuperheating water
kW, = 524,988 6 = reheat steam desuperthlting water
7 = gland seal steam; supplies four glands
on main turbine shaft with equal flows
8A.8.2 Comparison to Guarantee. Corrected heat and supplies each of two glands on the
rate, para. 8A.7.1, is plotted versus the corrected feedwater pump turbine with one-half
output, para. 8A.8.1. The corrected heat rate is the flow to the main turbine gland;
compared to the heat rate from the guarantee heat therefore, a total of five glands
rate curve provided by the manufacturer. When tests 8 = gland seal return
are run at other valve points, a curve can be drawn 9 = feedwater pump gland seal flow
through each test point and the curve represents 10 = feedwater pump gland seal leakoff to
the test locus of valve points. Heat rate is read at condenser
the specified load. See Fig. 8.15. 11 = station heating steam flow return to con-
denser
8A.9 KEY TO FIG. 8A.1 A = No. 6 heater extraction
W = flow, Ibm/hr B = No. 5 heater extraction
P = pressure, psia C = No. 4 heater extraction
F = temperature, °F D = No. 3 heater extraction
h = enthalpy, Btu/lbm E = No. 2 heater extraction
M = measured water flow F = No. 1 heater extraction
G = steam jet air ejector steam

87
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SECTION 9 — SAMPLE CALCULATION FOR A STEAM
TURBINE OPERATING IN A NUCLEAR CYCLE'

9.1 DESCRIPTION OF UNIT

This sample calculation is for a 900,000 kW,
tandem-compound, six-flow unit, with a regenerative
cycle and external moisture separator reheater with
superheated steam supplied from a nuclear steam
supply system. Rated steam conditions are 900 psia
and 575°F steam temperature with 1.0 in. Hg abso-
lute exhaust pressure. The heat cycle contains two
parallel strings of heaters, pumps, and piping. The
generator is rated at 930,000 kVA, 0.99 power
factor, and 60 psig hydrogen pressure.

It was mutually agreed that the heat rate compari-
son to specified conditions would be made at the
specified load of 899,910 kW. The testing and all
calculations are based on performance at valve
points. The specified heat rate curve is given on
Fig. 9.1.

9.2 DESCRIPTION OF TEST
INSTRUMENTATION

9.2.1 Condensate flow was measured by means of
three calibrated throat-tap flow nozzles located at the
suction of the steam generator feedwater pumps. These
flow nozzles were in parallel with two sets of taps mea-
suring differential pressure on each nozzle. The total of
these three measured flows was equal to the water flow
to the steam generator, except for shaft-sealing flows at
the feedwater pumps. Together, these flow measure-
ments constitute the primary flow measurement. Feed-
water heater leakage was checked using a tracer tech-
nique and found to be negligible.

9.2.2 Throttle steam moisture was not determined,
because the throttle steam contained some superheat.

9.2.3 Radioactive sodium (2*Na) was used as the
tracer in accordance with para. 4.19 of the Code
to measure flows and enthalpies to the feedwater
heaters that were not superheated. The tracer was

! This sample calculation is for a full-scale test of a steam turbine
operating in a nuclear cycle.
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also used to measure the drain flows from the
moisture separator, both reheaters, and No. 1 feed-
water heater, and to determine the enthalpy of the
steam to the feedwater pump turbine.

9.3 SUMMARY OF TEST DATA

The test cycle heat balance diagram, Fig. 9.2,
shows measured and calculated flows and certain
test measurements. Steam and water enthalpies de-
rived from test data (not shown) and the 1967 ASME
steam tables have also been entered. Calculations
as shown in this example were done by the com-
puter, and results will vary from manual methods
because of rounding errors. The principal source of
this difference between computer calculations and
manual methods appears to be rounding off decimal
places of steam table values used in conventional
manual calculations compared to the large numbers
of decimal places of steam table values carried along
in computer computations. Caution should also be
exercised in decimal place rounding when calculat-
ing the moisture removal effectiveness, E. Under
some circumstances, more than two decimal places
may be required for E to give correct results.

9.4 CALCULATION OF TURBINE
PERFORMANCE AS TESTED

This calculation procedure is contained on pages
89-114.

9.4.1 Overall Considerations

(a) Summation of the condensate flow measure-
ment, adjusted for feedwater pump shaft leakage flow,
is as follows:

Rate,

Flow Ibm/hr
Feedwater pump suction flow (measured) 10,789,254
Feedwater pump seal injection (measured) +83,100
Feedwater pump seal return flow (measured) -88,469
Final feedwater flow 10,783,885
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(b) The isolation of the system was checked by a
water balance. Unaccounted-for losses from the sys-
tem were assumed to have occurred between the feed-
water system outlet and the steam turbine inlet. Steam
generator level change was found to be zero.

Sum of storage changes and leakages is as follows:

Rate,

Flow Ibm/hr

Steam generator storage 0
Hotwell storage (level fall) -7,335
Condensate pump leakage +1,675
No. 2 heater drain pump leakage +2,749
No. 3 heater drain pump leakage 0
Unaccounted-for change in system storage =291

(c) The total quantity of steam supplied to the tur-
bine cycle was calculated as shown in the following
tabulation:

Rate,

Flow lbm/hr
Final feedwater flow 10,783,885
Unaccounted for change in system storage -2,911
Steam supplied to air ejectors -1,304
Test total steam flow m

Unaccounted-for leakage as percent of test total steam flow =
(2,911/10,779,670) x 100 = 0.03%
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This is less than the 0.1% leakage limit set in
para. 3.5.3 of the Code.

(d) The throttle steam enthalpy, as determined from
the measurement of steam pressure and temperature,
was 1,255.1 Btu/Ibm.

(e) Thetestheat rate, as specified for the test turbine
cycle in this example, is defined as

wy hy — w, hy

Heat rate =
Generator output
where
w; = steam flow to turbine, Ibm/hr
h, = enthalpy of steam supplied to turbine,
Btu/lbm
w, = feedwater flow leaving No. 6 heater, Ibm/hr
h, = enthalpy of feedwater leaving No. 6 heater,

Btu/Ibm

10,779,670 x 1,255.1 =
10,783,885 x 441.0
919,223

9,544.9 Btu/kWhr
(10,070.4 kJ/kWh)

Test heat rate
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w; stage flow

after ext. (2)

FIG. 9.3 EXPANSION LINE AND STEAM CONDITIONS LEAVING NO. 6 HEATER EXTRACTION
STAGE POINT

9.4.2 Calculation of Extraction Flows and En-
thalpies

9.4.2.1 No. 6 Heater Extraction and Drain Flow.
The No. 6 heater extraction flow was calculated
by heat balance, since the extraction steam was
superheated. (See Fig. 9.3.) Drain flows from the
first and second stage reheaters (wy,;, and wg,)
were determined from water flow measurement by
radioactive tracer technique. (See para. 9.4.2.6 for
method.)

Heat balance for No. 6 heater. (See Fig. 9.4.)

Wioe (Pfog = hiig) = Wem (hppy — hge) =
Wehz (hrha — hge)
he — has

Wextte =

where

wre = final feedwater flow = 10,783,885 Ibm/hr

10,783,885 (441.0 — 384.5) — 430,343
_ (443.0 - 387.1) - 387,790 (525.8 - 387.1)
1,219.3 - 387.1

Wexit =

= 638,574 Ibm/hr by computer calculation
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Drain flow from No. 6 heater

Wdae = Wexe + Wept + Wi
638,574 + 430,343 + 387,790

1,456,707 Ibm/hr

9.4.2.2 No. 5 Heater Extraction Flow and En-
thalpy

(a) The tracer technique was used to determine the
No. 5 heater extraction moisture. The following exam-
ple shows the method of calculation for this heater
and is referenced to illustrate the method for other
heaters.

Calculation of mass flow rate of water in the
steam mixture in accordance with para. 4.19.1.6 of
the Code:

(1) Measured
(a) Before Injection

C, = 0.0724 counts/min-lbm

(b) During Injection

Wi = 9.32 Ibm/hr
Cinj = 77,933.900 counts/min-lbm
C, = 56.941 counts/min-Ibm
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FIG. 9.4 NO. 6 HEATER EXTRACTION FLOW AND ENTHALPY

ting = 72.0°F (b) No. 5 heater extraction flow and enthalpy were
P.s = 283.0 psia calculated by heat balance. (See Fig. 9.5.)
(2) Calculated Witos [hr’c}S - hﬁS) = Wys [hWS - hdS} -
hg — h
D. = Yini (hy = hin) W, = sth[ do . ds)
w hfg s5 — Nds

h; = 388.2 Btu/lbm (saturated water from

steam tables at 283.0 psia) (hys) where
hg = 814.2 Btu/lbm
hiy = 40.0 Btu/lbm Wis = Wge = Wi = 10,783,885 Ibm/hr
9.32 (388.2 - 40.0)
D, = 3142 = 3.99 Ibm/hr hs = 1,202.4 Btu/Ibm (saturated steam
Then solve for w,g, the mass flow rate of water at 283.0 psia)
in the steam/water mixture at the sampling point,
using the equation in para 4.19.1.6 in of the Code. 10,783,885 (384.5 - 338.3) - 12,759
(388.2 — 345.1) - 1,456,707
Winj (Cinj = Cu) = Dy Cy (387.1 - 345.1)
Wys = We =
C.,-C, 1,202.4 — 345.1
9.32(77,933.900 - 56.941) - = 509,160 Ibm/hr by computer calculation
3.99 x 56.941
Wus = 56.941 — 0.0724 Wexts = Wes + Wys = 509,160 + 12,759
= 12,759 Ibm/hr moisture = 521,919 lbm/hr
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FIG. 9.5 NO. 5 HEATER EXTRACTION FLOW AND ENTHALPY

Enthalpy of steam mixture entering No. 5 heater:

(Wgs X hgs) + (W5 X hys)

heer =
Wexts

(509,160 x 1,202.4) + (12,759 x 388.2)
521,919

1,182.5 Btu/lbm

Drain flow from No. 5 heater:

Wgs = Wye + Wexrs

= 1,456,707 + 521,919
= 1,978,626 |Ibm/hr

9.4.2.3 No. 4 Heater Extraction Flow and En-
thalpy. No. 4 heater extraction flow and enthalpy
were calculated by heat balances. (See Fig. 9.6.)
First, the tracer technique was used to determine
the No. 4 heater extraction moisture. The method
used to determine the moisture was the same as
shown in para. 9.4.2.2(a) and is not shown for No.
4 heater.

Wioa (hioa = hpia) = Was (hgs — haa) -
Wevlo {hcv.'o - hd4) = Wmsd (hmsd - hd4} -
Wiva (hya = hya)
hs4 - hd4

W4
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where

Wips = 10,789,254 Ibm/hr (measured)
Wpmsgand hp,y were calculated using radio-
active tracer measurement data from the
moisture separator drain lines. (Sample is
not shown for this calculation; see para.
9.4.2.6 for tracer method.)

W,a = 90,781 lbm/hr (by radioactive tracer; see
para. 9.4.2.2(a) for tracer method)

hy = 1,196.2 Btu/lbm (saturated steam at 172.4
psia from steam tables)
hns = 342.4 Btu/lbm (saturated water at 172.4

psia from steam tables)

[10,789,254 (336.4 — 255.5) — 1,978,626
(345.1 - 260.0) — 1,580 (1,255.1 -
260.0) — 521,238(342.9 - 260.0) -

90,781 (342.4 — 260.0)]
1,196.2 - 260.0

696,634 |bm/hr

Wa + Wy
696,634 + 90,781
787,415 lbm/hr

Woxta =
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FIG. 9.6 NO. 4 HEATER EXTRACTION FLOW AND ENTHALPY

(Wy‘ X hs4} + (WW4 X hm]

hexm =
Wextq
_ (696,634 x 1,196.2) + (90,781 x 342.4)
787,415
= 1,097.8 Btu/lbm
Drain Flow from No. 4 Heater:
Way = Wys + Wingg + Weyg + Weypo

1,978,626 + 521,238 + 787,415 + 1,580
3,288,859 Ibm/hr

9.4.2.4 No. 3 Heater Extraction Flow. The No.
3 heater extraction flow was calculated by heat
balance, because extraction steam was superheated.
(See Fig. 9.7.)

_ Wiia (hig - hris) = wa3 (hgs = hy3)
hy - hys

w3
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where
Wiy = Wgg = 10,789,254 lbm/hr
10,789,254 (255.5 - 180.0) -
W,y = 3,288,859 (260.0 — 180.0)
) 1,197.8 — 180.0
= 541,835 Ibm/hr
Wes = W3 + measured steam supply to
feedwater pump turbine
= 541,835 + 125,354
= 667,189 Ibm/hr
Wiz = Wfiq — Wgq — W3

10,789,254 - 3,288,859 — 541,835
6,958,559 lbm/hr

9.4.2.5 No. 2 Heater Extraction Flow and En-
thalpy. No. 2 heater extraction flow and enthalpy
were calculated by heat balances (See Fig. 9.8.)
First, the radioactive tracer technique was used to
determine the No. 2 heater extraction moisture (w,,;)
and enthalpy (h,;). The method used to determine
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FIG. 9.7 NO. 3 HEATER EXTRACTION FLOW

the moisture and enthalpy was the same as shown

in para.

9.4.2.2(a) and is not shown for No. 2 heater.

Calculate saturated steam to heater

Ws =

where

Weo2
W2

h,

h

w2

Weo2 (hcoz - hc.‘z} - Wuo (hwz - hca'z) +
Waa (hga = heip)
th - hciZ

= wy = 6,958,559 Ibm/hr

= 43,009 Ibm/hr (by radioactive tracer)

= 1,151.9 Btu/Ibm (saturated steam at 15.87
psia from steam tables)

= 184.1 Btu/lbm (saturated water at 15.87
psia from steam tables)

6,958,559 (180.0 — 113.3) - 43,009
(184.1 — 113.3) + 2,749 (148.8 — 113.3)
1,151.9 - 1133

= 444,038 Ibm/hr

Calculate total extraction flow and enthalpy (water
and steam moisture)

Wexiz =

We + Wy
444,038 + 43,009
487,047 Ibm/hr

_Awgx h) + (w, x h,)

h

ext2

Wext2

(444,038 x 1,151.9) + (43,009 x 184.1)
487,047

1,066.5 Btu/lbm

Weiz = Weoz = Wexz + Wy2
= 6,958,559 - 487,047 + 2,749
6,474,261 Ibm/hr

9.4.2.,6 No. 1 Heater Extraction Flow and En-
thalpy

(a) The tracer technique was used in the heater
drain line to measure drain flow directly. This example
applying to heater No. 1 was based on radioactive
tracer injection and sampling in the drain line using
#Na in accordance with para. 4.19.1.6 of the Code.

(1) Measured
(a) Before Injection

C, = 0.025 counts/min-lbm
(b) During Injection

Win; = 14.0 Ibm/hr

Cinj = 75,054.9 counts/min-lbm

w

1.995 counts/min-lbm
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FIG. 9.8 NO. 2 HEATER EXTRACTION FLOW AND ENTHALPY

where

wy = heater drain flow

(2) Calculated

Wi Co + Wip; Cij = (wgy + wyp) C,

wy = an[ {Cfn[‘ — Cw)
Cw - Co
_14.0(75,054.9 - 1.995)
1.995 - 0.025

533,371 Ibm/hr

An alternate method to determine extraction flows
is the heater drain flow method described in para.
4.16.2 of the Code.

(b) Calculation of Extraction Flow and Steam Con-
ditions at No. 1 Heater (See Fig. 9.9)

W, = Total extraction flow

Woxt1 W — W

where
wag = 533,371 Ibm/hr (by radioactive tracer)
ws = 3,661 Ibm/hr (steam seals)
Wew1 = 533,371 — 3,661 = 529,710 Ibm/hr
hey; = enthalpy of steam and water mixture in

extraction
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hexﬂ = WCO1 {hcol - hcf‘l} - Wss
(hs = hat) + Wexn (hgy)
Wexnt
Weot = Wep = 6,474,261 Ibm/hr
hei = 6,474,261 (113.3 - 56.7) - 3,661

(1,218.7 - 64.4) + 529,710 (64.4)
529,710

= 748.2 Btu/lbm

9.4.3 Calculation of Steam Flow to Moisture Sepa-
rator Reheater. (See Fig. 9.10.)

(a) The high pressure turbine exhaust flow going
to the moisture separator reheater was determined by
a mass balance around the high pressure turbine as
follows:

Rate,

Stream Ibm/hr
Steam flow supplied to the turbine cycle 10,779,670
Control valve leakoff flow (high pressure) -1,580
Control valve leakoff flow (low pressure) -408
Heating steam flow to second stage reheaters -387,790
No. 1 shaft packing leakoff -19,766
No. 2 shaft packing leakoff -19,862
No. 1 gland seal leakoff -917
No. 2 gland seal leakoff -917
Heating steam flow to first stage reheaters -430,343
No. 6 heater extraction flow -638,574
No. 5 heater extraction flow -521,919
No. 4 heater extraction flow -787,415
Steam flow to moisture separator (w;) 7,970,107



ASME PTC 6A-2000 APPENDIX A TO PTC 6, THE TEST CODE FOR STEAM TURBINES

Waextt Wss
hext hgs
Wh

No. 1 Heater
shell pressure
= 3.44 psia

Wea \I Weiq
heor e

FIG. 9.9 NO. 1 HEATER EXTRACTION FLOW
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reheater hs hem heater
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FIG. 9.10 STEAM FLOW TO MOISTURE SEPARATOR REHEATER
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(b) The reheater steam flow was calculated by sub-
tracting the moisture separator drain flow measured
by radioactive tracer (see para 9.4.2.6(a) for method).

Rate,

Streamn lbm/hr
Steam flow to moisture separator (w,) 7,970,107
Moisture separator drain flow (w,,.) -521,238
Reheater steam flow (w;) 7,448,869

(c) The enthalpy of steam entering the first stage
reheater (h;) was calculated from heat and mass bal-
ances around each component as follows (see Fig.
9.10 for key):

Winahy + wihy + Wi hs = wihy + wiohp,y +
w,s1hm (heat balance around MSR)

w3 = w, — W, (mass balance around MS)
wyh, = wihy + wyghmsg (heat balance around MS)

Solving Eq. 1 for h;, enthalpy of steam entering
the first stage reheater.

h, — Wi (hi = himg) + Wi (hs — hypy)
4

h3 =
Wi
387,790 (1,255.1 — 525.8) +
hy = 1,278.0 - 430,343 (1,220.4 - 443.0)
7,448,869
h; = 1,195.1 Btu/lbm

NOTE: In this example hs is superheated. This gives moisture
separator leaving moisture (moisture carryover) of 0.12% at 171.6
psia (at 2% pressure drop from high pressure turbine exhaust
pressure of 175.1 psia to moisture separator) and 1,195.1 Btu/
Ibm from steam tables.

Solving Eq. (3) for h,, enthalpy of steam entering
moisture-separator:

W3h3 + Wnsd hmsd
wy
7,448,869 x 1,195.1 + 521,238 x 342.9
7,970,107

1,139.4 Btu/lbm

h,
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The enthalpy of steam going to the moisture
separator (h,) is higher than the enthalpy of the
extraction to No. 4 heater due to physical arrange-
ment of the piping, which caused a greater propor-
tion of moisture in the steam-moisture mixture to
separate out into the No. 4 heater extraction.

The enthalpy of steam entering the second stage
reheater (h;) was calculated from heat and mass
balances around first stage reheater as follows (see
Fig. 9.10 for key):

ws (hg = h3) = wpyy (hs = hyy)
Wit (hs = hipi)
hg = hy + ———————
6 3+ W
430,343 x
he = 1,195.1 + (1,220.4 — 443.0)
7,970,107

1,240.0 Btu/lbm

This gives a first stage reheater leaving temperature
of 441.7°F at 169.8 psia (at 5% pressure drop from
high pressure turbine exhaust pressure of 175.1 psia
to first stage reheater outlet) and 1,240.0 Btu/lbm
from steam tables.

(d) Calculation of First Stage Reheater Terminal
Temperature Difference

Heating steam pressure at reheater (at 5%
pressure drop from high pressure turbine
extraction pressure of 507.4 psia to re-

heater) = 482.0 psia
Heating steam saturation temperature (from
steam tables at 482.0 psia) = 463.3°F
First stage terminal temperature difference = 463.3 - 441.7
= 21.6°F

(e) Calculation of Second Stage Reheater Terminal
Temperature Difference. Steam conditions leaving
second stage reheater from the test data are as follows:

Pressure

Temperature

Enthalpy (at 166.4 psia and 510.1°F)

Heating steam pressure at reheater (at
2% pressure drop from throttle steam

166.4 psia
510.1 °F
1,278.0 Btu/lbm

pressure of 907.1 psia to reheater) = 889.0 psia
Heating steam saturation temperature

(from steam tables at 889.0 psia) = 530.5 °F
Second stage terminal temperature dif- = 530.5 - 510.1

ference = 20.4°F
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. TABLE 9.1
CALCULATION OF LOW PRESSURE TURBINE EXHAUST ENTHALPY
Flow, Enthalpy, Heat Flow,
Parameter Ibm/hr Btu/lbm Btu/hr

Heat In

Main steam 10,779,670 1,255.1 13,529,563,817
Total heat in 13,529,563,817
Heat Qut

Control valve leakoff (high pressure) 1,580 1,255.1 1,983,058
Extraction to No. 6 heater 638,574 1,220.4 779,315,710
Extraction to No. 5 heater 521,919 1,182.5 617,169,218
Extraction to No. 4 heater 787,415 1,097.8 864,424,187
Moisture separator drains to No. 4 heater 521,238 3429 178,732,510
First stage reheater drains to No. 6 heater 430,343 443.0 190,641,949
Second stage reheater drains to No. 6 heater 387,790 525.8 203,899,982
Extraction to No. 3 heater 541,835 1,197.8 649,009,963
Steam to feedwater pump turbine 125,354 1,197.8 150,149,021
Extraction to No. 2 heater 487,047 1,066.5 519,435,626
Extraction to No. 1 heater 529,710 748.2 396,329,022
Control valve leakoff (low pressure) 480 1,255.1 602,448
No. 1 shaft packing leakoff 19,766 1,139.4 22,521,380
No. 2 shaft packing leakoff 19,862 1,139.4 22,630,763
No. 1 gland seal leakoff 917 1,139.4 1,044,830
No. 2 gland seal leakoff 917 1,139.4 1,044,830

Thermal Heat Flow,
Power, kw Equivalent Btu/hr

Generator output 919,223 3,412.14 3,136,517,567
Generator electrical losses 7,550 3,412.14 25,761,657
Mechanical losses 2,811 3,412.14 9,591,526

Total Heat Out

7,770,805,206

GENERAL NOTE:

Net heat
5,758,758,611 Btu/lbm

Exhaust enthalpy
5,758,758,611

Exhaust enthalpy =
5,764,923

= 998.93 Btu/lbm

9.4.4 Determination of Low Pressure Turbine Ex-
haust Flow. The low pressure turbine exhaust flow
was determined as follows:

Rate,

Flow Ibm/hr
Reheater steam flow to low pressure turbine 7,448,869
No. 3 heater extraction flow -541,835
No. 2 heater extraction flow -487,047
No. 1 heater extraction flow -529,710
Steam to feedwater pump turbine -125,354
Exhaust flow from low pressure turbine 5,764,923

9.4.5 Calculation of Low Pressure Turbine Exhaust
Enthalpy. The enthalpy of the low pressure turbine
exhaust flow was determined by means of an energy
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heat in - heat out = 13,529,563,817 - 7,770,805,206

net heat/exhaust steam from low pressure turbine

balance around the turbine-generator system. See
Table 9.1.

9.4.6 Turbine Expansion-Line End Point. The
expansion-line end point (ELEP) is the low pressure
turbine end point (TEP) less the exhaust loss. Because
the exhaust loss is a function of the specific volume
at the expansion-line end point, an iterative proce-
dure is required, first for estimating the exhaust loss.

Low pressure turbine exhaust enthalpy 998.93 Btu/lbm

Estimated exhaust loss -28.40 Btu/lbm
Trial expansion-line end point 970.53 Btu/lbm
Exhaust pressure 1.17 in. Hga
Moisture, M 0.1219

Specific volume, v = 562.47(1.0-0.1219) 493.90 ft*/lbm
Annulus area, A, per end (6 ends) 105.7 ft?
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FIG. 9.11

Therefore,

lx (wv)
6 3600A

1 « (5,764,923 x 493.90)

6 3600 x 105.7
1,247.1 ft/s

Annulus velocity

Dry exhaust loss (from

manufacturer’s curve) 40.38 Btu/lbm

(Dry exhaust loss)(0.87)
(1 = M)(1 - 0.65M)

40.38 x 0.87
(1 -0.1219) x
(1 -0.65x0.1219)

28.40 Btu/Ibm

Actual exhaust loss

Expansion line

end point = 998.93 - 28.40

970.53 Btu/lbm

Because the calculated expansion-line end point
agrees within 1.0 Btu/lbm based on the estimated
exhaust loss, no further iterations are necessary. If
agreement had not been reached, a new exhaust
loss would have been estimated with successive
iterations until agreement was reached.

Some exhaust loss curves are drawn as a function
of exhaust volumetric flow; others as a function of
annulus velocity, as shown in this example. The
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equation to calculate actual exhaust loss may also
be different from that shown in this example and
is normally shown on the exhaust loss curve.

9.4.7 Calculation of Turbine Expansion Line: Test
Cycle. The following calculations indicate the meth-
ods and techniques used to determine the test turbine
expansion line on an extraction stage by stage basis,
which will be used later to determine the Group 1
corrections.

9.4.7.1 Test High Pressure Turbine Expansion.
The test high pressure turbine expansion is calculated
based on blading inlet steam conditions and a rea-
sonable assumed dry basis turbine efficiency
throughout the high pressure turbine expansion. The
same dry basis efficiency must be used for both
the test cycle and specified cycle calculations. For
nomenclature, see Fig. 9.11.

9.4.7.1.1 High Pressure Turbine Expansion
Initial Conditions

High Pressure Turbine

HP Blading Inlet
889.0 (907.1 x 0.98)

Main Steam
907.1

Pressure, psia
Used 2% pressure drop through
throttle and control valves

1,255.1
1.46183

Enthalpy, Btu/lbm
Entropy, Btu/lbm°R

1,255.1
1.45998

GENERAL NOTE: Assumption: High pressure turbine efficiency
- dry basis = 87.05%. This assumption is checked in para.
9.4.7.1.1(g).
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(a) Calculation of Expansion Line Condition From
HP Blading Inlet to No. 6 Heater Extraction Stage
Entering Conditions

Steam Path Points

HP Blading Inlet No. 6 Heater
Pressure, psia 889.0 507.4
Enthalpy, Btu/lbm 1,255.1 (h;} hy
Entropy, Btu/lbm°®R 1.46183 ..
Moisture 0.0

Turbine section efficiency - dry basis = 87.05%

Efficiency = H
i~ s

hy = 1,204.0 Btu/Ilbm at 507.4 psia and
s = 1.46183 Btu/lbm°®R from the steam tables

1,255.1 - h,
1,255.1 - 1,204.0

0.8705 =

h, = 1,210.6 Btu/lbm

This value puts the extraction point in the super-
heated region at 507.4 psia and 1,210.6 Btu/lbm
from the steam tables.

(b) Calculation of Expansion Line and Steam Con-
ditions Leaving No. 6 Heater Extraction Stage Point
(See Fig. 9.3)

(1) Known
Pressure = 507.4 psia
w; = Flow upstream of heater No. 6
extraction zone
= Test throttle flow to turbine -
second stage moisture separa-
tor reheater flow - control
valve leakoff (high pressure)
flow — control valve leakoff
(low pressure) flow
= 10,779,670 - 387,790 -
1,580 - 480
= 10,389,820 Ibm/hr
hy = 1,210.6 Btu/lbm [see para.
9.4.7.1.1(a)]
Wexs = 638,574 Ibm/hr (see para.
9.4.2.1)
hex = 1,220.4 Btu/lbm
wy = 430,343 Ibm/hr [see para.
9.4.3(a)]
hp = 1,220.4 Btu/lbm

APPENDIX A TO PTC 6, THE TEST CODE FOR STEAM TURBINES

(2) Calculations
w, = Flow following heater No. 6 extraction
Wi — Wexe — Wy (Mass balance)
10,389,820 - 638,574 — 430,343
9,320,903 Ibm/hr
wi X By = (W X hy) + (Weyg X D) + (Wi X hypy)
(energy balance)
10,389,820 x 1,210.6) - (638,574 x

1,220.4) — (430,343 x 1,220.4)

9,320,903
1,209.5 Btu/lbm

(c) Calculation of Steam Conditions Where Expan-
sion Line Crosses Saturation Line, Assume 476.2 psia
at the crossing point, which gives hy = 1,204.05 Btu/
Ibm at 476.2 psia and s = 1.46773 Btu/lbm°R from
steam tables.

i—h
Efficiency = hi — h,
h:’ - hs
0.8705 — 1,209.5 - h,
1,209.5 - 1,204.05
h, = 1,204.8 Btu/lbm

This point in the steam tables agrees with the
assumed pressure of 476.2 psia. If agreement had
not been reached a new pressure would have been
assumed with successive iterations.

(d) Expansion Line Condition From Saturation Line
to No. 5 Extraction Stage Entering Conditions

Steam Path Points

Saturation Line No. 5 Heater
Pressure, psia 476.2 300.2
Enthalpy, Btu/lbm 1,204.8 (h) hy
Entropy, Btu/lbm°R 1.4685 .
Moisture 0.0

Turbine section efficiency — dry basis = 87.05%

hy = 1,166.1 Btu/lbm at 300.2 psia and s

1.4685 Btu/lbm°R from steam tables

1,204.8 — h,
1,204.8 - 1,166.1

0.8705 =

hy = 1,171.1 Btu/lbm (dry basis)

This value gives extraction point entering moisture
M; = 0.0393 at 300.2 psia and 1,171.1 Btu/lbm
from steam tables.
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wy stage
flow before

ws, hy extraction
flow to No. 5
heater (3)

w, stage flow after
ext. (2)

FIG. 9.12 EXPANSION LINE AND STEAM CONDITIONS LEAVING NO. 5 HEATER EXTRACTION

STAGE POINT
Turbi ti ist _ My + M, Successive iterations using M; were made until
urbine section average moisture = 2 resulting moisture differences were 0.01%, which
resulted in
~0+0.0393
2 hy = 1,171.7 Btu/lbm
= 0.01965
M; = 0.0385
h
where Turbine section efficiency (wet basis) = 85.37%
M, = moisture at saturation line ) ) )
(e) Calculation of Expansion Line and Steam Con-
Correction factor to turbine section efficiency for ditions Leaving No. 5 Heater Extraction Stage Point
average moisture (See Fig. 9.12)
(1) Known
— 1.00 - 0.01965 Pressure = 300.2 psia [see para.
9.4.7.1.1(d)]
= 0.98035 w; = 9,320,903 Ibm/hr [see para.
9.4.7.1.1(b)]
Corrected turbine section efficiency (wet basis) hy = 1,171.7 Btu/lbm [see para.
9.4.7.1.1(d)]
= 87.05 x 0.98035 M, = 0.0385 [see para. 9.4.7.1.1(d)]
= 85.34% Weys = 521,919 lbm/hr [see para.
9.4.2.2(b)]
First iteration to recalculate extraction point enter- hevs = 1,182.5 Btu/lbm [see para.
ing enthalpy, using corrected turbine section effi- 9.4.2.2(b)] )
ciency (wet basis) (assume zero heat loss in ex-
traction piping)
1204.8 - h. (2) Calculations

0.8534 =

w, = Flow following heater
No. 5 extraction
W) — Weys  (mass balance)
9,320,903 - 521,919

This value gives extraction point entering moisture 8,798,984 lbm/hr
M; = 0.0384 at 300.2 psia and 1,171.8 Btu/Ilbm wy X hy = (wy X hy) + (Weays X hays)
from steam tables. (heat balance)

1,204.8 - 1,166.1
h; = 1,171.8 Btu/lbm
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(9,320,903 x 1,171.7) -
(521,919 x 1,182.5)
8,798,984

1,171.1 Btu/lbm

l

This value gives extraction point leaving moisture
M, = 0.0393 at 300.2 psia and 1,171.1 Btu/lbm
from steam tables.

(f) Calculation of Expansion Line Conditions From
No. 5 Extraction Stage Leaving Conditions to High
Pressure Blading Exhaust Conditions

Steam Path Points

No. 5 Heater HP Blading Exhaust
Pressure, psia 300.2 1751
Enthalpy, Btu/lbm 1,171.1 (h) hy
Entropy, Btu/lbm°R 1.47422 .
Moisture 0.0393

Turbine section efficiency - dry basis = 87.05%

h;

1,128.0 Btu/lbm at 175.1 psia and s
1.47422 Btu/Ibm°R from steam tables

1,171.1 = h
1,171.1 = 1,128.0

0.8705 =

hy = 1,133.6 Btu/Ibm (dry basis)

This value gives high pressure turbine blading
exhaust moisture M; = 0.0738 at 175.1 psia and
1,133.6 Btu/lbm from steam tables.

Turbine section

. Mz + M]
average moisture E—

2

0.0393 + 0.0738
2

= 0.0566

where M, = No. 5 heater stage leaving
moisture

Correction factor to turbine section efficiency for
average moisture

= 1.00 - 0.0566
0.9434

Corrected turbine section efficiency (wet basis)

APPENDIX A TO PTC 6, THE TEST CODE FOR STEAM TURBINES

87.05 x 0.9434
82.12%

First iteration to recalculate high pressure turbine
blading exhaust enthalpy, using corrected turbine
section efficiency (wet basis)

1,171.1 - h,
1,171.1 - 1,128.0

hy = 1,135.7 Btu/lbm

0.8212 =

This value gives high pressure turbine blading
exhaust point moisture M; = 0.0713 at 175.1 psia
and 1,135.7 Btu/lbm from steam tables.

Second iteration using M; = 0.0713 to calculate
turbine section average moisture correction, re-
sulted in

h, 1,135.67 Btu/lbm
M; = 0.07130

Turbine section efficiency (wet basis) = 82.24%

(g) Calculate the high pressure turbine blading ex-
haust enthalpy from mass and heat balance and com-
pare to the enthalpy calculated from the turbine
expansion line on an extraction stage-by-stage basis.

(1) Known
w, = 7,970,107
9.4.3(a)]
h, = 1,139.4 Btu/lbm [see para. 9.4.3(b)]

Ibm/hr  [see para.

Wexs = 787,415 Ibm/hr (see para. 9.4.2.3)
hexta = 1,097.8 Btu/lbm (see para. 9.4.2.3)
Wholot = 19,766 Ibm/hr (see para. 9.4.5)

Phpior = 1,139.4 Btu/lbm (see para. 9.4.5)
Whpio2 = 19,862 Ibm/hr (see para. 9.4.5)
Prpioz = 1,139.4 Btu/lbm (see para. 9.4.5)
Wiplor = 917 Ibm/hr (see para. 9.4.5)
hiptor = 1,139.4 Btu/Ibm (see para. 9.4.5)
Wigiey = 917 Ibm/hr (see para. 9.4.5)
1,139.4 Btu/lbm (see para. 9.4.5)

h-’p-’ol
(2) Calculations

Whpexh = W2 + Wegrg + Wiplo1 + Wiploa + Wipjgr +
Wipioa  (mass balance)
7,970,107 + 787,415 + 19,766 +

19,862 + 917 + 917

8,798,984 Ibm/hr
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Whpexh X hhpexh = (wy X hy) + (Weypq X heyra) +
(Whpfm X hhp-‘cﬂ) + (Whp.fo2 X
hhpu‘oz] + (W.'p.'ol x h.‘p.'ol) +
(W,'proz X h;'p.foZ)

(heat balance)

(7,970,107 x 1,139.4) + (787,415 x
1,097.8) + (19,766 x 1,139.4)
+(19,862 x 1,139.4) =
(917 x 1,139.4) + (917 x 1,139.4)
8,798,984

1,135.68 Btu/Ilbm

hhpexh =

This high pressure turbine blading exhaust en-
thalpy (1,135.68 Btu/Ilbm), calculated from the mass
and heat balance, agrees within 0.05 Btu/lbm with
the high pressure turbine blading exhaust enthalpy
(1,135.67 Btu/Ibm), calculated from the high pressure
turbine expansion-line on an extraction stage-by-
stage method. Therefore, the expansion-line calcula-
tion is correct. If the expansion-line calculation had
not given the same high pressure turbine blading
exhaust enthalpy within 0.05 Btu/lbm, a new turbine
section efficiency on a dry basis would have been
assumed and the test high pressure turbine expan-
sion-line calculation repeated from the beginning of
para. 9.4.7.1 until agreement resulted.

9.4.7.2 Test Low Pressure Turbine Expansion.
The test low pressure turbine expansion is calculated
based on reheat bowl steam conditions and a reason-
able assumed dry basis turbine efficiency throughout
the low pressure turbine expansion. The same dry
basis efficiency must be used for both the test
cycle and specified cycle calculations. The test cycle
calculations determine the moisture removal effec-
tiveness for each extraction point in the wet region.
The test cycle moisture removal effectiveness, ex-
pressed as percent moisture removed at the extrac-
tion point, is used as a basic index of test turbine
performance in the specified cycle low pressure
turbine expansion line calculation.
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9.4.7.2.1
tial Conditions

Low Pressure Turbine Expansion Ini-

Low Pressure Turbine
Inlet Bowl

Pressure, psia 166.4 163.1 (166.4 x 0.98)
Used 2% pressure drop
through intercept valves
Enthalpy, Btu/lbm 1,278.0 1,278.0
Entropy, Btu/lbm°R 1.65294 1.65507

GENERAL NOTE: Assumption: Low pressure turbine efficiency -
dry basis = 90.32%. This assumption is checked in para.
9.4.7.2.1(j).

(a) Calculation of Expansion Line Condition From
Inlet to No. 3 Heater Extraction Stage Entering Condi-
tions

Steam Path Points

LP Bowl No. 3 Heater
Pressure, psia 163.1 61.03
Enthalpy, Btu/lbm 1,278.0 (h) hy
Entropy, Btu/lbm®R 1.65507
Moisture 0.0

Turbine section efficiency — dry basis = 90.32%
hi - hy
h;—h

h, = 1,187.4 Btu/lbm at 61.03 psia and s
1.65507 Btu/lbm°R from the steam tables

1,278.0 — h,
1,278.0 - 1,187.4

h; = 1,196.2 Btu/lbm

Efficiency =

5

0.9032 =

This value puts extraction point in the superheated
region at 61.03 psia and 1,196.2 Btu/lbm from the
steam tables.

(b) Calculation of Expansion Line and Steam Con-
ditions Leaving No. 3 Heater Extraction Stage Point
(See Fig. 9.13)

(1) Known
Pressure = 61.03 psia
w; = Reheater flow to low pressure
turbine
= 7,448,869 Ibm/hr [see para.
9.4.3(b)]
hy = 1,196.2 Btu/Ibm [see para.
9.4.7.2.1(a)]
Wexs = W3 + Wy
= 541,835 + 125,354
= 667,189 lbm/hr (see para.
9.4.2.1.4)
hexs = 1,197.8 Btu/lbm
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w, stage

flow before
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wy, hy extraction
flow to No. 3
heater (3)

w; stage flow

after ext. (2)

FIG. 9.13 EXPANSION LINE AND STEAM CONDITIONS LEAVING NO. 3 HEATER EXTRACTION
STAGE POINT

(2) Calculations

Flow following heater No. 3 extraction

Wi = Weys  (mass balance)

7,448,869 - 667,189

6,781,680 Ibm/hr

(WE x hg) + {Wexﬂ. x hexﬂ)

(7,448,869 x 1,196.2) —
(667,189 x 1,197.8)

6,781,680
1,196.0 Btu/lbm

I

(heat balance)

(c) Calculation of Steam Conditions Where Expan-
sion Line Crosses Saturation Line. Assume 43.52 psia
is at the crossing point, which gives h, = 1,168.7 Btu/
Ibm at 43.52 psia and s = 1.66612 Btu/lbm°R from
the steam tables.

Efficiency = —— hy
i hs
0.9037 = _1:196:0 = h,

1,196.0 - 1,168.7
h, = 1,171.4 Btu/lbm

This point in the steam tables agrees with the
assumed pressure of 43.52 psia. If agreement had
not been reached, a new pressure would have been
assumed with successive iterations.

(d) Calculation of Expansion Line Condition From
Saturation Line to No. 2 Extraction Stage Entering Con-
ditions
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Pressure, psia
Enthalpy, Btu/lbm
Entropy, Btu/lbm°R
Moisture

Steam Path Points

Saturation Line No. 2 Heater
43.52 17.56
1,171.4 (h) h
1.66973 -

0

Turbine section efficiency — dry basis
= 90.32% (see opening section of para. 9.4.7.2.1)

Efficiency =

I

0.9032 =

hi’ - h‘l

h; — h

1,104.3 Btu/Ilbm at 17.56 psia and s
1.66973 Btu/Ibm°F from the steam tables

1,171.4 - h,

1

hy = 1

171.4 -1,104.3

,110.8 Btu/lbm (dry basis)

This value gives extraction point entering moisture

M,

Turbine section
average moisture

where My =

0.0446 at 17.56 psia and 1,110.8 Btu/lbm
from steam tables.

{MO + M\]J
2

(0 + 0.0446)/2

0.0223

moisture at saturation line
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Correction factor to turbine section efficiency for
average moisture

= 1.00 - 0.0223
= 0.9777

Corrected turbine section efficiency (wet basis)

90.32 x 0.9777
88.31%

First iteration to recalculate extraction point enter-
ing enthalpy, using corrected turbine section effi-
ciency (wet basis)

1,171.4 = h,
1,171.4 - 1,104.3

0.8831 =

hy = 1,112.1 Btu/Ibm

This value gives extraction point entering moisture
M; = 0.0433 at 17.56 psia and 1,112.1 Btu/Ibm
from steam tables.

Second iteration using M; = 0.0433 to calculate
turbine section average moisture correction, re-
sulted in

h, = 1,112.1 Btu/lbm
M, = 0.0433
Turbine section efficiency (wet basis) = 88.37%

(e) Calculation of Expansion Line and Steam Con-
ditions Leaving No. 2 Heater Extraction Stage Point
(See Fig. 9.14)

(1) Known
Pressure = 17.56 psia
w; = 6,781,680 lbm/hr [see para.
9.4.7.2.1(b)]
hy = 1,112.1 Btu/lbm [see para.
9.4.7.2.1(d)]
M; = 0.0433 [see para. 9.4.7.2.1(d}]
Wexy = 487,047 lbm/hr (see para.
9.4.2.5)
heyy = 1,066.5 Btu/Ibm (see para.
9.4.2.5)
{assume zero heat loss in ex-
traction piping)
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(2) Calculations

w, = Flow following heater No. 2 extraction
W — Wep  (mass balance)
6,781,680 — 487,047

6,294,633 Ibm/hr

i

wy X by = (Wy X hy) + (Weyn X heya)  (heat balance)
(6,781,680 x 1,112.1) -
h (487,047 x 1,066.5)
2

6,294,633
1,115.6 Btu/Ibm

This value gives extraction point leaving moisture,
M, = 0.0396 at 17.56 psia and 1,115.6 Btu/lbm
from steam tables.

(f) Calculation of Moisture Removal Effectiveness.
Eis the proportion of “extra” or “free water” removed
into the extraction line above the amount that nor-
mally would be in the extraction steam with moisture
level M, as shown in Fig. 9.14.

E2 = —{Ml _ Mz] x 100
1
where
M, = extraction point entering moisture
M, = extraction point leaving moisture

This relationship for E is a close approximation
for the theoretically correct relationship and is suit-
able for this calculation. (Some cases may require
carrying £ to three decimal places.)

_ (0.0433 - 0.0396)
0.0433

) x 100 = 8.55%

(g) Calculation of Expansion Line Conditions From
No. 2 Heater Extraction Stage Leaving Conditions to
No. 1 Heater Extraction Stage Entering Conditions

Steam Path Points
No. 2 Heater Stage  No. 1 Heater Stage

Pressure, psia 17.56 3.54
Enthalpy, Btu/lbm 1,115.6 (h) hy
Entropy, Btu/lbm°R 1.68638

Moisture 0.0396

Turbine section efficiency — dry basis = 90.32%

h; - h,
hi_ hs

Efficiency =
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Stage flow
before ext. (1) ’

hex2

Extraction flow to
No. 2 heater {3)

FIG. 9.14

Stage flow
after ext. (2)

EXPANSION LINE AND STEAM CONDITIONS LEAVING

NO. 2 HEATER EXTRACTION STAGE POINT

= 1,012.1 Btu/Ibm at 3.54 psia and s
1.68638 Btu/Ibm°R from steam tables

1,115.6 — h,
1,115.6 — 1,012.1

0.9032 =

h; = 1,022.1 Btu/Ibm (dry basis)

This value gives extraction point entering moisture
M; = 0.1022 at 3.54 psia and 1,022.1 Btu/lbm
from steam tables.

. . . (M, + M)
Turbine section average moisture = —2—2-—1

where

M, = No. 2 heater stage leaving moisture
[para. 9.4.7.2.1(e)]

Turbine section average moisture =
(0.0396 + 0.1022)/2 = 0.0709

Correction factor to turbine section efficiency for
average moisture = 1.00 - 0.0709 = 0.9291

Corrected turbine section efficiency (wet basis)
90.32 x 0.9291 = 83.92%

First iteration to recalculate extraction point enter-
ing enthalpy, using corrected turbine section effi-
ciency (wet basis)
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1,115.6 — h,
1,115.6 — 1,012.1

0.8392 =

h, = 1,028.7 Btu/lbm

This value gives extraction point entering moisture
M, 0.0957 at 3.54 psia and 1,028.7 Btu/lbm
from steam tables,

Successive iterations using M; were made until
resulting moisture differences were 0.0001, which
resulted in

h, = 1,028.4 Btu/lbm
M, = 0.0960
Turbine section efficiency (wet basis) = 84.20%

(h) Calculation of Expansion Line and Steam Con-
ditions Leaving No. 1 Heater Extraction Stage Point
(See Fig. 9.15)

(1) Known
Pressure = 3.54 psia

w; = 6,294,633 Ibm/hr [see para.
9.4.7.2.1(e)]

h, = 1,028.4 Btu/lbm [see para.
9.4.7.2.1(g)l

M, = 0.0960 [see para. 9.4.7.2.1(g)|

Wexn = 529,710 Ibm/hr [see para.

9.4.2.6(b)]
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Stage flow
before ext. (1}

Extraction flow to

No. 1 heater (3}

ASME PTC 6A -2000

Stage flow
after ext. (2}

FIG. 9.15 EXPANSION LINE AND STEAM CONDITIONS LEAVING
NO. 1 HEATER EXTRACTION STAGE POINT

hexn = 748.2 Btu/lbm [see para.
9.4.2.6(b)] (assume zero heat
loss in extraction piping)
(2) Calculations

Flow following heater No. 1
extraction

Wy — W (mass balance)

6,294,633 - 529,710
= 5,764,923 Ibm/hr

wy x h, (wy X hy) + (Wexpy X By

(heat balance)

(6,294,633 x 1,028.4) -
(529,710 x 748.2)
5,764,923

1,054.2 Btu/lbm

I

This value gives extraction point leaving moisture,
M, = 0.0704 at 3.54 psia and 1,054.2 Btu/lbm
from steam tables.

(i) Calculation of Moisture Removal Effectiveness,
E,

(My = M,) x 100
M,

E
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where
M, = extraction point entering moisture
M, = extraction point leaving moisture
£ = (0.0960 - 0.0704) x 100
0.0960
= 26.67%

(j) Calculate the low pressure turbine exhaust
expansion line end point enthalpy by the same
method used for previous turbine sections and com-
pare to ELEP from overall turbine energy balance in
para. 9.4.6.

Steam Path Points
No. 1 Heater Stage  LP Turbine Exhaust

Pressure, psia 3.54 0.575
(1.17 in. Hga)
Enthalpy, Btu/lbm 1,054.2 (h) h,
Entropy, Btu/lbm°R 1.75568
Moisture 0.0704
Turbine section efficiency — dry basis = 90.32%
_ h;-h
Efficiency = —2
hi - hs

951.68 Btu/lbm at 0.575 psia
= 1.75568 Btu/lbm°R from steam tables

"
|
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1,054.2 — h,
1,054.2 — 951.68

0.9032 =

h, = 961.6 Btu/lbm (dry basis)

This value gives extraction point entering moisture
My = 0.1305 at 1.17 in. Hga and 961.6 Btu/Ilbm
from steam tables.

. . . M; + M
Turbine section average moisture = (1270}
where
M; = No. 1 heater stage leaving moisture [see

para. 9.4.7.2.1(h)]

Turbine section
average moisture = (0.0704 + 0.1305)/2
= 0.1005

Correction factor to turbine section efficiency for
average moisture

1.00 - 0.1005
0.8995

Corrected turbine section efficiency (wet basis)

90.32 x 0.8995
81.24%

First iteration to recalculate ELEP enthalpy using
corrected turbine section efficiency (wet basis).

1,054.2 - h,
1,054.2 - 951.68

0.8124 =

h, = 970.9 Btu/Ibm

This value gives low pressure turbine exhaust
moisture of M; = 0.1216 at 1.17 in. Hga and 970.9
Btu/ Ibm from steam tables.

Successive iterations using My were made until
resulting moisture differences were less than 0.0001,
which resulted in

h, = 970.51 Btu/lbm
My = 0.1220

Turbine section efficiency (wet basis) = 81.63%
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This ELEP enthalpy (h, = 970.51 Btu/Ibm), calcu-
lated from the low pressure turbine expansion line
on an extraction stage-by-stage basis, agrees within
0.05 Btu/lbm with the overall low pressure turbine
energy balance ELEP at 970.53 Btu/lbm (see para.
9.4.6). Therefore, the expansion-line calculation is
correct. If the expansion-line calculation had not
given the same ELEP enthalpy within 0.05 Btu/lbm,
a new turbine section efficiency on a dry basis
would have been assumed and the test low pressure
turbine expansion-line calculation repeated from the
beginning of para. 9.4.7.2.1 until agreement resulted.

9.4.7.3 The test steam path pressure/flow rela-
tionships were calculated as shown in Table 9.2.

9.4.8 Calculation of Overall Turbine Section Effi-
ciencies and Effectiveness. Initial, final, and expan-
sion-line steam conditions for the calculation of the
overall turbine section efficiencies and effectiveness
are now known. The calculated test efficiencies and
effectiveness can then be compared to the values
derived from the design heat balances and can be
used to determine where the gains or deficiencies
dare,
High pressure turbine efficiency:

hr'_ ha

hi_ hs

1,255.1 - 1,135.7 »
1,255.1 - 1,116.2

86.0%

Efficiency (hp)

100

(a) High Pressure Turbine Effectiveness. For tur-
bines with moisture removal stages, section efficiency
is not an appropriate performance indicator as dis-
cussed in para. 5.10.2 of the Code. With the internal
efficiency definition, more effective water removal re-
duces calculated efficiency, which is contradictory.
Performance of such turbine section is therefore better
measured in terms of effectiveness, where

Dh

Effectiveness = ————
Dh + To Ds

where

Dh = sum of the actual work (in Btu/Ibm or kj/kg)
of the individual expansions in the turbine
steam path
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TABLE 9.2
TEST STEAM PATH PRESSURE/FLOW RELATIONSHIPS

ASME PTC 6A-2000

Pressure/Flow
Relationships,

Steam Path Stage w\p/v
Flows, Pressures, 1-M
Stage w-lbm/hr p-psia

Steam flow supplied to the turbine cycle 10,779,670

Heating steam flow to second stage reheaters -387,790

Throttle flow 10,391,880

Control valve leakoff (low pressure) -480

Control valve leakoff (high pressure) -1,580

First stage flow 10,389,820

Heating steam flow to first stage reheaters -638,574

Extraction to first stage -430,343 e cen

Flow following extraction 9,320,903 507.4 398,087.4

[see para. 9.4.3(d)]

Extraction to No. 5 heater -521,919 NN e

Flow following extraction 8,798,984 300.2 630,725.5
[see para. 9.4.7.1.1(d)]

No. 1 packing leakoff -19,766 ce.

No. 2 packing leakoff -19,862

No. 1 gland seal leakoff -917

No. 2 gland seal leakoff -917

Extraction to No. 4 heater -787,415 v e

Flow leaving high pressure turbine 7,970,107 175.1 [see para. 9.4.7.1.1(f)]

Moisture removed by moisture separator -521,238 - -

Flow to low pressure turbine 7,448,869 166.4 1,055,948.0

[see para. 9.4.3(b)]

Extraction to No. 3 heater -541,835 cee

Extraction to feedwater pump turbine -125,354 . e

Flow following extraction 6,781,680 61.03 2,367,142.4
[see para. 9.4.7.2.1(a)]

Extraction to No. 2 heater -487,047 e e

Flow folluwing extraction 6,294,633 17.56 7,154,879.5
[see para. 9.4.7.2.1(d)]

Extraction to No. 3 heater -529,710 - -

Flow following extraction 5,764,923 3.54 30,884,393.6
[see para. 9.4.7.2.1(g)]

Flow to condenser 5,764,923 cas

Ds = sum of the entropy changes (in Btu/lbm°R or
ki/kgK) corresponding to the Dh expansions

used above

To = absolute temperature (in °R or K) corre-
sponding to the turbine exhaust pressure

High pressure turbine section, in this example,
has inlet steam conditions, which contain some
superheat. Therefore, it is only partially operating
in the moisture region without provisions for the
moisture removal stages. In this case, the effective-
ness is calculated for demonstrative purposes only.
A substantial number of high pressure turbines have
inlet steam conditions that contain moisture and are
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provided with moisture removal stages. In those
cases it will be necessary to calculate effectiveness.
(1) Calculations

Dh

Ds =

To

(1,255.1 - 1,210.6) + (1,209.5 -
1,171.7)+(1,171.1 = 1,135.7) (from
expansion line, see Fig. 9.16)
117.7 Btu/lbm

(1.46892 — 1.46183) + (1.47495 -
1.46773) + (1.48343 - 1.47422)
(from expansion line, see Fig. 9.16)
0.02537 Btu/lbm°R

(370.8 + 459.67)

830.47 °R (saturated temperature
175.1 psia)
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0.0385 M

Nwet = 82.24%

—1,135.68 H
0.0713 M
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HP blading inlet

No. 6 heater
extraction

No. 5 heater
extraction

HP blading
exhaust

FIG. 9.16 H-S DIAGRAM OF TEST CYCLE HIGH PRESSURE TURBINE

117.7
x 100
117.7 + (830.47 x 0.02537)

= 84.8%

Effectiveness =

(b) Low Pressure Turbine Effectiveness

Dh

Effectiveness = ————
Dh + To Ds

where

Dh = sum of the actual work (in Btu/Ibm or kJ/
kg) of the individual expansions in the
turbine steam path

Ds = sum of the entropy changes (in Btu/Ibm°R
or kJ/kgK) corresponding to the Dh
expansions used above
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To = absolute temperature (in °R or K) corre-
sponding to the turbine exhaust pressure

(c) Effectiveness to TEP Calculations

Dh = (1,278.0-1,196.2)+(1,196.0-1,171.4)
+ (1,171.4 - 1,112.1) + (1,115.6 -
1,028.4) + (1,054.2 - 998.93) (from
expansion line, see Fig. 9.17)

308.17 Btu/lbm

(1.66632 - 1.65294) +
1.66612) + (1.68119 1.66973) +
(1.71331 - 1.68638) + (1.84262 -
1.75568) (from expansion line)
0.14232 Btu/lbm°R

83.9 + 459.67

543.57°R (saturated temperature 1.17
in. Hg)

Ds (1.66973 -

I

To
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LP turbine

11714 H

Sat.
line

bowl

— 1,115.6 H
0.0396 M \{

Nwer = 84.20%

S
q;\\’c

No. 3 heater
extraction

T]dry= 90.32%

No. 2 heater
extraction

No. 1 heater
extraction

%7

0.0704 M
Nuet = 81.63%

970.53 H
0.1220 M

FIG. 9.17 H-S DIAGRAM OF TEST CYCLE LOW PRESSURE TURBINE

308.17
x 100
308.17 + (543.57 x 0.14232)

Effectiveness to TEP

79.9%

(d) Effectiveness to ELEP Calculations

Dh (1,278.0-1,196.2) +(1,196.0-1,171.4)
+ (1,171.4 - 1,112.1) + (1,115.6 —
1,028.4) + (1,054.2 - 970.53) (from
expansion line, see Fig. 9.17)

336.57 Btu/lbm

(1.66632 1.65294) (1.66973 -
1.66612) (1.68119 1.66973) +
(1.71331 - 1.68638) + (1.79037 -
1.75568) (from expansion line)
0.09007 Btu/lbm°R

+

+
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To

83.9 + 459.67 = 543.57 °R (saturated
temperature 1,17 in. Hg)

336.57

Effectiveness to ELEP x 100
336.57 + (543.57 x 0.09007)

]

Effectiveness to ELEP = 87.3%

9.4.9 Keys to Figs. 9.2 and 9.18
W = flow, Ibm/hr
pressure, psia
enthalpy, Btu/lbm
valve stem leakoff to heater 4
valve stem leakoff to SSR
first stage reheater drains to heater 6
second stage reheater drains to heater 6

B W =3
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5 = low pressure turbine extraction steam

to FWP turbine throttle

high pressure steam to air ejector

SSR steam to steam packing exhauster

FWP turbine seal steam leakoff to SSR

HP turbine shaft packing leakage to

SSR

10 = HP turbine shaft packing leakage to
SSR

11 = HP turbine shaft packing leakage to
SSR

O N O
Il

9.5 CORRECTION OF TEST PERFORMANCE TO
SPECIFIED OPERATING CONDITIONS

The following method presents one way of analyz-
ing steam turbine performance in a nuclear cycle.

9.5.1 Group 1 Corrections. Performance is cor-
rected for the effect of the Group 1 variables as
described in para. 5.8.2 of the Code and outlined
in para. 5.11 of the Code. The Group 1 variables
primarily include the effect of the feedwater/conden-
sate system and all auxiliary equipment external
to the turbine generator. Corrections for generator
operating conditions, which are conveniently made
at this time, are also included.

The test data that reflects the characteristics of
the turbine, such as turbine efficiencies, packing
and leakoff flows, and stage flow functions, are
maintained.

(a) For this example, these turbine characteristic
conditions, taken from the test data, are as follows:

(1) Test throttle flow to the turbine.

(2) Test main steam pressure and temperature.

(3) Test low pressure turbine exhaust pressure.

(4) Test percent pressure drop from high pres-
sure turbine exhaust to intercept valve inlet.

(5) Test high pressure and low pressure turbine
section efficiencies on a dry basis.

(6) Test terminal temperature differences for the
first and second stage reheaters (these components
are supplied by the turbine generator manufacturer).

(7) Test moisture separator performance (these
components are supplied by the turbine generator
manufacturer).

(8) Test turbine steam seal leakoffs and steam
seal system flows.

(9) Feedwater flow leaving the highest pressure
feedwater heater is equal to the test turbine flow plus
the specified air ejector steam flow (1,000 Ibm/hr).

(10) No change in water storage at any point in
the cycle.

APPENDIX A TO PTC 6, THE TEST CODE FOR STEAM TURBINES

(b) The cycle conditions external to the equipment
supplied by the turbine generator manufacturer are
calculated on the same performance basis as for the
specified cycle. These include feedwater heaters,
pumps and pump drives (including steam driven auxil-
iary turbines not supplied as part of the turbine genera-
tor package), extraction line pressure drops, and heat
losses.

(c) In calculating the test turbine in the specified
cycle heat balance diagram, Fig. 9.18, extraction and
steam path flow conditions will change due to the
different cycle equipment performance characteristics
(specified conditions rather than test). It must be recog-
nized that certain performance criteria within the tur-
bine must be maintained on the same basis as the test
to reflect the measured turbine characteristic condi-
tions. Therefore, adjustments to the test turbine condi-
tions are necessary due to new steam flow values and
include the following:

(1) The main steam flow for the test turbine in
specified cycle may be different from test due to the
change in the second stage reheater flow.

(2) The reheat turbine inlet pressure (intercept
valve inlet) must have the same flow versus pressure
relationship as test. Adjustments in the reheat turbine
inlet pressure may be required to maintain the test
relationship within 1%. Other pressure versus flow
relationships should agree with the test within the
same 1% limit or 1 psi, whichever is smaller.

(3) If the reheat turbine inlet pressure changes,
the high pressure turbine exhaust pressure should be
determined from the new reheat turbine inlet pressure
and the test pressure drop through the moisture sepa-
rator reheater system (heated steam side).

(4) The test turbine section efficiencies may re-
quire adjustments as a function of a change in the
average moisture, using the relationship 1% efficiency
change for each 1% change in average moisture. Aver-
age moisture is defined as the arithmetic average of
the moisture at the inlet and at the exit of the turbine
section under consideration.

9.5.1.1 Calculation of Test Turbine in Specified
Cycle. The cycle correction for the effect of variables
that primarily affect the feedwater/condensate heater
system is determined by calculating a new heat
balance, which uses the test turbine expansion line,
test packing leakages, test moisture removal effective-
ness, test throttle flow, and specified cycle conditions
in accordance with para. 5.11 of the Code. This
heat balance uses an iterative calculation procedure
in which the specified extraction line pressure drop,
specified heater terminal temperature and drain
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cooler approach differences, test extraction stage
coefficients, and moisture removal effectiveness are
used to determine new extraction flows for all heaters
and moisture separator reheater. This in turn allows
the calculation of a new low pressure turbine exhaust
flow and enthalpy of the steam flowing to the
condenser. The corresponding generator output is
then calculated by means of an energy balance
around the overall turbine, and this is used with
the corresponding turbine heat input to calculate a
corrected turbine heat rate for comparison to the
specified performance.

In this example, the high pressure turbine expan-
sion line lies partially in the superheated steam
region. Therefore, the amount of moisture present
at extraction stages to Nos. 6 and 5 heaters is
relatively small. No. 4 heater extraction contains a
significant percentage of moisture, and No. 3 heater
receives superheated steam. The technically correct
procedure to be followed is given above and requires
revised calculations for all feedwater heaters, which
are shown below. For nomenclature see Fig. 9.11.

9.5.1.1.1 Calculation of High Pressure Tur-
bine in Specified Cycle. High pressure turbine expan-
sion initial conditions are as follows.

High Pressure Turbine
Main Steam HP Blading Inlet

889.0

(907.1 x 0.98)

Used 2% pressure drop
through throttle and
control valves

1,255.1

1.46183

Pressure, psia 907.1

Enthalpy, Btu/lbm
Entropy, Btu/lbm °R

1,255.1

From test cycle calculations use high pressure
turbine efficiency — dry basis = 87.05%.

See para. 9.4.7.1 and para. 9.4.7.1.1(g).

(a) Expansion Line Condition From HP Blading In-
let to No. 6 Heater. Extraction stage entering condi-
tions are as follows.

Steam Path Points

HP Blading Inlet No. 6 Heater
Pressure, psia 889.0 507.4
(assumed)
Enthalpy, Btu/lbm 1,255.1 (k) hy
Entropy, Btu/lbm°R 1.46183
Moisture 0

APPENDIX A TO PTC 6, THE TEST CODE FOR STEAM TURBINES

Turbine section efficiency — dry basis = 87.05%.
See paras. 9.4.7.1 and 9.4.7.1.1(g).

No. 6 heater extraction pressure must be assumed
due to the change in the extraction flow while
maintaining the test turbine pressure/flow relation-
ship. This assumption will be checked in para.
9.5.1.1.1(d).

hi = hy
hr'_hs

Efficiency

hs = 1,204.0 Btu/lbm at 507.4 psia

s

1.46183 Btu/Ibm °R from the steam tables

0.8705 = 1,255.1 - hy
1,255.1 = 1,204.0
hy = 1,210.6 Btu/lbm

This value puts the extraction point in the super-
heated region at 507.4 psia and 1,210.6 Btu/lbm
from the steam tables.

(b) Calculation of No. 6 Heater Extraction Flow

(1) Specified Conditions

Pressure drop from turbine steam path to

heater shell = 5%
Heater terminal temperature difference =
5°F

Drain cooler temperature difference = 10°F
(2) Assumptions (Checked Later)

Turbine steam path pressure = 507.4 psia [as-
sumed in para. 9.5.1.1.1(a)
hexs = 1,220.4 Btu/Ibm (same as test data)

Wy = 430,708 Ibm/hr  [checked in  para.
9.5.1.1.1(n)]
hyy = 443.0 Btu/lbm (same as test data, see
Fig. 9.16)
Wy, = 388,560 Ibm/hr  [checked in para.
9.5.1.1.1(0)]
h;, = 525.8 Btu/lbm (same as test data, see
Fig. 9.16)
tie = lps = 407.7°F |[checked in para.
9.5.1.1.1(g)]

Determine t;, = 458.2°F (and hy, = 439.8 Btu/
Ibm) from terminal temperature difference applied
to the heater saturation temperature as a function
of heater shell pressure (482.0 psia), which was
calculated from turbine steam path pressure (507.4
psia) as assumed, minus the specified pressure drop
to heater. Determine ty = 417.7°F (and hg = 394.5
Btu/Ibm) from the specified drain cooler temperature
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difference applied to the assumed No. 6 heater

water inlet temperature. Determine hg = 384.4
Btu/lbm from the assumed No. 6 water heater inlet
temperature,

Feedwater flow leaving the highest pressure (No.
6) feedwater heater is equal to the test turbine flow
(10,779,670 lbm/hr) plus the specified air ejector
steam flow (1,000 Ibm/hr).

(3) Calculate No. 6 Heater Extraction Flow

_ Wiis{ios — hiie) = Wini(hm1 = hge) = Waal(hppy — hg)
Wexie =

hex!(: - hdﬁ
10,780,670 (439.8 - 384.4) — 430,708
(443.0 — 394.5) — 388,560 (525.8 - 394.5)
1,220.4 - 394.5

636,084 lbm/hr

(c) Calculation of Steam Conditions at No. 6 Heater
Extraction Stage (See Fig. 9.3)
(1) Known

Pressure = 507.4 psia [assumed in para.
9.5.1.1.1.(a)]
w, = steam path through flow
= test throttle flow to turbine -
second stage moisture separator
reheater flow - control valve
leakoff (high pressure) flow -
control valve leakoff (low pres-
sure) flow
= 10,779,670 -
1,580 — 480
10,389,050 Ibm/hr

388,560 -

I

h, = 1,210.6 Btu/lbm [see para.
9.5.1.1.1(a)]
Wy = Weys + Wy = 636,084 +

430,708 [see para. 9.5.1.1.1(b)]
= 1,066,792 Ibm/hr
h3 = hexﬁ = ],220.4 Btuﬂbm [aS—
sumed in para. 9.5.1.1.1(b)]
w, = Flow leaving No. 6 extraction
stage
=w - w; = 10,389,050 -
1,066,792 (mass balance)
= 9,322,258 lbm/hr

(2) Calculation of Enthalpy and Specific Volume
Leaving No. 6 Heater Extraction Stage [Point (2)]

wy X hy = w; x h; + wy x h; (heat balance)

wy X hy = wy x hy
hy=———1""7%73

w;
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10,389,050 x 1,210.6 - 1,066,792 x 1,220.4
9,322,258

1,209.5 Btu/lbm

Specific volume, v = 0.9255 cu ft/lbm at 507.4
psia and 1,209.5 Btu/lbm from steam tables.

(d) Check assumed turbine steam path pressure at
the No. 6 heater extraction stage [see para.
9.5.1.1.1(a)] by applying the test steam path pressure/
flow relationship for No. 6 heater extraction stage to
the specified cycle steam path flow leaving the No.
6 heater extraction stage calculated in para.
9.5.1.1.1(c).

w/~ p/v
V1 -M

= K

where

K = 398,087.4 (constant), see para. 9.4.7.3

wy, = 9,322,258 Ibm/hr, see para.
9.5.1.1.1(c)

v = 0.9255 cu ft/lbm, see para. 9.5.1.1.1(c)

=
I

M = moisture = 0.0 (superheated steam)
p = stage pressure, psia
9,322,258/~/p/0.9255
p = 398,087.4
N1 -0.0
p = 507.6 psia

This value checks the assumed pressure. If the
assumed pressure is not correct within 1% or 1.0
psi, whichever is smaller, iterations using a new
assumed pressure must be made for No. 6 heater
extraction stage entering conditions with subsequent
repeat calculations until agreement is reached.

Because the assumed extraction pressure (same
as test) needs not to be revised and the steam
conditions upstream of this extraction zone are super-
heated, the assumed extraction enthalpy (same as
test) also needs not to be revised.

(e) Steam Conditions Where Expansion Line
Crosses Saturation Line. Assume 476.2 psia at the
crossing point, which gives h, = 1,204.05 Btu/lbm at
476.2 psia and s = 1.46773 Btu/lbm°R from steam
tables.

Turbine section efficiency - dry basis = 87.05%
[see paras. 9.4.7.1 and 9.4.7.1.1(g)]
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h - h
Efficiency = —=2
Y hi - hs
0.8705 = _1:209.5 — h,
1,209.5 - 1,204.05
h, = 1,204.8 Btu/lbm

This point in the steam tables agrees with the
assumed pressure of 476.2 psia. If agreement had
not been reached a new pressure would have been
assumed with successive iterations.

(f) Expansion Line Condition From Saturation Line
to No. 5 Extraction: Stage Entering Conditions

Steam Path Points

Saturation Line No. 5 Heater
Pressure, psia 476.2 300.0 (assumed)
Enthalpy, Btu/lbm 1,204.8 (h) hy
Entropy, Btu/lbm°R 1.4685 .
Moisture 0.0

Turbine section efficiency — dry basis = 87.05%
[see paras. 9.4.7.1 and 9.4.7.1.1(g)].

No. 5 heater extraction pressure must be assumed
due to the change in the extraction flow while
maintaining the test turbine pressure/flow relation-
ship. This assumption will be checked in para.
9.5.1.1.1().

h, = 1,166.0 Btu/Ibm at 300.0 psia and s

1.4685 Btu/lbm°R from steam tables

1,204.8 - h,
1,204.8 — 1,166.0

1,171.0 Btu/Ibm (dry basis)

0.8705 =

hy

This value gives extraction point entering moisture
M; = 0.0384 at 300.0 psia and 1,171.0 Btu/lbm
from steam tables.

(MO + M])
2

(0.0 + 0.0384)
2

0.0192

Turbine section average moisture =

1]

where My = moisture at saturation line
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Correction factor to turbine section efficiency for
average moisture

1.00 - 0.0192
0.9808

1l

Corrected turbine section efficiency (wet basis)

87.05 x 0.9808
85.13%

First iteration to recalculate extraction point enter-
ing enthalpy, using corrected turbine section effi-
ciency (wet basis)

0.8513 = 12048~ h
1,204.8 - 1,166.0
h, = 1,171.7 Btu/lbm

This value gives extraction point entering moisture
M; = 0.0386 at 300.0 psia and 1,171.7 Btu/lbm
from steam tables.

Successive iterations using M; were made until
resulting moisture differences were 0.0001, which
resulted in

1,171.7 Btu/lbm
0.0386

hy
M,

Il

Turbine section efficiency {wet basis) = 85.37%

(g) Calculation of No. 5 Heater Extraction Flow
(See Fig. 9.5)
(1) Specified Conditions
Pressure drop from turbine steam path to

heater shell = 5%
Heater terminal temperature difference =
5°F

Drain cooler temperature difference = 10°F
(2) Assumptions (Checked Later). Turbine steam
path pressure = 300.0 psia [first assumed in para.
9.5.1.1.1(0] heys = 1,182.5 Btu/lbm (calculated at
assumed pressure of 300.0 psia from test extraction
steam conditions of 300.2 psia and 1,182.5 Btu/lbm
by drawing expansion line parallel to the turbine sec-
tion expansion line).

tgs = 362.2°F
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Determine t,; = 407.7°F (and hys = 384.4 Btu/
Ibm) from terminal temperature difference applied
to the heater saturation temperature as a function
of heater shell pressure (285.0 psia), which was
calculated from turbine steam path pressure (300.0
psia) as assumed, minus the specified pressure drop
to heater. Determine ty; = 372.2°F (and hys = 345.4
Btu/lbm) from the specified drain cooler temperature
difference applied to the assumed No. 5 heater

water inlet temperature. Determine hg; = 336.0
Btu/lbm from the assumed No. 5 water heater inlet
temperature.

(3) Calculate No. 5 Heater Extraction Flow

_ Wyis (hgs = hyis) = Wee (hge = hgs)
exts —

hextS - hd5

where
Wis = Wy = 10,780,670 Ibm/hr, see para. 9.5.1.1.1(b)
Wi, = Wexe + Went + Wiz
= 636,084 + 430,708 + 388,560
= 1,455,352 |bm/hr, see para. 9.5.1.1.1(b)

hge = 394.5 Btu/lbm, see para. 9.5.1.1.1(b)

10,780,670 (384.4 - 336.0) -
1,455,352 (394.5 - 345.4)

1,182.5 -~ 345.4

537,961 Ibm/hr

(h) Calculation of Steam Conditions at No. 5 Heater
Extraction Stage (See Fig. 9.12)
(1) Known
Pressure = 300.0 psia [assumed in para.
9.5.1.1.1(f)]
w; = steam path through flow =
9,322,258 Ibm/hr [w, from
para. 9.5.1.1.1(c)]
hy = 1,171.7 Btu/Ibm [para.
9.5.1.1.1(f}
W3 = Weys = 537,961 |Ibm/hr [para.
9.5.1.1.1()]
hy = hgy3 = 1,182.5 Btu/lbm [para.
9.5.1.1.1(g)]
w, = flow leaving No. 6 extraction
stage
=w - w; = 9,322,258 -
537,961(mass  balance) =

8,784,297 lbm/hr

(2) Calculation of Enthalpy and Specific Volume
Leaving No. 5 Heater Extraction Stage [Point (2)]
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w; X hy = wy x hy + wy x hy (heat balance)
wy X hy = wy x hy
h2 =
w2
9,322,258 x 1,171.7 - 537,961 x 1,182.5

8,784,297

1,171.0 Btu/Ibm

Specific volume, v = 1.4827 cu ft/lbm and mois-
ture, M, = 0.0394 at 300.0 psia and 1,171.0 Btu/
Ibm from steam tables.

(i) Check assumed turbine steam path pressure at
the No. 5 heater extraction stage [see para.
9.5.1.1.1(f)] by applying the test steam path pressure/
flow relationship for No. 5 heater extraction stage to
the specified cycle steam path flow leaving the No.
5 heater extraction stage calculated in para.
9.5.1.1.1(h).

w/N p/v _
N1 - M
where
K = 630,725.5 (constant), see para. 9.4.7.3
w = w,; = 8,784,297 Ibm/hr, see para. 9.5.1.1.1(h)
v = 1.4827 cu ft/lbm, see para. 9.5.1.1.1(h)
M, = 0.0394, see para. 9.5.1.1.1(h)
p = stage pressure, psia
8,784,297/~/p/1.4827
P = 630,725.5
/1 - 0.0394
p = 299.5 psia

This value checks the assumed pressure. If the
assumed pressure is not correct within 1% or 1.0
psi, whichever is smaller, iterations using a new
assumed pressure must be made for No. 5 heater
extraction stage entering conditions with subsequent
repeat calculations until agreement is reached.

Because the assumed extraction pressure needs
not to be revised and there are no water removal
provisions at this location (extraction enthalpy is
higher than steam path enthalpy), the assumed ex-
traction enthalpy also needs not to be revised.

(j) Calculation of Expansion Line From No. 5
Heater Extraction Stage: Leaving Conditions to High
Pressure Turbine Exhaust Conditions

Steam Path Points

No. 5 Heater HP Exhaust
Pressure, psia 300.0 175.1 {assumed)
Enthalpy, Btu/lbm 1,171.0 (h) hy
Entropy, Btu/lbm°R 1.4742 .
Moisture 0.0394
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Turbine section efficiency — dry basis = 87.05%;
see paras. 9.4.7.1 and para. 9.4.7.1.1(g)

HP turbine exhaust pressure must be assumed
due to the change in the extraction flow while
maintaining the test turbine pressure/flow relation-
ship. This pressure level is dependent on LP inlet
pressure. Therefore, this assumption will be checked
in para. 9.5.1.1.2(a) by checking LP inlet pressure.
This pressure will need to be revised if LP inlet
pressure is revised.

hy = 1,128.0 Btu/lbm at 175.1 psia and s
= 1.4742 Btu/lbm°R from steam tables
1,171.0 - hy

1,171.0-1,128.0

h, = 1,133.6 Btu/Ibm (dry basis)

0.8705 =

This value gives high pressure blading exhaust
moisture M; = 0.0737 at 175.1 psia and 1,133.6
Btu/ Ibm from steam tables.

Turbine section _ M, + M,
average moisture ~ 2

0.0394 + 0.0737
2

0.0566
where
M; = No. 5 heater stage leaving moisture

Correction factor to turbine section efficiency for
average moisture:

1.00 - 0.0566
0.9434

Corrected turbine section efficiency (wet basis):

87.05 x 0.9434
82.12%

First iteration to recalculate high pressure turbine
blading exhaust enthalpy, using corrected turbine
section efficiency (wet basis)

1,171.0 - hy
1,171.0 - 1,128.0

1,135.7 Btu/lbm

0.8212 =

hy
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This value gives high pressure turbine blading
exhaust point moisture M; = 0.0713 at 175.1 psia
and 1,135.7 Btu/lbm from steam tables.

Second iteration using M; = 0.0713 to calculate
turbine section average moisture correction, re-
sulted in

h, = 1,135.64 Btu/lbm
M; = 0.0713

Turbine section efficiency (wet basis) = 82.23%

(k) Calculation of No. 4 Heater Extraction Flow
(See Fig. 9.6)
(1) Specified Conditions
Pressure drop from turbine steam path to

heater shell = 5%
Heater terminal temperature difference =
5°F

Drain cooler temperature difference = 10°F
(2) Assumptions (Checked Later)

Turbine steam path pressure = 175.1 psia [as-
sumed in para. 9.5.1.1.1(j)] heye = 1,097.8 Btu/
lbm (same as test data, see Fig. 9.2) h;y = 256.9
Btu/Ibm

Determine ty,y = 361.7°F (and h;4 = 334.1 Btu/
Ibm) from terminal temperature difference applied
to the heater saturation temperature as a function
of heater shell pressure (166.3 psia), which was
caiculated from turbine steam path pressure (175.1
psia) as assumed, minus the specified pressure drop
to heater. Determine t.; = 287.1°F from the as-
sumed No. 4 water heater inlet enthalpy. Determine
ty = 297.1°F (and hy = 266.9 Btu/Ibm) from the
specified drain cooler temperature difference applied
to the assumed No. 4 heater water inlet temperature.

(3) Calculate No. 4 Heater Extraction Flow

Weoxta = Wreig [h{ml - hﬁq) - Wys (hdi - hd4) -
Wmnsd (hmsd - hd4) — Whplo (hhp;o - hd4)

hexm - hd4
where

Wis = We = 10,780,670 Ibm/hr, see para. 9.5.1.1.1(b)

Was = Wap + Wexs

1,455,352 + 537,961

1,993,313 Ibm/hr, see para. 9.5.1.1.1(g)

hgs = 345.4 Btu/lbm, see para. 9.5.1.1.1(g)
10,780,670 (334.1 - 256.9) - 1,993,313 (345.4 - 266.9)
W = = 521,834 (342.9 — 266.9) — 1,580 (1,255.1 - 266.9)
extd =

1,097.8 - 266.9

= 763,716 Ilbm/hr
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FIG. 9.19 EXPANSION LINE AND STEAM CONDITIONS LEAVING
NO. 4 HEATER EXTRACTION STAGE POINT

(I) Calculation of Steam Conditions at No. 4 Heater
Extraction Stage (See Fig. 9.19)

(1) Known
Pressure = 175.1 psia [assumed in para.
9.5.1.1.1(j)]
w; = high pressure turbine blading
exhaust flow
= 8,784,297 Ibm/hr [w, from
para. 9.5.1.1.1(h)]
hy = 1135.64 Btu/lbm, see para.
9.5.1.1.1())
W3 = Wey = 763,716 lbm/hr, see
para. 9.5.1.1.1(k)
hy = heys = 1,097.8 Btu/lbm [as-
sumed in para. 9.5.1.1.1(k)]
w, = high pressure turbine exhaust

flow to moisture separator and
shaft packing leakoffs

W, ws 8,784,297
763,716 (mass balance)
8,020,581 Ibm/hr

(2) Calculation of Enthalpy of High Pressure Tur-
bine Exhaust Flow to Moisture Separator and Shaft
Packing Leakoffs [Point (2)]

wi X h, w, X h, + wy x hy (heat balance)

wy; X hy — wy X hy

h;

W,
8,784,297 x 1,135.64
-763,716 x 1,097.8
8,020,581
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= 1,139.2 Btu/lbm

(m) Calculation of Moisture Separator Drain Flow
(1) Known

High pressure turbine exhaust flow to moisture
separator and shaft packing leakoff = 8,020,581
Ibm/hr, see para. 9.5.1.1.1(I)

High pressure turbine flow enthalpy to moisture
separator (MS) 1,139.2 Btu/lbm, see para.
9.5.1.1.1(1)

High pressure exhaust pressure = 175.1 psia, see
para. 9.5.1.1.1())

Reheat steam pressure at MS = 171.6 psia (2%
pressure drop from high pressure exhaust to MS -
same as test)

Reheat steam moisture at MS = 0.0666 (moisture
at 171.6 psia and 1,139.2 Btu/lbm from steam tables)

Moisture carryover from MS = 0.0012 [from para.
9.4.3(c)]

Reheat steam enthalpy at moisture separator exit

1,195.1 Btu/lbm (enthalpy at 171.6 psia and
0.0012 moisture from steam tables)

(2) Calculations

High pressure turbine exhaust flow to moisture
separator = w; = Whpsiol = Whpslo2 = Wipsio1 = Wipsio2
(mass balance)

8,020,581 - 19,766 - 917 - 19,862 - 917
7,979,119 Ibm/hr

Moisture separator

drain flow = 7,979,119 (0.0666 - 0.0012)
= 521,834 Ibm/hr
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Percent Change in Heat Rate
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{minus percent change in heat rate) x 100

Percent change in load = -
100 + percent change in heat rate
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FIG. 9.22 EXHAUST PRESSURE CORRECTION TO HEAT RATE
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FIG. 9.23 H-S DIAGRAM FROM TEST TURBINE IN SPECIFIED CYCLE, HIGH PRESSURE TURBINE
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FIG. 9.24 H-S DIAGRAM FROM TEST TURBINE IN SPECIFIED CYCLE, LOW PRESSURE TURBINE
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Reheater steam flow = 7,979,119 — 521,834

7,457,285 Ibm/hr

(n) Calculation of Heating Steam Flow to First Stage
Reheater. The heating steam flow to first stage reheater
(w,p1) was calculated from heat and mass balances
around the first stage reheater as follows (see Fig.
9.10):

(1) Known

First stage reheater steam
supply pressure
(2.0% pressure drop from
extraction point to reheater}

First stage reheater heating
steam enthalpy (hs)

First stage reheater drain flow
enthalpy (hp)

First stage reheater terminal
temperature difference

First stage reheater supply
steam pressure [5.0%
pressure drop from extraction
pressure at blade path (507.4

171.6 psia
1,220.4 Btu/lbm
443.0 Btu/lbm

21.6°F [see para. 9.4.3(d)]

psia)l = 482.0 psia
First stage reheater supply
steam saturation temperature = 463.3°F

First stage reheater steam outlet

temperature = 463.3 - 21.6 = 441.7°F
First stage reheater steam outlet
enthalpy (hg) = 1,240.0 Btu/lbm
First stage reheater inlet steam = 1,195.1 Btu/lbm, see para.
enthalpy (h3) 9.5.7.1.1(m)
Reheater flow (ws) = 7,457,285 |lbm/hr, see para.
9.5.7.1.1(m)

(2) Calculations

ws (hg — h3) = wu (hs = hy) (heat balance)
_ W (h = hy)
Wb (hs = hyp)

7,457,285 (1,240.0 - 1,195.1)
- 1,220.4 - 443.0

430,708 |bm/hr

(0) Calculate Heating Steam Flow to Second Stage
Reheater. The heating steam flow to second stage re-
heater (w,p,) was calculated from heat and mass bal-
ances around the second stage reheater as follows
(see Fig. 9.10):
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(1) Known

Second stage reheater steam
supply pressure (3.0%
pressure drop from HP
exhaust to reheater)

Second stage reheater
heating steam enthalpy
()

Second stage reheater drain
flow enthalpy (hqp)

Second stage reheater
terminal temperature

169.8 psia

1,255.1 Btu/lbm

525.8 Btu/lbm

20.4°F, see para.

difference 9.4.3(c)
Second stage reheater

supply steam pressure

[2.0% pressure drop from

main steam pressure at

throttle (907.1 psia)] = 889.0 psia
Second stage reheater

supply steam saturation

temperature = 530.5°F
Second stage reheater steam = 530.5-204 =

outlet temperature 510.1°F

Second stage reheater steam
outlet enthalpy (hy)
Second stage reheater inlet
steam enthalpy (hg)
Reheater flow (ws)

1,278.0 Btu/lbm
1,240.0 Btu/lbm, see
para. 9.5.1.1.%(n)
7,457,285 Ibm/hr, see
para. 9.5.1.1.1(m}

(2) Calculations

wy (hy — hg) = wiy (hy = hya) (heat balance)

ws (hs = hy) _ 7,457,285 (1,278.0 ~ 1,240.0)
hy = by 1,255.1 - 525.8

Wih2

388,560 Ibm/hr

9.5.1.1.2 Calculation of Low Pressure Turbine
in Specified Cycle

(a) Check assumed turbine pressure at the low pres-
sure turbine inlet by applying the test steam path pres-
sure/flow relationship for low pressure turbine inlet
to the specified cycle steam flow entering the low
pressure turbine calculated in para. 9.5.1.1.1(m).

(b) Specific volume, v = 3.3439 cu ft/Ibm at 166.4
psia and 1,278.0 Btu/Ibm from steam tables.

w/ / p/v

where
K = 1,055,948.0 (constant), see para. 9.4.7.3
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w=w, = 7,457,285 Ibm/r, see para.
9.5.1.1.1(m)
v = 3.3439 cu ft/lbm
M= 0.0
p = stage pressure, psia
7,457,285/~/p/3.3439 — 1,055,948.0

/1.00 - 0.0
p = 166.8 psia

This value checks the assumed pressure. If the
assumed pressure is not correct within 1% or 1.0
psi, whichever is smaller, iterations using a new
assumed pressure must be made for low pressure
turbine inlet conditions with subsequent repeat cal-
culations until agreement is reached.

Because low pressure turbine inlet pressure need
not be revised, high pressure turbine exhaust pressure
also needs no revision.

Low pressure turbine expansion initial conditions
are presented in the following table:

Low Pressure Turbine

Pressure, psia 166.4 163.1

(166.4 x 0.98)

Used 2% pressure drop
through intercept
valves

Enthalpy, Btu/lbm 1,278.0 1,278.0
Entropy, Btu/lbm°R 1.65507

From test cycle calculations use low pressure
turbine efficiency — dry basis = 90.32% [see opening
section of paras. 9.4.7.2 and 9.4.7.2.1(j)]

(c) Expansion Line Condition From Inlet to No. 3
Heater Extraction Stage. Entering conditions are as
follows:

Steam Path Points

LP Bowl No. 3 Heater
Pressure, psia 163.1 61.09 (assumed)
Enthalpy, Btu/lbm 1,278.0 (hy) h
Entropy, Btu/lbm°R 1.65507
Maisture 0.0

Turbine section efficiency — dry basis = 90.32%
[see paras. 9.4.7.2 and 9.4.7.2.1(j)]

No. 3 heater extraction pressure must be assumed
due to the change in the extraction flow while
maintaining the test turbine pressure/flow relation-
ship. This assumption will be checked in para.
9.5.1.1.2(f).
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h; - h

hi’ - hs

= 1,187.5 Btu/lbm at 61.09 psia and s
1.65507 Btu/lbm°R from the steam tables

Efficiency =
hs

1,278.0 = h,
1,278.0 - 1,187.5

h, = 1,196.3 Btu/lbm

0.9032 =

This value puts extraction point in the superheated
region at 61.09 psia and 1,196.3 Btu/lbm from the
steam tables.

(d) Calculation of No. 3 Heater Extraction Flow
(See Fig. 9.7)

(1) Specified Conditions
Pressure drop from turbine steam path to
heater shell = 5%
Heater terminal temperature difference =
5°F
Drain cooler temperature difference - does
not apply, since there is no drain cooler.
(2) Assumptions (Checked Later)

Turbine steam path pressure = 61.09 psia [first
assumed in para. 9.5.1.1.2(c)]

hews = 1,197.9 Btu/lbm (calculated at assumed
pressure of 61.09 psia from test extraction steam
conditions of 61.03 psia and 1,197.8 Btu/lbm by
drawing expansion line parallel to the turbine section
expansion line).

hsz = 182.8 Btu/lbm [checked in para. 9.5.1.1.2(i)]

Determine ty,; = 285.5°F (and hy; = 255.3 Btu/
Ibm) from terminal temperature difference applied
to the heater saturation temperature as a function
of heater shell pressure (58.036 psia), which was
calculated from turbine steam path pressure (61.09
psia) as assumed, minus the specified pressure drop
to heater. Determine t;; = 290.5°F (and hg; = 259.9
Btu/lbm) from the specified drain cooler temperature
difference applied to the assumed No. 3 heater
water inlet temperature.

= 10,780,670 Ibm/hr

3
i

= 256.9 Btu/Ibm [assumed in para. 9.5.1.1.1(])]

=
=
B

|

Steam supplied to feedwater pump turbine =
125,354 Ibm/hr (Used same as test in this example;
could be revised based on specified feedwater pump
turbine and pump efficiencies if these are supplied
by other than turbine manufacturer)
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wgs = 1,993,313 + 1,580 + 763,716 + 521,834
(3) Calculation of No. 3 Heater Steam Flow

W, = Wi (hgia = hyis) = wgq (hgy = hg3)
’ hy = hgs

10,780,670 (256.9 — 182.8) -
3,280,443 (266.9 — 182.8)

1,197.9 - 182.8
515,183 Ibm/hr

(4) Calculation of No. 3 Heater Extraction Flow

Wex3 = W3 + steam to feedwater pump turbine
515,183 + 125,354
640,537 Ibm/hr

(5) Calculation of Condensate Flow Entering No.
3 Heater

Wiz = Wfia — Wgq — W3
10,780,670 - 3,280,443 - 515,183
6,985,044 Ibm/hr

(e) Calculation of Steam Conditions at No. 3 Heater
Extraction Stage
(1) Known
Pressure = 61.09 psia [assumed in para.
9.5.1.1.2(c)]
w,; = steam path through flow = low
pressure turbine inlet flow =
7,457,285 Ibm/hr
hy = 1,196.2 Btu/lbm,
9.5.1.1.2(c)
W3 = Wen = 640,537 Ibm/hr, see
para. 9.5.1.1.2(d)
hy = hyys = 1,197.9 Btu/lbm [as-
sumed in para. 9.5.1.1.2(d)]
w, = Flow leaving No. 3 extraction
stage
=W - w; = 7,457,285 -
640,537 (mass balance)
= 6,816,748 |lbm/hr

see para.

(2) Calculate Enthalpy and Specific Volume
Leaving No. 3 Heater Extraction Stage [Point (2)]
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wq X hy = wy x hy + wy x h; (heat balance)

W1Xh|—'W3Xh3

h,

W,

7,457,285 x 1,196.3
- 640,537 x 1,197.9

6,816,748
1,196.1 Btu/lbm

Specific volume, v = 7.4301 cu ft/lbm at 61.09
psia and 1,196.1 Btu/lbm from steam tables.

(f) Check assumed turbine steam path pressure at
the No. 3 heater extraction stage [see para.
9.5.1.1.2(c)] by applying the test steam path pressure/
flow relationship for No. 3 heater extraction stage to
the specified cycle steam path flow leaving the No.
3 heater extraction stage calculated in para.
9.5.1.1.2(e).

w/~ p/v _ K
N
where
= 2,367,142.4 (constant), see para. 9.4.7.3
w=w, = 6,816,748 Ibm/r, see para.
9.5.1.1.2(e)
v = 7.4301 cu ft/lbm, see para. 9.5.1.1.2(e)
M = moisture = 0.0 (superheated steam)
p = stage pressure, pSia
6,816,748/~/p/7.4301
P = 2,367,142.4
/1 -0.0
p = 61.62 psia

This value checks the assumed pressure. If the
assumed pressure is not correct within 1% or 1.0
psi, whichever is smaller, iterations using a new
assumed pressure must be made for No. 3 heater
extraction stage entering conditions with subsequent
repeat calculations until agreement is reached.

Because the assumed extraction pressure (same
as test) needs not be revised and the steam conditions
upstream of this extraction zone are superheated,
the assumed extraction enthalpy (same as test) also
needs not to be revised.

(g) Steam Conditions Where Expansion Line
Crosses Saturation Line. Assume 43.51 psia at the
crossing point, which gives h; = 1,168.7 Btu/lbm at
43.51 psia and s = 1.66612 Btu/Ibm°R from steam
tables.
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Turbine section efficiency - dry basis = 90.32%
[same as test, see para. 9.4.7.2 and para. 9.4.7.2(j)]

. h,-h
Efficiency = 2
Y T,
09037 = _1:196.1 = hq

1,196.1 - 1,168.7
h, = 1,171.4 Btu/lbm

This point in the steam tables agrees with the
assumed pressure of 43.51 psia. If agreement had
not been reached, a new pressure would have been
assumed with successive iterations.

(h) Calculation of Expansion Line Condition From
Saturation Line to No. 2 Extraction. Stage entering
conditions are as follows:

Steam Path Points

Saturation Line No. 2 Heater
Pressure, psia 43.51 17.49
(assumed)
Enthalpy, Btu/lbm 1,171.4 (h) h
Entropy, Btu/lbm°R 1.66975

Turbine section efficiency — dry basis = 90.32%
[see para. 9.4.7.2 and para. 9.4.7.2.1(j)]

No. 2 heater extraction pressure must be assumed
due to the change in the extraction flow while
maintaining the test turbine pressure/flow relation-
ship. This assumption will be checked in para.
9.5.1.1.2(k).

hi- h
hf‘_ hs

Efficiency =

h ,104.0 Btu/lbm at 17.49 psia and s

s =1
= 1.66975 Btu/Ibm°R from steam tables

1,171.4 - h,
1,171.4 = 1,104.0

0.9032 =

h, = 1,110.6 Btu/Ibm (dry basis)

This value gives extraction point entering moisture
M, 0.0448 at 17.49 psia and 1,110.6 Btu/lbm
from steam tables.
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(M3 + M;)

Turbine section average moisture = 2

(0.0 + 0.0448)
2

0.0224

where

M, = moisture at saturation line

Correction factor to turbine section efficiency for
average moisture

1.00 - 0.0224
0.9776

Corrected turbine section efficiency (wet basis)

90.32 x 0.9776
88.30%

Il

First iteration to recalculate extraction point enter-
ing enthalpy, using corrected turbine section effi-
ciency (wet basis)

0.8830 = 11714 = hy
1,171.4 — 1,104.0
h, = 1,111.9 Btu/lbm

This value gives extraction point entering moisture
M; = 0.0434 at 15.49 psia and 1,111.9 Btu/lbm
from steam tables.

Successive iterations using M; were made until
resulting moisture differences were less than 0.0001,
which resulted in

hy = 1,111.9 Btu/Ibm

M, = 0.0434
(i) Calculation of No. 2 Heater Extraction Flow (See
Fig. 9.8)
(1) Specified Conditions
Pressure drop from turbine steam path to

heater shell = 5%
Heater terminal temperature difference =
5°F

Drain cooler temperature difference — does
not apply, since there is no drain cooler.
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(2) Assumptions (Checked Later)

Turbine steam path pressure 17.49 psia
[assumed first in para. 9.5.1.1.2(h)]

By = 1,069.3 Btu/lbm

he, = 110.5 Btu/lbm

(3) Calculation of No. 2 Heater Extraction Flow

w _ Wi {hﬁa - hcrz)
ext2 —
hexlz - hc:’Z

6,985,044 (182.8 - 110.5)
1,069.3 - 110.5

526,720 Ibm/hr

(4) Calculation of Condensate Flow Leaving No.
2 Heater

Weo2 = Wiz — W
where
Wih = Wexn
Wey = 6,985,044 — 526,720

6,458,324 |bm/hr

Determine t.,, = 213.3°F (and h.,, = 182.5 Btu/
Ibm) from terminal temperature difference applied
to the heater saturation temperature as a function
of heater shell pressure (16.62 psia), which was
calculated from turbine steam path pressure (17.49
psia) as initially assumed in para. 9.5.1.1.2(h), minus
the specified pressure drop to heater.

Check hg;, which was assumed in No. 3 heater
calculation [see para. 9.5.1.1.2(d)] by heat balance
at pumped ahead drain/condensate mix point.

— (Wcoz X hcozl + [Wdz X hdz}

h¢is

Wii3
(6,458,324 x 182.5) + (526,720 x 186.5)
6,985,044
182.8 Btu/Ibm

This checks with the assumed enthalpy. If the
assumed enthalpy were not correct, iteration on a
new assumption would be required for No. 3 heater
with subsequent repeat calculations until agreement
is reached.

(j) Calculation of Steam Conditions at No. 2 Heater
Extraction Stage (See Fig. 9.14)

(1) Known
Pressure = 17.49 psia [assumed in para.
9.5.1.1.2(h)]
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w, = 6,816,748 |bm/hr (steam path
through flow), see para.
9.5.1.1.2(e)

hy = 1,111.9 Btu/lbm, see para.
9.5.1.1.2(h)

W3 = Wep = 526,720 lbm/hr, see
para. 9.5.1.1.2(i)

E, = 8.55% (from test cycle}, see
para. 9.4.7.2.1(d)

hs = 1,153.8 Btu/lbm (saturated
steam at 17.49 psia)

h,; = 189.1 Btu/Ibm (saturated water

at 17.49 psia)

(2) Calculation of Moisture Leaving No. 2 Heater
Extraction Stage [Point (2)]

£, = M-M
M,
0.0855 = M
0.0434
M; = 0.0397

(3) Calculation of Flow Leaving No. 2 Heater
Extraction Stage [Point (2)]

w; — w3 (mass balance)
6,816,748 - 526,720
= 6,290,028 Ibm/hr

w3

(4) Calculation of Enthalpy of No. 2 Heater Ex-
traction

W, = w; X M,

= 6,290,028 x 0.0397

= 249,714 |Ibm/hr (moisture)
Wy = Wy X M,

= 6,816,748 x 0.0434

= 295,847 Ibm/hr (moisture)
Wys = W, — W,

= 295,847 - 249,714

= 46,133 Ibm/hr (moisture)
W3 = Wy + W, (mass balance)

526,720 = w,; + 46,133

wg = 480,587 Ibm/hr
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wiy X h3 = (WS3 x h53] + {Ww3 X hw3]

(480,587 x 1,153.8)
+ (46,133 x 189.1)

526,720
1,069.3 Btu/lbm

h3=

hs

This value agrees within 0.1 Btu/lbm with the
assumed enthalpy in the extraction line at heater
[hexr, in para. 9.5.1.1.2(h)]. If agreement had not
resulted, a new h,,; would have been assumed with
successive iterations until agreement was reached.

(k) Calculation of Enthalpy and Specific Volume
Leaving No. 2 Heater Extraction Stage [Point (2)]

w; x h; = (w3 x h3) + (w; x hy) (energy balance)

(6,816,748 x 1,111.9)
- (525,720 x 1,069.3)

6,290,028
1,115.5 Btu/lbm

h2=

This enthalpy agrees with the enthalpy from the
steam tables using p, and M,.

Specific volume, v = 21.8692 cu ft/lbm at 17.49
psia 1,115.5 Btu/lbm from steam tables.

(I) Check assumed turbine steam path pressure at
the No. 2 heater extraction stage [see para.
9.5.1.1.2(h)] by applying the test steam path pressure/
flow relationship for No. 2 heater extraction stage to
the specified cycle steam path flow leaving the No. 2
heater extraction stage calculated in para. 9.5.1.1.2(i).

w/~\p/v

—_— = K

NT-M

where

K = 7,154,879.5 (constant), see para. 9.4.7.3

w = w, = 6,290,028 lbm/hr, see para. 9.5.1.1.2(i)
v = 21.8692 cu ft/lbm, see para. 9.5.1.1.2(k)

M = 0.0397, see para. 9.5.1.1.2(j)

p = stage pressure, psia

6,290,028/~/p/21.8692

/1 - 0.0397

= 7,154,879.5

p = 17.60 psia

This value checks the assumed pressure. If the
assumed pressure was not correct within 1% or 1
psi (whichever is smaller), iterations using a new
assumed pressure must be made for No. 2 heater
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extraction stage entering conditions [see para.
9.5.1.1.2(h)] with subsequent repeat calculations un-
til agreement is reached.

(m) Calculation of Expansion Line Conditions From
No. 2 Heater Extraction Stage. Leaving conditions to
No. 1 heater extraction stage entering conditions are
as follows:

Steam Path Points
No. 2 Heater Stage No. 1 Heater Stage

Pressure, psia 17.49 3.55 (assumed)
Enthalpy, Btu/lbm 1,115.5 (h) h

Entropy, Btu/lbm°R 1.68653

Moisture 0.0397

Turbine section efficiency — dry basis = 90.32%
[see paras. 9.4.7.2 and 9.4.7.2(j)]

No. 1 heater extraction stage pressure must be
assumed due to the change in the extraction flow
while maintaining the test turbine pressure/flow rela-
tionship. This assumption will be checked in para.

9.5.1.1.2(q).

hi - by

Efficiency = h_h
i s

where h; = 1,012.3 Btw/lbm at 3.55 psia and s
1.68653 Btu/lbm°R from steam tables

1,115.5 - h,
1,115.5 - 1,012.3

0.9032 =

hy = 1,022.3 Btu/Ibm (dry basis)

This value gives extraction point entering moisture

M; = 0.1021 at 3.55 psia and 1,022.3 Btu/lbm
from steam tables.
[MZ + M-l)
2

where

M, = No. 2 heater stage leaving moisture
[para. 9.5.1.1.2()]

(0.0397 + 0.1021)
2

Turbine section average moisture

0.0709

Correction factor to turbine section efficiency for
average moisture
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= 1.00 - 0.0709
= 0.9291

Corrected turbine section efficiency (wet basis)

= 90.32 x 0.9291
= 83.92%

First iteration to recalculate extraction point enter-
ing enthalpy, using corrected turbine section effi-
ciency (wet basis)

1,115.5 - h,
1,115.5 - 1,012.3

hy = 1,028.9 Btu/lbm

0.8392 =

This value gives extraction point entering moisture
M, = 0.0955 at 3.55 psia and 1,028.9 Btu/lbm
from steam tables.

Successive iterations using M; were made until
resulting moisture differences were less than 0.0001,
which resulted in

h, = 1,028.6 Btu/Ibm
M, = 0.0958

(n) Calculation of No. 1 Heater Extraction Flow
(See Fig. 9.9)
(1) Specified Conditions

Pressure drop from turbine steam path to
heater shell = 5%

Heater terminal temperature difference =
5°F

Drain cooler temperature difference = 10°F

(2) Assumptions (Checked Later)

Turbine steam path pressure = 3.55 psia [as-
sumed first in para. 9.5.1.1.2(m)]

hexn = 737.5 Btu/lbm

t.n = 87.5°F (used same as test for this exam-
ple; could be revised based on specified cycle
heat input to condensate outlet from con-
denser at saturation temperature correspond-
ing to test back pressure)

h.1 = 56.7 Btu/lbm

(3) Determine t.,; = 141.1°F (and h.,; = 110.5
Btu/Ibm) from the specified terminal temperature dif-
ference applied to the heater saturation temperature
as a function of heater shell pressure (3.37 psia), which
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was calculated from turbine steam path pressure (3.55
psia) as initially assumed in para. 9.5.1.1.2(m), minus
the specified pressure drop to heater. Determine ty
= 97.5°F (and hy = 65.6 Btu/Ibm) from the specified
drain cooler temperature difference applied to the No.
1 heater water inlet temperature.

(4) Calculate No. 1 Heater Extraction Flow

Weor (hcol - hcr’l} - WJs_s (hss - hd‘l}

Wext =
hexn - hdl

where
Weor = Weop = 6,458,324 Ibm/hr

3,661 Ibm/hr (from test)
hg = 1,218.7 Btu/lbm (from test)

=
Il

6,458,324 (110.5 - 56.7)
- 3,661 (1,218.7 — 65.6)

737.5 - 65.6
510,844 lbm/hr

Wextl

(o) Calculation of Steam Conditions at No. 1 Heater
Extraction Stage (See Fig. 9.15)
(1) Known

Pressure = 3.55 psia [assumed in para.

9.5.1.1.2(m)]

w; = 6,290,028 lbm/hr [w, from
(9.5.1.1.2(j))

M; = 0.0958, see para. 9.5.1.1.2(m)

W3 = Wepn = 510,844 lbm/hr, see
para. 9.5.1.1.2(n)

Ey = 26.67% [from test cycle, para.
9.4.7.2.1(i)]

hs; = 1,125.3 Btu/lbm (saturated

steam at 3.55 psia)
h,; = 116.1 Btu/Ibm (saturated water
at 3.55 psia)

(2) Calculation of Moisture Leaving No. 1 Heater
Extraction Stage [Point (2)]

£, = M, - M,
M,
0.2667 = M
0.0958
M, = 0.0703
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(3) Calculation of Flow Leaving No. 1 Heater
Extraction Stage [Point (2)]
w; — wj (mass balance)
6,290,028 - 510,844
5,779,184 lbm/hr

w,

(4) Calculation of Enthalpy of No. 1 Heater Ex-
traction

wy X M,

5,779,184 x 0.0703
406,277 Ibm/hr (moisture)
w, x M,

6,290,028 x 0.0958
602,585 Ibm/hr (moisture)

w - Wy

602,585 - 406,277
196,308 Ibm/hr (moisture)

w3 wl

= w, + w,z(mass balance)
510,844 = w, + 196,308
w,; = 314,536 Ibm/hr (steam)

wy X hy = (wg X hg) + (w,,;
x h,;) (heat balance)

(314,536 x 1,125.3) + (196,308 x 116.1)
510,844

737.5 Btu/Ilbm

hs

'h3

This value agrees within 0.2 Btu/lbm with the
assumed enthalpy in the extraction line of the heater
[hexn in para. 9.5.1.1.2(n)]. If agreement had not
resulted, a new h,,,; would have been assumed with
successive iterations until agreement was reached.

(p) Calculation of Enthalpy and Specific Volume
Leaving No. 1 Heater Extraction Stage [Point (2)]

wy x hy = (w3 x h3) + (w; x h;) (energy balance)
hy = (6,290,028 x 1,028.6) — (510,844 x 737.5)
: 5,779,184
h, = 1,054.4 Btu/lbm
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Specific volume, v = 94.2505 cu ft/lbm at 3.55
psia and 1,054.4 Btu/lbm from steam tables.

(g) Check assumed turbine steam path pressure at
the No. 1 heater extraction stage [see para.
9.5.1.1.2(m)] by applying the test steam path pressure/
flow relationship for No. 1 heater extraction stage to
the specified cycle steam path flow leaving the No.
1 heater extraction stage calculated in para.
9.5.1.1.2(0).

w/Ap/v 3
N =y
where
K = 30,884,393.6 (constant), see para. 9.4.7.3
w=w, = 5,779,184 Ibm/hr, see para.
9.5.1.1.2(0)
v = 94.2505 cu ft/lbm, see para. 9.5.1.1.2(p)
M, = 0.0703, see para. 9.5.1.1.2(0)
p = stage pressure, psia
5,779,184/~/p/94.2505
& = 30,884,393.6
/1 - 0.0703
p = 3.55 psia

This value checks the assumed pressure. If the
assumed pressure is not correct within 1% or 1 psi
(whichever is smaller), iterations using a new as-
sumed pressure must be made for No. 1 heater
extraction stage entering conditions [see para.
9.5.1.1.2(m)] with subsequent repeat calculations
until agreement is reached.

It should be noted that iterations may be required
on higher pressure heaters after calculating the lower
pressure heaters if the interfacing conditions between
heaters change as a result of lower pressure heater
calculations.

(r) Calculation of Expansion Line From No. 1
Heater Extraction Stage Leaving Conditions to ELEP
at Test Low Pressure Turbine Exhaust Pressure of 1.17
in. Hg Absolute

Steam Path Points
No. 1 Heater Stage ELEP

3.54

0.575
(1.17 in. Hg absolute)
hy

Pressure, psia

Enthalpy, Btu/lbm
Entropy, Btu/lbm°R

1,054.4 (k)
1.7557

Turbine section efficiency — dry basis = 90.32%

[see para. 9.4.7.2 and para. 9.4.7.2.1(j)]
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hi_ho
hi-hs

Efficiency =

where
hy = 951.7 Btu/lbm at 3.55 psia and s
Btu/Ibm°R from steam tables

1.7557

0.9032 — 1:054.4 = ho
1,054.4 - 951.67
h, = 961.6 Btu/Ibm (dry basis)

This value gives low pressure turbine exhaust
moisture M; = 0.1305 at 1.17 in. Hg absolute and
961.6 Btu/lbm from steam tables.

[MZ + M])
2

where

M, = No. 1 heater stage leaving moisture,
see para. 9.5.1.1.2(0)

(0.0703 + 0.1305)

Turbine section average moisture >

i

0.1004

Correction factor to turbine section efficiency for
average moisture

1.00 - 0.1004
0.8996

Corrected turbine section efficiency (wet basis)

90.32 x 0.8996
81.25%

First iteration to recalculate ELEP enthalpy, using
corrected turbine section efficiency (wet basis)

1,054.4 — h,
1,054.4 — 951.67

0.8125 =

h, = 970.9 Btu/lbm

This value gives ELEP moisture of M, = 0.1216
at 1.17 in. Hg absolute and 970.9 Btu/lbm from
steam tables.

Successive iterations using M; were made until
resulting moisture differences were less than 0.0001,
which resulted in:
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Mo = 0.1220
h, = 970.53 Btu/Ibm

(s) Calculation of the Low Pressure Turbine End
Point (TEP) Based on the ELEP and the Exhaust Loss

Expansion-line end point 970.53 Btu/lbm

Exhaust pressure 1.17 in. Hg abs
Moisture 0.1220
Specific volume, v = 562.47 493.85 ft*/lbm
(1.0 - 0.1220)
Annulus area per end, A 105.7 fi2
Annulus velocity per end
1w 1 5779184x49385 o0l
6 3600A 6 3600 x 105.7
Dry exhaust loss (from manufacturer’s 41.0 Btu/lbm
curve)

Actual exhaust loss
= (Dry exhaust loss) (0.87) (1 = M) (1 - 0.65M)
=41.0x0.87 x (1 - 0.1220) x (1 - 0.65 x 0.1220)
= 28.83 Btu/lbm
Low pressure turbine end point (TEP)
= 970.53 + 28.83
= 999.36 Btu/lbm

(t) Calculation of Generator Load by Heat Balance
Around the Turbine-Generator. Refer to Table 9.3.

(u) Calculation of Test Heat Rate Corrected for
Group 1 Corrections (Test Turbine Operating in the
Specified Cycle)

W1h| - thz

Heat rate =
Generator Output
where
w; = total steam flow to turbine, Ibm/hr
h; = enthalpy of steam supplied to turbine,
Btu/lbm
w, = feedwater flow leaving No. 6 heater, Ibm/hr
h, = enthalpy of feedwater leaving No. 6 heater,
Btu/lbm
10,779,670 x 1,255.1 - 10,780,670 x 439.8
Heat rate =

919,744

= 9,555.1 Btu/kWhr (10,081.2 kJ/kWh)

9.5.1.1.3 Calculation of Test Cycle Correction
Factor. The test cycle uncorrected heat rate was
calculated in para. 9.10 of the sample calculation.
The test heat rate was 9,544.9 Btu/kWhr (10,070.4
k)/kWh) at an uncorrected load of 919,223 kw.
Thus the cycle correction factor is the ratio of 9,555.1
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TABLE 9.3
CALCULATION OF GENERATOR LOAD BY HEAT BALANCE AROUND THE TURBINE-GENERATOR
Flow, Enthalpy, Heat,
Parameter Ibm/hr Btu/lbm Btu/hr
Heat In
Main steam 10,779,670 1,255.1 13,529,563,817
Total heat in 13,529,563,817
Heat Out
Control valve leakoff (high pressure) 1,580 1,255.1 1,983,058
Control valve leakoff (low pressure) 480 1,255.1 602,448
Extraction to No. 6 heater 636,084 1,220.4 776,276,914
High pressure shaft packing leakoff 1,834 1,139.4 2,089,660
Extraction to No. 5 heater 537,961 1,182.5 636,138,883
High pressure shaft packing leakoff 19,766 1,139.4 22,521,380
Extraction to No. 4 heater 763,716 1,097.8 838,407,425
High pressure shaft packing leakoff 19,862 1,139.4 22,630,763
Moisture separator drains to No. 4 heater 521,834 3429 178,936,879
First stage reheater drains to No. 6 heater 430,708 443.0 190,803,644
Second stage reheater drains to No. 6 heater 388,560 525.8 204,304,848
Extraction to No. 3 heater 515,183 1,197.9 617,137,716
Steam to feedwater pump turbine 125,354 1,197.9 150,161,557
Extraction to No. 2 heater 526,720 1,069.3 563,221,696
Extraction to No. 1 heater 510,844 737.5 376,747,450
Exhaust steam to condenser 5,779,184 999.36 5,775,485,322
Total Heat Out 10,357,449,460
GENERAL NOTES:
Net heat = heat in - heat out = 13,529,563,817 — 10,357,449,460 = 3,172,114,357 Btu/hr
Input to generator = 3172,114,357 _ 929,655 kW
3,412.14
Minus generator electrical losses -7,100 kW
Minus generator mechanical losses -2,811 kW
Generator output 919,744 kW
at 0.99 power factor and minimum H, pressure.
to 9,544.9, or 1.0010. This number represents the ps X v,
magnitude of the effect of the test cycle as corrected Ws = W PLX V.
on heat rate, e
9.5.2 Group 2 Corrections. Group 2 corrections,
described in para. 5.8.3 of the Code and outlined where
in paras. 5.12.1, 5.12.2, and 5.12.3, cover the effect
of deviations from specified initial steam conditions w, = throttle steam flow corrected to specified
and absolute exhaust pressure and are determined pressure and temperature, Ibm/hr
from correction curves supplied by the turbine manu- w, = test throttle steam flow, Ibm/hr
facturer (see Figs. 9.6 through 9.9 and Table 9.4). ps = specified throttle pressure, psia
The throttle steam flow to the turbine was cor- p: = test throttle pressure, psia
rected to the specified pressure and temperature as v, = test throttle specific volume, cu ft/lbm
specified in para. 5.4.2 of the Code. v, = specified throttle specific volume, cu ft/lbm
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TABLE 9.4
GROUP 2 CORRECTION FACTORS (USING MANUFACTURER’S CORRECTION CURVES)
Heat Rate Load
Percent Correction Percent Correction
Change Change Divisor Change Divisor

Throttle pressure (Fig. 9.20)

Measured 907.1 psia +7.1 -0.05 0.9995 +0.11 1.0011

Specified 900.0 psia 0.79%
Throttle temperature (Fig. 9.21)

Measured 594.3°F +19.3 -0.40 0.9960 +0.58 1.0058

Specified 575.0°F
Exhaust pressure (Fig. 9.22)

Measured 1.17 in. Hga +0.17 +0.08 1.0008 -0.08 0.9992

Specified 1.00 in, Hga
Combined divisor 0.9963 1.0061

10,779,670 900.0 x 0.5748
907.1 x 0.5458

10,779,670(1.022)
11,016,823 Ibm/hr (4,998,582 kg/h)

I

The factors listed in the table permit correcting
the test heat rate and load to specified conditions.
Correction factors are defined as 1 + (% change)/
100. These factors will be used as divisors when
correcting from test to specified for Group 2 correc-
tions.

9.5.3 Calculation of Corrected Heat Rate and Load

9,555.1
0.9963

9,591 Btu/kWhr

Corrected heat rate

919,744
1.0061

= 914,168 kW

Corrected load =
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According to para. 3.13.2 of the Code, test results
may be compared with the specified performance
by reading the difference between two locus curves,
one drawn through the specified performance points
and the other through the test points. The difference
is determined at the specified load point.

The specified heat rate curve is shown on Fig.
9.1. At the specified load point of 899,910 kW, the
specified heat rate is found from this figure to be
9,610 Btu/kWhr. Also shown is the corrected test
heat rate of 9,591 Btu/kWhr at the corrected load
of 914,168 kW as determined from the preceding
calculations. Because this is the only test point
available, a curve is drawn through the test point
parallel to the specified curve from which a heat
rate of 9,596 Btu/kWhr is read for the specified
load. For this example, the turbine was 15 Btu/
kWhr better than expected at 899,910 kW.

(9,596 — 9,610)

9,610
- 0.15%

percent change = x 100

The corrected test performance is 0.15% better
than the specified turbine performance.
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SECTION 10 — SAMPLE CALCULATION FOR A TEST OF
AN AUTOMATIC EXTRACTION NONCONDENSING
TURBINE

10.1 DESCRIPTION OF UNIT

The unit tested is a 3600 rpm, 40,000 kW non-
condensing turbine with provision for automatic
extraction at 160 psig. Exhaust steam at 20 psig is
fed into a process steam line for industrial use.
Specified throttle steam conditions are 1,250 psig,
900°F. Expected performance is shown in Fig. 10.1.
The generator is rated at 51,200 kVA with an 0.85
power factor and 30 psig hydrogen pressure. The
turbine is equipped with seven steam leakoffs that
direct high pressure leakoff steam to lower pressure
stages and low pressure leakage steam to a spray
chamber. Refer to Fig. 10.2 for the leakoff ar-
rangement.

10.2 DESCRIPTION OF TEST
INSTRUMENTATION

Location of test instrumentation is shown in Fig.
10.3. Throttle and automatic extraction pressures
are measured with absolute pressure transducers.
Throttle steam temperature is measured using cali-
brated thermocouples. The turbine exhaust pressure
is measured with absolute pressure transducers.
Steam flow to the turbine throttle and the automatic
extraction flow, downstream of the throttle valve
steam leakoff re-entry, are measured using calibrated
test throat-tap nozzle flow sections. Generator output
is determined by the three-wattmeter method. Leakoff
flows for calculating the exhaust flow, required for
entry into the turbine back pressure correction curve,
are established from design data. (Refer to Fig. 10.2.)
The station hydrogen pressure gage is used to estab-
lish the hydrogen pressure correction. Pre- and post-
test uncertainty analysis procedures and details are
reviewed by all the parties of the test. The automatic
extraction flow is a significant percentage of the
throttle flow. Paragraph 4.16.1 of the Code states
that the requirements of paras. 4.8.4 to 4.12.6 must
be satisfied to achieve the extraction flow measure-
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ment accuracy required to reduce the extraction
flow uncertainty effect on the overall power. The
referenced paragraphs require a throat-tap nozzle
measuring water flow, not steam flow; therefore,
this test cannot be considered a Code test. This
example is included in this Appendix to demonstrate
the calculation method.

10.3 SUMMARY OF TEST DATA

All readings are corrected for instrument calibra-
tion and water legs where applicable.

Throttle steam pressure 1,270.4 psia
Throttle steam temperature 896.8°F
Throttle steam flow 636,212 lbm/hr
Extraction pressure 175.8 psia
Extraction steam flow 395,562 Ibm/hr
Exhaust pressure 34.16 psia
Generator output 39,133 kW
Generator hydrogen pressure 28.5 psig
Generator power factor 0.91
Barometric pressure 14.7 psi

10.4 CALCULATION OF TURBINE
PERFORMANCE

10.4.1 The test generator output is corrected for
deviations from the specified values of power factor
and hydrogen pressure using the generator loss curve,
Fig. 10.4.

Variable kw

Measured generator output 39,133
Losses for 0.91 power factor rather

than the specified 0.85 770
Correction for the test hydrogen pres-

sure being 28.5 psig rather than the

specified 30 psig -4
Total generator losses, test conditions T 766
Losses with specified power factor and

hydrogen pressure 800
Generator output corrected to speci-

fied power factor and hydrogen pres-

sure 39,133 + (766 ~ 800) 39,099
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40,000 kW Turbine-Generator
1,250 psig, 900°F, 20 psig
Automatic Extraction at 160 psig
660

T T
Maximum throttle flow /
620 /’

580

540

500

460

420

Throttle Flow, 1,000 lbm/hr

380

300

260

220
16 20 24 28 32 36 40

Generator Output, 1,000 kW

FIG. 10.1 EXPECTED PERFORMANCE
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ASME PTC 6A-2000
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Generator Qutput, kW

GENERAL NOTE: Curves are for 30 psig hydrogen pressure. For other hydrogen
pressures, correct curve at rate of 2.44 kW/psi.

FIG. 10.4 GENERATOR LOSSES

10.4.2 The turbine exhaust flow is determined for
entry into the exhaust pressure correction curve. A
flow balance around the turbine is made using
design values from Fig. 10.2 for the leakoff flows
leaving the turbine.

Rate,
Variable Ibm/hr

Flow to turbine throttle 636,212
High pressure valve stem leakoff flow to the

spray chamber (leak point 2) 300
Extraction valve stem leakoff flow to the

spray chamber (leak point 1) 100
High pressure end packing leakoff flow to

the spray chamber (leak point 4) 263
High pressure end packing leakoff to the 15

psig steam line {leak point 5) 250
Automatic extraction flow 395,562

Flow to turbine exhaust

636,212 - (300 + 100 + 263 + 250 + 395,562)
= 239,737 lbm/hr
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10.4.3 Corrections for the test steam conditions
deviating from the specified conditions are made
on a AkW basis using the correction given in Fig.
10.5. To correct from the test steam conditions to
the specified steam conditions, the signs for the
AKkW as read from the curves in Fig. 10.5 are
reversed.

Correction,
Variable Test AkW
Throttle pressure 1,255.7 psig -45
Throttle temperature 896.8°F +110
Automatic extraction pressure 161.1 psig +55
Exhaust pressure 19.46 psig -60

10.4.4 The generator output, corrected to specified
steam and generator conditions, with 636,212 |bm/
hr throttle flow and 395,562 Ibm/hr extraction flow
becomes

39,099 kW + (-45 + 110 + 55 = 60)
= 39,159 kW
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10.4.5 The corrected output is next compared to
the expected output on Fig. 10.1 at the same throttle
and extraction flows. Figure 10.1 shows an output
of 39,000 kW with 636,212 Ibm/hr flow to throttle
and 395,562 Ibm/hr extraction flow. The corrected
test performance is, therefore, 0.4% better than ex-
pected.

(39,159 - 39,000)
39,000

x 100 = 0.4%
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SECTION 11 — SAMPLE CALCULATION FOR A TEST OF
AN AUTOMATIC EXTRACTION CONDENSING TURBINE

11.1 DESCRIPTION OF UNIT

The unit tested is a single case 3600 rpm, 56,100
kW condensing steam turbine with provisions for
automatic extraction at 170 psig. The generator is
rated at 66,000 kVA, with 0.85 power factor. Steam
is provided by three coal-fired boilers. Specified
steam conditions at the turbine throttle are 1,500
psig, 950°F. Extraction steam at 170 psig is used
to generate high pressure, high-temperature water
for a district heating system. Condensate from these
hot water generators is returned to the condenser
hotwell. The specified exhaust pressure is 2.5 in.
Hg absolute. An evacuator prevents steam from
blowing out of the shaft end seals to atmosphere,
and a gland seal condenser recovers the heat from
this steam. The condensed gland seal steam is di-
rected to the condenser hotwell and is included in
the condensate nozzle flow. Steam from inner pres-
sure gland seals and lower valve stem leakoffs is
directed to lower stages of the turbine. Upper valve
stem leakoffs vent to atmosphere. Expected perform-
ance at the rated operating conditions is on a locus-
of-valve-points basis as shown in Fig. 11.1.

11.2 DESCRIPTION OF TEST
INSTRUMENTATION

Location of test instrumentation is shown in Fig.
11.2. Throttle steam pressure, automatic extraction
pressure, and exhaust pressure are measured using
calibrated absolute pressure transducers. The exhaust
pressure transducer is connected to six basket tip
sensors located at the turbine exhaust flange. The
throttle steam temperature is measured using cali-
brated thermocouples. Generator output is deter-
mined by one 2/, element polyphase wattmeter.
Steam flow to the turbine is established by measuring
the condensate flow from the condenser using a
throat-tap flow nozzle. Some may prefer to use an
orifice run to measure condensate flow for this
application, even though this practice does not con-
form to the provisions of para. 4.8 in PTC 6. The
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use of this device, based on the values in Group
1A in Table 4.10 of PTC 6R, increases the uncertainty
of the test results. The measured flow is adjusted
for the amount of gland leakage from the hotwell
pump, storage change in the condenser hotwell,
and steam leakage from governor valve stems. Manu-
facturer’s calculated values of valve stem leakage
flow vented to atmosphere are used in determining
the exhaust flow. The condenser is checked for
leakage and found to be tight.

Automatic extraction steam flow is measured using
a calibrated test throat-tap nozzle flow section or
orifice run. The automatic extraction flow is a sig-
nificant percentage of the throttle flow. Paragraph
4.16.1 of the Code states the requirements of paras.
4.8.4 to 4.12.6 must be satisfied to achieve the
extraction flow measurement accuracy required to
reduce the extraction flow uncertainty effect on the
overall power. This example is included in this
Appendix to demonstrate the calculation method.

11.3 SUMMARY OF TEST DATA

All readings are corrected for instrument calibra-
tion and water legs, where applicable.
Throttle steam pressure 1,451.4 psia
Throttle steam temperature 953.3°F
Condensate flow 527,725 lbm/hr
Automatic extraction pressure 183.2 psia
Extraction steam flow 256,740 lbm/hr
Exhaust pressure 1.24 psia
Generator output 52,618 kw
Generator power factor 0.87
Decrease in condenser hotwell storage 162 |bm/hr
Condensate pump gland leakage 32 Ibm/hr
Barometric pressure 30.53 in. Hg

11.4 CALCULATION OF TURBINE
PERFORMANCE

11.4.1 The corrected turbine inlet flow is estab-
lished from the condensate nozzle flow with com-
pensation for losses or gains between the point of
measurement and the turbine throttle,
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56,100 kWTurbine-Generator
1,500 psig, 950°F, 2.5 in. Hg Absolute
Controlled Extraction at 170 psig

600 _
Maximum t}!rott]e flow

500
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]
E
2
o
g
'é- 300 |-
[r=
]
£ 200

100 - . ‘_ ‘ S ‘, ............................

0 10 20 30 40 50 60
Generator Output, 1,000 kW
FIG. 11.1 EXPECTED PERFORMANCE
Variable Rate, lbm/hr 11.4.3 The turbine exhaust flow is required to

Flow measured by flow nozzle 527,725 ~ determine the exhaust pressure correction factor from

Change in hotwell storage -162 the curve, Fig. 11.4. To determine this flow, a

C?nhdensate pum|[:: gland I.‘[_'ak:g; ] +32 flow balance around the turbine is made using

High pressure valve stem leakoff flow +68 manufacturer’s values for leakoff flow rates leaving

Extraction valve stem leakoff flow +48 . . .

Comected turbine inlet flow 527717 the turbine. See Fig. 11.2 for location of leakoffs.
11.4.2 The test generator output is corrected for Variable Rate, Ibm/hr
de_wallons from the specified va[u_e of power facltor Stearn flow to turbine throttle 527,711
using the generator loss curve, Fig. 11.3, supplied High pressure valve stem leak-
with the turbine performance data. off flow to roof 68

Extraction valve stem leakage
flow to roof 48
. High pressure gland leakage to
Variable Rate, kW gland seal condenser 240

Measured generator output 52,618 Low pressure gland leakage to

Losses for 0.87 power factor 1,165 gland seal condenser 220

Losses with specified 0.85 1,185 Automatic extraction flow 256,740

power factor Flow to turbine exhaust

Generator output corrected to specified conditions: 527,711 - (68 + 48 + 240 +

52,618 + (1,165 — 1,185) = 52,598 kW 220 + 256,740) = 270,395
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FIG. 11.3 GENERATOR ELECTRICAL LOSSES

11.4.4 Corrections for the test steam conditions
deviating from the specified steam conditions are
made on a AkW basis using the correction curves
given in Figs. 11.4 through 11.7. To correct from
the test steam conditions to the specified steam
conditions, the signs for the AKW as read from Figs.
11.4 through 11.7 must reverse.

Correction
Variable Test Akw
Throttle pressure 1,436.7 psig +115
Throttle temperature 953.3°F -125
Automatic extraction pressure 168.5 psig -42
Exhaust pressure 2.52 in. HgA +80
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The generator output corrected to specific steam
and generator conditions and with 527,711 Ibm/hr
throttle flow and 256,740 Ibm/hr extraction flow
becomes

52,598 + {115 — 125 — 42 + 80) = 52,626 kW

11.4.5 The corrected output is next compared to
the expected output on Fig. 11.1 at the test throttle
and extraction flows. Fig. 11.1 shows an output of
52,500 kW with 527,711 Ibm/hr to throttle and
256,740 Ibm/hr extraction flow. The corrected test
performance is therefore 0.24% better than expected.

52,626 ~ 52,500
52,500

x 100 = 0.24%
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FIG. 11.6 THROTTLE TEMPERATURE CORRECTION
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SECTION 12 — SAMPLE CALCULATION FOR A TEST OF
A VARIABLE SPEED MECHANICAL DRIVE TURBINE

12.1 DESCRIPTION OF UNIT

The unit tested is a condensing turbine coupled
to a centrifugal compressor. The design steam condi-
tions are 1,500 psig, 900°F and exhausting at 4.00
in. Hga. The rated output is 50,000 hp at 4,200
rpm with a throttle flow of 299,000 lbm/hr. These
conditions yield a steam rate of 5.980 lbm/hp-hr.
Figure 12.1 indicates that main condensate is
pumped through the steam jet air ejector condenser.
The main condensate then passes through the re-
maining part of the plant cycle, which is of no
importance in obtaining the performance of this
turbine. Condensate from the steam jet air ejector
condenser is routed to the main condenser. Specified
performance at the specified steam and operating
conditions is on a locus-of-valve-point basis as
shown in Fig. 12.2.

12.2 DESCRIPTION OF TEST
INSTRUMENTATION

Location of test instrumentation is shown in Fig.
12.1. This instrumentation arrangement is typical for
a variable speed mechanical drive turbine test when
the feedwater, boiler, and steam supply arrangement
is not conducive to cycle isolation. Condensate
flow from the main condenser is measured from a
calibrated throat-tap nozzle in a flow section located
at the outlet of the steam jet air ejector condenser.
Throat-tap nozzle differential pressure is read from
an absolute differential pressure transducer across
each of two sets of taps. Condensate flow from the
gland condenser is weighed using a bucket, weigh
scale, and a stopwatch. Steam flow to the steam
jet air ejector is measured with a calibrated orifice
meter and a differential pressure transducer across
the set of taps. The hotwell level is measured with
a linear scale readable to /3 in. Condensate pump
gland leakage is measured with a bucket, weigh
scale, and stop watch. Throttle and exhaust pressures
are measured using calibrated absolute pressure
transducers. Throttle temperature is measured with
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calibrated iron-constantan thermocouples with con-
tinuous wires and integral cold junctions, utilizing
a precision potentiometer of the 0.03% accuracy
class. Turbine shaft speed is determined by an elec-
tronic-integrating counter. The electronic-integrating
counter interfaces with a data logger that provides
a table of time versus turbine rotations per minute.

Power output is measured as the amount required
by the driven machine. Since the driven machine
is a compressor, the power is determined by the
requirements of PTC 10-1997, Compressors and Ex-
hausters. That code suggests the use of a torque
meter to measure the torque at the coupling. The
torsion member has a readable sensitivity of 0.25%
and a maximum uncertainty of =0.50% at the speed
and load prevailing during the test. Agreement is
reached prior to test on any deviation from rated
power.

NOTE: The maximum deviation from rated speed allowed by
the PTC 6 Code is 5%. However, PTC 10-1997, in Table 3.1
allows only a 2% deviation from rated speed. Therefore, when
the turbine and driven equipment are tested simultaneously,
allowable speed deviation for both machines will be governed
by stricter code,

12.3 SUMMARY OF TEST DATA

All readings are corrected for instrument calibra-
tion and water legs, where applicable.

Throttle steam pressure 1,530.0 psig
Throttle steam temperature 890°F
Condensate flow 289,000 Ibm/hr
Gland condenser drain flow 500 Ibm/hr
Steam jet air ejector motive steam 300 Ibm/hr
Exhaust pressure 4.10 in. Hga.
Driven machine computed power input 48,477 hp
Turbine speed 4,150 rpm
Barometric pressure 14.60 psia
Number of control valves wide open 3

Decrease in condenser hotwell storage 50 lbm/hr
Condensate pump gland leakage 60 Ibm/hr
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FIG. 12.2 THROTTLE STEAM RATE VERSUS TURBINE SHAFT OUTPUT
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TABLE 12.1
CORRECTION DIVISORS FOR THE TEST STEAM CONDITIONS

Figure Percent Change in
Parameter Number Test Steam Rate Correction Divisor
Turbine inlet pressure, psig 12.4 1,530.0 0.05 1.0005
Turbine inlet temperature, °F 12.5 890 0.95 1.0095
Turbine exhaust pressure, in. HgA 12.6 4.10 0.09 1.0009
Turbine speed, rpm 12.3 4,150 0.15 1.0015

12.4 CALCULATION OF TURBINE
PERFORMANCE

The turbine throttle flow is determined by adjusting
the measured condensate flow for the condensate
pump gland leakage, the gland condenser drain
flow, the hotwell level change, and the steam jet
air ejector motive steam.

Throttle flow condensate flow + condensate
pump gland leakage flow + gland condenser drain
flow + hotwell storage change — steam jet air ejector
motive steam.

Throttle flow = 289,000 + 60 + 500 — 50 - 300

289,210 Ibm/hr

I

Throttle flow during test
Turbine power output during test

Test steam rate

289,210
48,477

5,966 Ibm/hp-hr

Test steam rate

The throttle steam flow is corrected to specified
throttle steam pressure and temperature.

v,
W, = w, Bs 1
Pt Vs
where
w = turbine throttle steam flow rate, |bm/hr
p = turbine inlet steam pressure, psia
v = specific volume of steam at turbine inlet

pressure and temperature, ft3/lbm
s = specified condition
test conditions

and
w, = 289,210 Ibm/hr
ps = 1,500.0 + 14.7 = 1,514.7 psia

vs at 1514.7 psia and 900°F = 0.48414 ft}/lbm
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p, = 1,530.0 + 14.6 = 1,544.6 psia
v; at 1,544.6 psia and 890°F = 0.46864 ft3/lbm

w, = 289,210 x \/1,514.7 046864
1,544.6 = 0.48414

= 281,775 Ibm/hr (35.503 kg/s)

Corrections for the test steam conditions deviating
from the specified steam conditions are made on a
percent change in steam rate basis using the figures
listed in Table 12.1.

The combined correction divisor (product of cor-
rection divisors) is 1.0124. The turbine test steam
rate is corrected to specified steam conditions.

5.966/1.0124
5.893 Ibm/hp-hr

Corrected test steam rate

I

The load corrected to specified steam conditions is
determined from the corrected flow and the corrected
steam rate.

Corrected test load = Corrected flow/Corrected steam rate

281,775/5.893

47,815 hp

The turbine is tested at a valve point with three
control valves wide open with the specified steam
rate to be determined from the valve point locus
curve at the corrected load (Fig. 12.2).

Specified steam rate = 5.9800 Ibm/hphr (2.0230 kg/kWh)

Corrected test steam rate is therefore 1.45% better
than specified.

Additional tests at other valve points can be run. At
conditions other than those specified, the appropriate
correction curves should be used. See Figs. 12.3
through 12.6.
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SECTION 13 — SAMPLE CALCULATION FOR A TEST OF
A REFURBISHED LP TURBINE USING
U.S. CUSTOMARY UNITS

13.1 DESCRIPTION OF UNIT

A refurbished low pressure turbine was installed
in a 950 MW nuclear power plant. The turbine
was a tandem-compound four-flow unit, with a
regenerative cycle and external moisture separator
reheater with saturated steam supplied from a nuclear
steam supply system. The generator was rated at
1,000 MVA at 0.95 power factor and 60 psig hydro-
gen pressure. The cycle had an auxiliary turbine for
the feedwater pump drive, six stages of feedwater
heating, and an HP heater drain tank. There was
no feedwater storage tank.

The unit was tested to determine the improvement
of performance with respect to the condition of the
unit, prior to the replacement of the LP turbine.

The reference performance for the comparison
was based on the results of a baseline test carried
out prior to the replacement. After the replacement,
a verification test was performed at plant operating
conditions close to those measured during the base-
line test conditions to determine the performance
improvement. Thus, corrections were applied to the
verification test, with the baseline test parameters
becoming the base reference.

13.2 DEFINITIONS

The definitions used in the equations in this Section
and the measurement results of the performance tests
(baseline and verification) are listed in Table 13.1.

Where constants are given, the engineering units
used are indicated; otherwise, the expressions apply
to any engineering unit system.

The convention f( ) is used to indicate “a func-
tion of.”

13.3 TEST DESCRIPTION: DESCRIPTION OF
INSTRUMENTATION

13.3.1 The actual performance of a steam turbine
is evaluated by a PTC 6 test. In this example, the
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expected performance of the replaced LP steam path
was given as an increase of electrical power output
defined as:

P = Pyge = Py

where
P, = power output increase
Pg, = power output prior to LP replacement
Pyer = power output after the LP replacement

The expected power output increase at 100%
thermal power due to LP turbine efficiency improve-
ment was, as per the above definition:

P, =12 MW

13.3.2 The actual change of performance was thus
determined according to the following procedure:

(a) Conduct of a steam turbine baseline test (refer-
ence test) prior to the replacement.

(b) Conduct of a steam turbine verification test after
the replacement, replicating to the extent possible the
operating conditions during the baseline test.

(c) Adjustment (correction) of the results of both
tests to equal operating conditions: verification to
baseline.

(d) Adjustment (correction) of both tests to nominal
condenser pressure (2 in. Hg abs in this example) and
nominal 100% thermal power (2,785.0 MW, in this
example).

For these tests, the existing measurement points
(pressure taps, sensing lines, thermowells, and flow
measuring devices) were used to the extent possible.
Dedicated test instrumentation was temporarily in-
stalled at these measurement points as indicated in
Fig. 13.1. The unlabeled measurement points on
Fig. 13.1 were used for reference purposes only and
are not involved in the calculations.

All test instrumentation was calibrated prior to
each test series.
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TABLE 13.1
RESULTS OF BASELINE AND VERIFICATION TESTS
Verification

Value Symbol Baseline Test Test Unit
p, feedwater to steam generator [paal 1,024.2 1,033.0 psia
w, feedwater to steam generator [wp 12,227,040 12,283,920 Ibm/hr
h, feedwater to steam generator [Fgea] 418.56 417.45 Btu/lbm
p, main steam and throttle [Prnsarl 964.85 973.00 psia
h, main steam and throttle [Amsar) 1,191.6 1,191.3 Btu/lbm
x, main steam and throttle [X,msatl 0.4 0.4 %
w, main steam and throttle [Winead 12,216,960 12,275,640 Ibm/hr
p, LPT inlet from MSR [Pipeil 198.47 191.17 psia
t, LPT inlet from MSR [f;pn'] 503.31 503.14 °F
p, LPT exhaust [Prprexi] 2.7200 2.7727 in. Hg abs

1.3356 1.3618 psia

p. SGFPT steamn supply [P 200.98 195.18 psia
t, SGFPT steam supply [tpi] 498.00 497.34 °F
w, SGFPT steam supply [wapil 124,600 127,469 Ibm/hr
t, hotwell [t 109.35 111.41 °F
t, condensate subcooling [t 2.26 1.38 °F
t, heater 6 condensate outlet [thirecol 161.17 179.35 °F
p. heater 6 extraction steam [Phersext 5.4314 8.2962 psia
t, heater 5 condensate outlet [titescal 226.84 228.06 °F
p. heater 5 extraction steam [Phersexd 22.224 22.251 psia
t, heater 4 condensate outlet [thracol 29917 294.41 °F
p. heater 4 extraction steam [Phrrsex 70.384 64.644 psia
p. heater 3 extraction steam [Phtrsexl 114.95 117.20 psia
t, heater 3 extraction steam [thertexd 430.53 433.18 °F
t, heater 3 drain (3 304.44 302.49 °F
p. heater 3 condensate outlet [Phtrical 465.92 463.47 psia
t, heater 3 condensate outlet [theracol 333.81 334,99 °F
t, feedwater pump discharge [r,gfpd] 347.09 348.84 °F
p. feedwater pump discharge [Psgipdl 1,192.5 1,203.3 psia
t, heater 2 condensate outlet [thrzcol 376.29 374.99 °F
p. heater 2 extraction steam [Phezexd 197.83 193.15 psia
t, heater 1 feedwater outlet [tes] 439.22 438.22 °F
p, heater 1 extraction steam [Phert ext 393.30 386.96 psia
w, drain pump discharge (Werpal 3,525,192 3,689,640 Ibm/hr
p. drain RHTR stage 1 [Priena) 527.88 518.87 psia
w, drain RHTR stage 1 [Wontrt ] 520,596 536,580 Ibm/hr
t, MS inlet second stage RHTR [treramsil 453.65 450.05 °F
p, drain RHTR stage 2 [Prir2d] 970.48 977.28 psia
w, drain RHTR stage 2 (Wontr2ai) 470,808 483,444 Ibm/hr
TTD reheater 1 [TTD gy 18.99 20.79 °F
TTD reheater 2 [TTD ] 37.65 38.70 of
reactor thermal power [Pl 2,766.4 2,782.9 MW
electrical power output [P 926.91 942.50 MW
power factor lpf] 0.9708 0.9707 .
cycle losses [Wetoss] 10,000 8,254 Ibm/hr

GENERAL NOTE: Symbols in brackets are used in equations.
w = mass flow

h = enthalpy

p = pressure
t = temperature
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Xx = steam wetness
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13.3.3 The flow measurements were performed in
accordance with PTC 6 and PTC 19.5 using three
different types of permanently installed flow measur-
ing devices:

(a) ASME nozzles for the feedwater flow.

(b) Orifices for the steam mass flow to the feed-
water pump turbines.

(c) Pitot sensors for the heater and reheater drain
and the drain pump discharge flows.

All these test elements were in-place devices.
Not all of these instruments had been calibrated
originally, and none of them was recalibrated or
inspected prior to the testing. Special care was taken
to ensure that these devices remained untouched
during the period between the baseline and the
verification test to ensure best repeatability.

The flows were calculated with the individual
geometric and calibration data available.

The water levels of the heater drain tank and the
hotwell were measured by direct readings of the
local indicators.

To determine the total net electrical power output
and the power factor, the voltage, current, and power
output of each generator phase were measured at
the station PTs and CTs according to the three
wattmeter method using calibrated precision instru-
mentation. These PTs and CTs were not removed
for recalibration; their original calibration data was
used. The H, pressure was recorded to ensure con-
stant (rated) setting.

The test data was recorded with a computer-
controlled data acquisition system especially set up
for performance testing.

The tests were run at nominal thermal power.
The test period was 2 hr and the data recording
frequency was 30 sec. Duplicate test runs were
performed to check repeatability and reduce random
test uncertainty.

The mean values of the measured pressures, tem-
peratures, and load were calculated linearly, whereas
the mean values of the differential pressures were
calculated as the square of the mean value of the
square root of the individual pressure differentials.
Further processing of the test data consisted of a
statistical analysis for maximum/minimum values,
standard deviation, covariance, zero/negative values,
and eccentricity. The test results summarized in
Table 13.1 are the mean values calculated from a
total number of 240 readings per test.

13.3.4 A properly isolated water/steam cycle is
mandatory to provide a high level of test repeatabil-
ity. The cycle was isolated following as closely as
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possible the recommendations of PTC 6. The cycle
isolation procedure was meticulously recorded to
be able to repeat as exactly as possible the baseline
isolation conditions for the verification tests. The
following methods were applied to verify a proper
and repeatable cycle isolation:

(a) Visual inspection of steam blowing to the atmo-
sphere and water leakages.

(b) Local inspection of the required setting of the
cycle valves.

(c) Measurement of the upstream and downstream
temperatures at the valves and comparison with the
corresponding temperatures recorded during the pre-
vious test.

(d) Sensitivity tests with open and closed valve po-
sitions to determine repeatability of isolation.

(e) Verification that the PTC 6 requirement for un-
accounted-for leakages (<0.1% of main steam flow)
was met for all tests.

13.4 CALCULATION DESCRIPTION

This sample calculation was conducted with the
data of the baseline test. The procedure is identical
for the verification test. At the end of this Section,
the correction of the results of the verification test
to the operating conditions during the baseline test
is described. Test data for both tests is included in
Table 13.1.

13.4.1 Calculation of Mass Flows. The cycle losses
were determined by measuring the water level drop
in the hotwell during the test (the make-up water
was isolated). The hotwell cross section area was
assumed as constant. Reductions of cross section
area due to hotwell internals were not taken into
account.

The determined unaccounted-for cycle losses were

[Weiossl = 10,000 Ibm/hr

(a) Total Feedwater Mass Flows: ASME Nozzles.
Calculated according to PTC 6 and using the original
calibration data.

[wg) = 12,227,040 Ibm/hr

This number is the sum of the individual mass
flows measured at each of the three feedwater lines.

(b) Steam Mass Flow to SGFPT: Orifice Plates. Cal-
culated according to PTC 19.5 and using the design
geometrical data.
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[Wpul = 124,600 Ibm/hr

(c) Total Mass Flow at Drain Pump Discharge. Cal-
culated according to the data sheets of the manufac-
turer of the pitot sensors and the nominal pipe di-
ameter.

[Warpdl = 3,525,192 Ibm/hr

Condensate Flow

[(Wal = [Warpdl
12,227,040 - 3,525,192
8,701,848 Ibm/hr

[ Wcond]

(d) Main Steam Flow From the Steam Generators

[wed - [Wc-'oss]
12,227,040 - 10,000
12,217,040 Ibm/hr

[wpd =

taking 100% of the unaccounted-for cycle losses as
main steam losses.

(e) Steam Mass Flow to the LP Turbines. This mass
flow is not used for the verification; it is determined
only for reference purposes.

[Wfpnnsi] [(Weond = [Wfpﬁ] — [Weigss] — 24,768
8,701,848 - 124,600 - 10,000 - 24,768

8,542,480 lbm/hr

The value of 24,768 |bm/hr above accounts for
the main steam valve leakages and for the sealing
steam from the HP turbine. These mass flows were
not measured but assumed to be equal to the design
values.
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13.4.2 TTD Reheaters
(a) Reheater 1

Prhindr = 527.88 psia; = Saturation Temperature
= 472.64°F
TTDpn = 472.64 = [tpyomsil

472.64 - 453.65= 18.99°F

(b) Reheater 2

Prhir2dr = 970.48 psia; = saturation temperature
= 540.96°F
TTD 2 = 540.96 — [t,] = 540.96 - 503.31

37.65°F

13.4.3 Condensate Subcooling. Condensate sub-
cooling is determined as the difference of the satu-
rated temperature of the LP exhaust steam at con-
denser pressure and the hotwell temperature.

LP-Turbine Exhaust Pressure: pjgexh = 2.72 in. Hg abs
= 1.3356 psia
saturation temperature = 111.61°F
Hotwell temperature: ty, = 109.35°F
Condensate subcooling: t;, = 111.61 = [tp,]
= 2.26°F

13.4.4 Main Steam Moisture Content. The main
steam moisture content x,, at the outlet of the steam
generators was assumed to be 0.0%. To account
for pressure drop, the moisture content of the main
steam at the throttle valves was assumed to be equal
to design with x,,,, = 0.4%. This value was used
for the calculation of the thermal power.

13.4.5 Calculation of Thermal Power. The thermal
power, Py, of the unit was calculated as follows:

Py = (Wms X Bgald = (Wi X hyg,)
where

[hiw] = fllpgal, [tzl)

= f(1,023.0 psia, 439.22°F) = 418.56 Btu/lbm
thisarll = fllpmsad, [Xmsarl)

= f(964.85 psia, 0.4%) = 1,191.6 Btu/Ibm
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thus

P = (12,217,040 x 1,191.6 — 12,227,040
x 418.56) x C = 2,766.4 MW

where C is the conversion factor of [Btu/hr] = [MW]
= 1/(3,412.14 x 1,000)

13.4.6 Test Corrections. The overall plant op-
erating conditions were replicated to the extent
possible for the baseline and verification tests. Non-
identical LP boundary operating conditions between
the baseline and verification test (e.g., feedwater
mass flow, final feedwater temperature, condenser
pressure, main steam pressure) were adjusted to a
common reference framework using the appropriate
correction curves. The following corrections were
applied:
(a) The Group 2 corrections were

(1) Power output versus main steam pressure

(2) Power output versus condenser pressure

(3) Power output versus steam mass flow to
SGFPT

(4) Power output versus RHTR stage 1 TTD

(5) Power output versus RHTR stage 2 TTD

(b) The Group 1 corrections were

(1) Power output versus final feedwater temper-
ature

(2) Power output versus condensate subcooling

(3) Power output versus condensate make-up

(4) Power output versus generator power factor

13.4.6.1 Baseline Test Correction. The baseline
test was corrected only for condenser pressure and
thermal power using the following definition:

P.. baseline = P, baseline P, 100% nominal
CD, Py, baseline
Pec baseline = corrected electrical turbine
output (baseline test)
P, baseline = measured electrical turbine
output (baseline test)
Py, baseline = thermal power (baseline test)

P 100% nominal = nominal  100%  thermal
power = 2,785 MW

correction divisor to account
for [in. Hga] change in con-
denser pressure [dpjyexsl re-

ferred to 2 in. Hga

cD,,

APPENDIX A TO PTC 6, THE TEST CODE FOR STEAM TURBINES
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Correction curve equation (for the original LP
turbine):

€D, = 0.94836 + 6.4450E-2 [plyexn] ~ 2.4678E-2 [pypexhl?
+ 2.6692E-3 [pprenn]’
Plptexh = 2.72 in Hg abs.
CDg, = 0.9948
Thus, the corrected result of the baseline test was:

926.91 y 2,785
0.9948 2,766.4

P, baseline = 938.0 MW

P, baseline =

13.4.6.2 Verification Test Correction. The cor-
rected power output of the verification test was
obtained using the following expressions:

P e _verification

CD

Pec verification =

P, X
th 100% nominal +dL

g

verification P th verification

P

oc verification = corrected electrical turbine

output (verification test)
measured electrical turbine
output (verification test)
thermal power (verification
test)

nominal  100%
power = 2,785 MW

Pe verification
P:h verification

Pth 100% nominal thermal

dL, = change of generator losses
CD\erification = correction  divisor, deter-
mined as the product of all
correction divisors applicable
to the verification test
CDyerification = CD1 + CD2 + CD3 + CD4 +

CD5 + CD6 + CD7 + CD8
(a) CD1 correction curve equation: correction divi-
sor to account for percent change in main steam pres-
sure [dppgg

CD1 = 1+ 0.1565E-2 [dppnsa] = 0.1342E-4-[dpnep?
973.00 - 964.85
DPmsar = ——— 22200 100 = 0.84%
Pmaat 964.85
CcD1 = 1.0013

(b) CD2 correction curve equation: correction divi-
sor to account for [°F] change in final feedwater tem-
perature [dltg,]
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CD2 = 1 + 3.603E-4 [dty,] + 2.0545E-6 [dtjp]2
dtg, = 438.22 - 439.22 = —1°F
CD2 = 0.9996

(c) CD3 correction curve equation for the replace-
ment turbine: correction divisor to account for a devia-
tion of condenser pressure [dpjexl referred to the
design value of 2 in. Hg abs

CD3 = 0.93443 + 8.0840E-2 [piprexpl = 2.9817E-2 [pyprennl?
+ 2.888E-3 [pjprexnl’

Piptexh = 2.7727 in. Hg abs

CD3 = 0.9909

(d) CD4 correction curve equation: correction divi-
sor to account for a percent change in steam mass
flow to SGFPT [dwg,]

CD4 = 1 - 9.567E-5 [dwip] + 1.146E-6 [dw;p)?
27,469 - 124,6
dwp = 22289 2124800, 406 — 3 30%
124,600
CD4 = 0.9998

(e) CD5 correction curve equation: correction divi-
sor to account of a percent change in steam mass flow
to RHTR stage 1 [dW p14d

CDs = Ao + A Idwrillrl dr]
536,580 - 520,596

dw, = - - x 100 = 3.07%

rhtrl dr 520,596 L
TTDyyn = 20.79°F

D, °F —As M

17.0 1.00003 -4.861E-5
20.8 1.00002 -4.906E-5
26.2 1.00083 —4,958E-5
29.8 0.99999 -4.981E-5
33.4 0.99915 -5.024E-5
38.8 0.99787 =5.047E-5

For a TTD between two of the above lines, a linear
interpolation at the specific flow point is required.

CD5 = 0.9999
(f) CD®6 correction curve equation: correction divi-

sor to account for a percent change in steam mass
flow to RHTR stage 2 [dw py241
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CD6 = Ba + B'I [dwrhrddr] + BZ [dw{hfrzdr]:
483,444 - 470,
AW gr = 8 470,808 x 100 = 2.68%
470,808
TTDpy, = 38.70°F
TTD, °F B, B, B,
17.0 1.00074 3.912E-5 1.274E-7
20.8 1.00051 3.759E-5 1.258E-7
26.2 1.00020 3.549E-5 1.278E-7
29.8 0 3.404E-5 1.270E-7
33.4 0.99981 3.259E-5 1.282E-7
38.8 0.99953 3.039€E-5 1.274E-7

For a TTD between two of the above lines, a
linear interpolation at the specific flow point is
required.

CD6 = 0.9996
(g) CD7 correction curve equation: correction divi-

sor to account for a °F change in condensate subcool-

ing [dt]

CD7 = 1 - 1.111E-4 [dt,]
dt,c = 1.38 - 2.26 = —0.88 °F
CD7 = 1.0001

(h) CDB8 correction curve equation: correction divi-
sor to account for a [Btu/hr] change in make-up water
heat flow [dE,,,)

CD8 = 1.0000 - 2.451E-8 [dE,,,] = 1.0000

Because the cycle was properly isolated during
both tests the make-up water heat flow [dE,,,} = 0.

CD8 = 1.0000

Summary of correction divisors for the verification
test is as follows:

Correction divisor to account for changes in:

Main steam pressure CD1 1.0013
Final feedwater temperature CD2 0.9996
Condenser pressure CD3 0.9909
Steam mass flow to SGFPT CD4 0.9998
Steam mass flow to RHTR stage 1 CD5 0.9999
Steam mass flow to RHTR stage 2 CD6 0.9996
Condensate subcooling CD7 1.0001
Make-up water energy flow CD8 1.0000

Combined divisor CD g ifcation 0.9912

dL,: change of generator losses due to differences
of power factor
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Generator losses equation:

2
L = 3.83536 - 1.66033E-3ﬂ+ 8.62963E-6 %

[pf] [pA1?

and the change of generator losses:

df—g = Lpf verification — Lpf baseline

or

dL

I

1 1
1.66033E-3 [Pe vnriﬁcan'on] ( - )
[P f-base.'i'ne] P{veriﬁcarian

1 1
+ 8.62963E-6 [Pe verfﬁcali't}nl ( 7= 1)
Pleerification”  Pf baseline

dL, = 1.66033E-3 x 942.50 (; - ! )
0.9707 0.09708

+ 8.62963E-6 x 942.50 (; - 1_)
097072 0.9708?

APPENDIX A TO PTC 6, THE TEST CODE FOR STEAM TURBINES

170

dL, = approx. 0

The corrected result of the verification test was

942.50x 2,785 .
0.9912 2,782.9

951.6 MW

Pec verification =
PEC verification =

13.4.7 Performance Verification Equation. With
the so calculated and corrected results, the actual,
measured increase of the power output resulted in

P ec baseline

(951.6 — 938.0) MW
13.6 MW

Pl‘ = Pec verification =

3
o

or

13.6 — 12.0 = 1.6 MW better than expected.
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